A CATALOG OF CURRENT DER APPROACHES AND
INCENTIVES o

INTRODUCTION
T‘his.chapter catalogs various approaches that states and utilities have used o b‘e‘éin integrating
distributed energy resources (DER) into evolving energy markets.® Hs intent is to offer insights about

what has been tried to date, and starting points for designing win-win incentive approaches that ¢an
benefit multiple parties, and can be implemented through collaborative stakeholder efforts.

The discussion concentrates less on technical features than on market mechanisms, regulatory
constructs, and relationships among participants in these programs. Jt describes each program approach,
and provides examples (sometimes differing only slightly in design). Although specific attributes of the
approaches may vary by location, regulatory jurisdiction, participants, target applications and other
features, the examples illustrate basic concepts that can be combined, expanded, refined and applied to

different circumstances.
- Table 1 below provides an overview of the chapier. The table is organized roughly according to the

ests on which each approach focuses —i.e., the interests of the distribution utility, the bulk

- primary inter
power utility, the DER customer, or society at large. These interests are not mutually exclusive, and they

overlap in many of the examples. Still distinguishing them in broad terms provides some stru '
. g . . ctur
 thinking about which approaches might be most useful for what purposes. ' o for

For eaf:l.l 'of the pril'{lary intér.e.sis identified, the table lists various approaches that iegislators; feguiatOrs
and utilities have tried to facilitate DER or to take advantage of its attributes. For each of the approache;

.' : li_sted,.t_h.e table shows ~
| .. o examples of statés and utilities that have tried it
o the stakeholder(s) that have driven the épproach
"o the need(s) addressed by the approach
« any incentive(s) offered by the utility

N any incentive(s) offered o the utility, and

5 DER’ as used here includes not only distributed generation (‘DG’), but also demand reduction and demand-side management
(collectively, ‘DSM’) resources. Where programs are directed primarily or exclusively to DG or to DSM, those acronyms may be used
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o  distinguishing features of the appro_ach
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DESCRIPTIONS OF RECENT APPROACHES TO DER MARKET INTEGRATION ;

1. Distribution Utility Focus: enhancing system rehabmty through cost-effective asset deployment '

1 A New York and California public utlhty comm:sszons requ:re utliltaes to :
~evaluate DG

as a distribution a!ternatlve, and seek to acqurre it where |t is cost— .

: effective . o :

1.B: Orange & Rockland and Massachusetts Electric target incentives to _
customers that curtail load or dlspatch backup generators to enhance
grid reliability. . '

1.C: Portland General Electric and Madison G&E contract with customers to
use their backup generators to enhance gnd reliability.

1.D: Green Mountain Power negotiated an agreement with a large
customer that requires the customer to curtail load based on grld
reliability criteria. _

1.A: New York and California public utility comrmissions require utilities to evaluate
DG as a distribution alternative, and seek to acquire it where it is cost-effective

New York Program Description: Having already adopted standardized interconnection.
requirements for small generators, in October 2001 the New York State Public Service -
Commission (NYPSC), established a pilot program to develop policies and procedures to .

' mtegrate DG into utility distribution planning.” The program’ ’s objectives are: '

e tO detenmne whether distribution system needs can be satisfied
on a least-cost basis by creative and competitive means;

« to develop case-specific information on DG costs, benefits, and -
impacts across a range of distribution system conditions;

« to refine methods for evaluating customer-owned DG proposals
against traditional system improvement projects;

« to determine whether a competitive process using requests for proposals
(RFPs) is a viable and optimal means of ehcmng a market response
to the utility’s distribution system needs

The program requires New York utilities to develop and issue RFPs for customer-side DG to
meet specific capacity needs on their systems. Each utility is responsible to identify system needs
that DG projects might meet, and to issue two RFPs in each planning year to potential DG

7 State of New York Public Service Commission, Opinion No. 01-5, Case 00-E-0003, Proceeding on Motion of the Commission
to Examine Costs, Benefits and Rates Regarding Distributed Generation, p. 8. The Opinion did not address interconnection
costs or standby rates, which are the subject of separate cases or orders. .

~ *1d., pp. 8-9.
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| " customers or vendors.’ Utilities can meet up to 50% of thie needs identified in their REPs with
utility-owned DG. The RFPs must: o .

o address system needs at least 18 months in the future
| consider orily technically feasible DG that can meet those needs

solicit DG to meet load growth, for substation construction or expansion, or for projects
on a radial distribution feeder where load may be temporarily islanded

_ {_;o_nsider DG only for utility needs exceeding the following cost thresholds: 10

Table 2. New York Cost Thresholds for DG Distribution Deferrals

Utility Distribution Project Cost Threshold
Consclidated Edison : © $750,000
Niagara Mohawk : $750,000
New York State Gas & Electric ~ - $500,000
‘Central Hudson S -5560300
. Rochester Gas & Electric (or if not enough projects
Orange & Rockland Utilities are identified, $250,000)

: Féur atilities'! issued their first RFPs in 2002-03 for projects scheduled to come online in early
2004 or later. RFPs were issued only o pre-qualified bidders meeting certain minimum
qualifications, and their content has not yet been made public. However, technical and cost

evaluation criteria for proposed DG projects can include:

' costs to modify the system (allocated on a first-served basis)

"« the need for a dedicated t;ansfbrmer to avoid islanding
« * proposed redundancy to ensure minimum reliability standards
e potential lost revenues resulting from DG installation. 12

The four utilities that have issued RFPs are expected to submit summary reports to the
Commission during the Fall/Winter of 2003. These reports should document DG costs, vendor
- response, and experience integrating DG into utility planning. To our knowledge, the RFPs
issued to date have not yet resulted in actual DG projects. At the end of the three-year pilot
program, all utilities must submit final reports on their RFP results and pilot program efforts, to

be used to refine future DG policies and programs.

® Except that Conso]idated Edison must issue four in the program’s third and final year.

10
id., p. 10,
1t consolidated Edison, Orange & Rockland, Niagara Mohawk, and New York Gas & Electric. The PSC has allowed the

remaining two utilities an additional year because it issued its original order in November of the first year.
12 The Order did not require utilities to evaluate the environmental impacts of DG proposals, although final program reports are

expected to address these. 1d., p. 28.
23



California Program Descriptions: Since 2001, California statutes have reqdired investor-
owned electric utilities, as part of distribution planning, to consider non-utility owned distributed
resources as alternatives to distribution system investments.'> A February 2003 decision by the
California Public Utilities Commission (CPUC), which also permits utility-owned DG; adopted a
sirnilar requirement.“ Among other things, it ordered California IOUs to describethe - :
methodology each would use to evaluate DG as a distribution altemative, and to develop model
contracts to acquire DG for that purpose. The decision states that the methodology should: |
«  establish performance criteria that balance reliability, safety and cost to determine when
DG is a viable distribution alternative; L

~inform DG providers of these criteria in advance, and of spéciﬁc locations whefe DG
may be procured; ' ) T

procure the DG solution where the utility determines that it is a potential distribution
" alternative; : SR

develop model contracts as a starting point for negotiations with nonuti}ity providérs;“
and : ' T

e pay DG providers who defer distribution upgradeé through a bill credit or direct payment,
These credits or payments are to be charged to utility distribution budgets, and cannot exceed't.he
utility’s short-term carrying cost of capital, multiplied by the cost of the planned distribution
addition and the number of years of deferral.'® In allowing the utilities to own DG assets, the
decision provides that these are to be treated as generation assets, with costs and revenues

booked to generation accounts.'’

California’s three major electric I0Us have made very similar compliance filings describing their
DG evaluation methodologies. Pacific Gas & Electric (PG&E) and Southern California Edison
(SCE) described an imitial screening of distribution projects and a comparison of wires solutions
with an “ideal’ DG alternative. Where the DG alternative appears less costly, the utility will -
analyze it in more detail. If it appears to offer an appropriate distribution alternative, the uﬁiity

will issue an RFP to acquire it.

Proposals submitted in response to the RFP, along with DG proposals developed internally (at
Jeast for SCE) will be screened for technical adequacy. For those that pass, their costs will be '
compared with the costs of the utility’s wires solution, and the least-cost alternative will be
pursued. If that is the DG alternative, the DG provider must execute the utility’s model contract:
or one similar to it, and assure project completion by a drop-dead date that allows the utilityto

revert to its wires solution if necessary to meet its required in-service date.

13 California Public Utilities Code §353.5. : _
4 1y, 03-02-068, issued February 27, 2003 in R. 99-10-025. This rulemaking chose to focus on distributed generaribﬁ; rather than

the broader category of distributed energy resources (which would include conservation, efficiency and load management), so
this discussion of California initiatives sometimes refers to ‘DG’ rather than ‘DER’ S
15 The CPUC does not intend to mandate or adopt specific contract terms. 1d., p.20.
16 1d,, Order, paragraphs 4 and 5.
¥71d., p. 26 and Ordering paragraph 6.
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San Diego Gas & Electric’s (SDG&E) process is similar, but includes explicit evaluation
guidelines to identify situations that may favor DG. More importantly, SDG&E would substitute
its normal equipment procurement process for the RFP approach proposed by the other two |
utilities, potentially reducing transactions costs for all participants. This process would
periodically identify potential DG vendors in advance, and would pre-qualify them based on
relevant experience and credit-worthiness. Once potential DG projects are identified, only pre-

qualified vendors would be solicited to bid on them,'®

These utility DG methodologiés to acquire DG as a distribution alternative were ﬁ.led_- in May,
2003, and apparently had not resulted in actual DG procurements for that purpose by the end of

the year.

Distinguishing Features of the New York and California Examples

- 1. New York

Regquirement that utilities participate in a process to procure DER
 as an alternative to traditional utility approaches

Two-stage RFQ/RFP process designed to elicit customer and third-p
DG solutions that utilities might not otherwise consider S

Little success so far in stimulating new DER installations, because program
design has not yet synchronized utility needs with DER provider needs.

2. Caiifornia

California’s DER pIanning and procurement approach was one of a number of direcﬁvés to
emerge from a multi-year Commission proceeding involving all major DER stakeholders.

The pio_cess contemplates that utilities and DER providers will negotiate bilateral contractsusing‘ _
model provisions submitted to the Commission as a starting point. T :

The méthbdology described by SDG&E offers more explicit evaluation guidelines and possibly a
more streamlined DG procurement process than the other IOU approaches, but ' ,

all have yet to be tested in practice.

18 Apart from procuring DG as a distribution alternative, California I0Us have resumed responsibility for procuring roughly 10%
of their customers’ bundled service power not supplied by the I0Us’ retained nuclear and hydro resources, or under long-term
contracts, CPUC rules governing this broader procurement responsibility direct the wtilities to explicitly include DG and ‘self-

such as CHP in their procurement plans, stressing that these technologies can provide important

-support benefits as well as energy and capacity. The Commission also expressly includes customer-side

d procure under California’s recently edopted renewable portfolio standard,

generation’ resources

transmission and grid
renewable DG among the resources utilities shoul

25



" 4.B: Orange & Rockland and Massachusetts Electric target incentives fo customers

that curtail load or dispatch backup generators to enhance grid reliability.

Orange and Rockland Description: In 1997, New York’s Orange and Rockland Utilities
(ORU), a transmission and distribution (T&D) company, had in place programs to encourage
primary and secondary customers to relieve load on its system. Its Curtailable Load (CL)
program offered those customers financial incentives in the form of summer bill credits for
curtailing their load within four hours of the utility’s request, for up to 75 hours during the
summer. Its Temporary Buyback (TBB) program encouraged customers with back-up generation

o 1o interconnect, and paid them to deliver 250 kW or more onto ORU’s grid at its request.

- waysto

 ORU recognized that the costs of these programs were high, and assembled a team to explore

reduce costs and increase program efficiency. One way to do this was to target specific

' geographic locations on ORU’s system where peak load relief would offer the most T&D value,
" so the team evaluated what ORU should be willing to pay and in what form for such benefits at |
these locations. Their analysis resulted in regionally-based incentives that recognized T&D. '
benefits as a value separate from capacity in areas where the utility needed local relief. In those’

- areas, ORU offered an additional $3/kW T&D component to the payments it was already '

" offering for load curtailment and for temporary. buybacks from customer back-up generation, as

illustrated in the following table: o o o ¥

Table 3. Orange & Rockland TBB Incentives _Recogpi?ing Regional T&D Benefits

‘ 7 Additional ‘
REGION. Capacity Rate — TBB* | T&D Rate Total Rate
1_ . S2W - $OMW. SRW
2 $2KW T S0/RW 7 TOTW
3 $2/kW SIKW T

" % The CL rate was $3/kW.

ORU’s geographic T&D adder significantly increased the amount of contracted kW load relief
imaintained after the summer 1998 peak season: from 81% in ORU’s service territory generally,
to 94% in the high-value region where ORU offered geographically-based T&D payments. In
other words, by differentiating price signals to its customers; ORU targeted system relief more
" effectively and paid for it more efficiently. Customers initially responded and continued
participating in the load relief program. Over time, ORU’s overall incentive payments declined
t00 much relative to customer curtailment costs, participation rates dropped, and the program

was ended.

However, the program’s early success revealed that customers are Willing to relieve utility load if
the incentive price offsets their own costs of providing relief. High enough incentive payments, .
reflecting geographically delineated T&D benefits, can successfully target load relief programs

to areas of the utility’s greatest need.

Two aspects of ORU’s program may be useful in designing future approaches to integrate DER
as a utility resource. First, the program led to an important partnering opportunity. Cummins
Metro Power owned and operated more than half of the potential on-site generation resources in
the area. ORU was able to partner with Cummins to simplify the dispatch process and reduce the
utility’s overall program costs, initially making the TBB portion of the program viable and

successful.
26



- Secondly, the 'ORU team learned that significant benefits can flow from a temporary buyback
program Jifferentiated by location. About 50% of the total potential peak load reduction capacity
in ORU’s service territory resided in a single region. This region relied on load reduction to
address limited area transmission capability, adding value not only locally but to the overall
system, If this area were to become overloaded, catastrophic electrical failures could oceur

- throughout the system, so ORU had more incentive to secure adequate load reduction contracts

in this region than in the rest of its service territory.

. Massachusetts Electric Program Descriptieﬁ:” Massachusetts Electric (National Grid)
" identified a need to invest $1.2 million to increase capacity at its Belmont Street substation in
. . Brockton, Massachusetts. The need resulted from high loading during relatively few hours of the

- year.

‘.~ Mass Electric wanted to determine if it could contract with customers for enough curtailment of

= 1oad served from the Belmont substation to defer this investment. The utility set up the pilot in

. summer 2002 learn whether this approach could work and could be expanded to other areas, and
- specifically to learn: _ .

1. whether the utility could acquire enough curtailable load from the target area’s larger
customers, to minimize transaction costs by dealing with fewer customers

2 whether customers would agree to curtail in the event of a multi—day heat spell, and
would offer enough capacity on the later days to meet system reliability requirements

_ " 3. what minimum incentive would be needed to acquire the necessary capacity, and
 whether it would exceed $.50/kWh

4. what load management measures customers could implement

5. if the pilot succeeded, how the utility could integrate similar programs into its plan: ing
criteria for different locations. :

- The Brockton area substation had a design capacity of 45 megawatts. Mass Electric estimated
that its peak load would need to be reduced by 950 kW by summer 2002. The quickest and most
efficient way to do this'was to work with larger customers, whose loads exceeded 200 KW. The
substation served 25 such customers, of which 10 voluntarily agreed to participate in the
program.: They offered a potential load reduction estimated at 650-2,300 kW, based on their load

 profiles and controls expected to be in place by summer.

The utility conducted energy audits and enrolled participants in its existing DSM programs.
Seven customers had energy management systems, and three of those were remotely .
controllable. The other participants relied on local personnel to control equipment manually. All
ten were enrolled in the Northeast ISO Load Response Program and eligible for payments under
that program in addition to the Mass Electric incentives. : '

19 gource: “Report on the Load Curmiimem Piiot Program in Brockion” by Massachusetts Electric Company, October 31, 2002;
as submitted 10 the Massachusetts Department of Telecommunications and Energy.
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Mass Electric notified these customers of curtailment events by email, giving them 30.‘1niﬁﬁtes o -
reduce their load to a pre-determined level, and Internet access to view their facility loads in real
time during events. For load curtailed during each event, it paid customers a $.50/kWh incentive.

The utility decided to call for curtailment when the area substation experienced a 3MWload
for more than 15 minutes, or grew quickly from 43 to 44 MW. It called four events totaling 17
hours during summer 2002, two in July and two in August. Eight customers participated on three
days, and seven participated on the fourth day. Their average load reduction ranged from 675— © -
862 KW/hour, and the maximum reductions for all customers ranged from 1,231-2,300 "
KW/hour. ' _ : R
Mass. Electric achieved its primary goal of keeping the substation load below 45 MW; paid
participating customers a total of $6,454; and considered the pilot a success. Lessons learned -
included the importance of: e

1. planning for diversity of curtailable load, so every customer need not curfail lfo:r:'every L
day of longer-term events; : o S LT

2. leveraging participation by al]owihg customers to take advantage of demand }eépdnse
programs offered by others (here, the New England ISO’s program); .~

3. .committing to multi-year customer load response pfografns,' which take léngei‘. '
to implement than installation of utility equipment. S

“Distinguishing Features of the Orange & Rockland and Mass Electric Examplés: L

Orange & Rockland:

« Payments to DER providers were based on area-specific analysis of the value
of load deferral or curtailment in a specific utility planning region. -

e The utility reduced some utility-specific interconnection costs to induce DER prAOViderS_ L
to site projects where it needed grid support. : ST
Mass Electric:

This pilot approach was driven by the utility’s desire to defer an identified construction - -
project. , o _

-

The $.50/kWh incentive was sufficient to attract customers and easy to uﬁdei-stand (no- "
hourly variations or dependence on wholesale market prices). S
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1.C: Portland General Electric and Madison G&E contract with customers to use their

‘backup generators to enhance grid reliability.

Portland General Program Description: PGE contracts with customers with backup' S
generators to allow the utility to operate the units for up to 400 hours annually. In exchange,

PGE will:
upgrade switchgear to pennit grid synchronization
‘install control and corﬁmunicatioﬁ hardware

- assume all maintenance, repair and operation costs (including fuel used during utility

-+ ipterruptions)

providé additional sound attenuation
- add more fuel storage capabilities

test the system monthly under full load.

PGE networks the backup generators into its control center so utility operators can dispatch them
as part of its system. The utility outsources maintenance and repair, and guarantees a 4-hour
response when the generator is not functioning. Customers served by a competitive supplier can
opt to participate in the program. In that case PG&E, the customer, and the supplier negotiate an
~ agreement t0 provide accurate billing and accounting for power used during outages. '

~ Since PGE owns tl}e switchgear, the generator outpﬁt is.considered PGE power. This avoids:
customer tax liability and FERC jurisdiction over wholesale power sales. Customers must sign a
Dispatchable Generation Agreement with early termination penalties. : _

PGE installs oxidation catalysts on all engine generators in the program to reduce carbon
monoxide and hydrocarbon emissions. It is exploring the use of dual-fuel systems that burn
natural gasina diesel engine, displacing 80-90% of the diesel fuel with cleaner natural gasi PGE
obtains air permits from the Oregon Department of Environmental Quality for all generators

enrolled in the program.

Madison Gas and Electric Program Description: MG&E’S Backup Generation Program is a
pilot limited initially to 50 MW of customer load. Ata customer’s request, MG&E will install
and maintain a natural gas or diesel backup generator at the customer’s facility. The utility -
reserves the right to operate the unit to enhance grid reliability or to meet other system
requirements. The backup service must equal the facility’s highest annual demand. Customers
initially pay $1.48/month/KW for new contracts involving diesels, and $3.45/month/KW for new

gas generators.
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Each customer must sign an agreement with Madison G&E wherein they agreé 10 accept service

for a term of three years or pay an early termination penalty. The agreement is automatically -

' renewed after the initial three year term, absent written notice from either party. The monthly
charge is guaranteed for the initial three year term, after which it reverts to the tariff rate in effect

. at the time. The customer must provide a suitable Jocation, a concrete mounting pad, all o

necessary easements and right of ways and necessary permits. Any non- standard features such

as noise abatement or landscaping are billed to the customer as contnbutlons in advance of

: cons_tmctaon
Distinguishing Features of P.ort!and General ‘E_i'ect'ric.: and Madison GAE E’?émp!es:l
PGE: | S
- The utility dispatches output from customer generators as utility réédu_réé. D
o - The utility assumes 0&M résponsibi}ity and ﬁonfperfonnance risk for nbn-ﬁtil-ity -
eq’nipment. : '
"Madlson,
 . The ut;hty desxgns installs and owns backup generators at customer Iocatzons
. The customer charge is determined through the ratemakmg process. ,
'+ The service is billed on the customer’s normal utility bill:

'+ Customer payments represent value-added service revenues for the utility.

1.D: Green Mountain Power negotlated an agreement with a large customer that
requires the customer to curtail load based ongnd reliability criteria.

Green Mountain Power Program Description: 20 Vermont’s Suga:rbush Resort wanted to
increase snowmaking capacity at the ski area by 15 MW. Green Mountain Power (GMP) would
have needed to charge Sugarbush $5 million for the necessary line extension. The utility, the
customer and Vermont’s Public Advocate formed a collaborative team to explore alternatives,
and state regulators later approved the approach they developed. : :

The collaborative solution had two components:

1. A customer-managed mterrupt]ble contract under which Sugarbush ensured that the load
would not exceed the distribution line’s 30 MW carrying limit, and installed real-time
metering and telemetry to read substation loads. Under this arrangement, Sugarbush not
only avoids the line extension charge, but receives value for load management in the
form of a rate discount for purchased electricity.

 pased on a report by the Reghlatafy Assistance Project, “Distributed Resources and Electric System Reliability”, 2001, p. 16-18.
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7. A concentrated effort by GMP to improve energy efficiency and lower peak‘ demand

* throughout the entire region. At the Public Advocate’s urging , GMP focused some of its
demand-side management programs in the area, including among numerous measures
converting electric water and space heaters to alternative fuels. = ' :

Distinguishing Features of the Green Mountain Power Exampleﬁ

A single customer would have borne the line extension costs, providing strong motivaﬁon to fmd
alternatives. - S - S
The customer’s interest encouraged participation by the utility and the regtlatory and public

interest community; participants ob_served that GMP would have been less likely to participate if
upgrade costs were socialized through the tariff, regardless of cost-effectiveness. . P

Key stakeholders participated in a collaborative process that yielded win-win solutibns for all .

parties. - .

The curtailment contract requires the customer to take into account the load of other substation

‘customers while managing its own load, engaging it in area load management beyond its own

facility. - P

The program combined the immediate needs of one large customer with a broader, longer-term
' strategy to reduce system demands in surrounding areas.”! -

2. Bulk power utility focus: Mitig'até wholesale prices and transmission congestion.

2.A: Metropolitan Ed-isoh and AMP Ohio installed distributed generation to
provide peaking wholesale power, transmission reliability, and
transmission congestion mitigation.

2 B: Public Service of New Mexico and Commonwealth Edison contfact with . .
third party aggregators for access to capacity available from customer- )
sided generators/ioads. _ - L

2.C: The Bonneville Power Authority, the New York 1S0O and Public Service Electric

and Gas ,
pay customers to reduce their facility energy demand when requested.

2.A Metropolitan Edison and AMP Ohio installed DG to provide peaking |
wholesale power, transmission reliability, and transmission congestion

mitigation. |
Met-Ed Program Description: Metropolitan Edison (First Energy) installed about 100 MW of
diesel generators at eight Met-Ed substations in Pennsylvania. The generators were first used in

GMP largely abandoned the follow-on DM work once the reliability challenge was met, suggesting
purpose DSM programs must be carefully worked out with regulators or other program advisors, .
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the summer of 2001 as an alternative to purchasing peak energy from the PJM spot market. This
resource has also provided system reliability benefits.

Since summer 2001, Met-Ed has leased the gensets from Cummins Power. They are connected at
© 19.9 KV to the Met-Ed distribution system and are physically located within the substation
fence. Cummins owns the equipment, and has installed a communication network that allows

remote dispatch of the units.

_ In the first year of operations, Met-Ed system operators dispatched the units to mitigate prices
. when the Locational Marginal Price (LMP) at PJM’s local pricing point exceeded $80/MWh.
They also used the generators to provide contingency transmission support when a lightning
strike at a nearby 230 KV substation required redistribution of power in the area, until the
substation was repaired. The units were dispatched for about 300 hours in summer 2001.

AMP Ohio Program Description: AMP Ohio is a municipal cooperative with a number of
municipalities as members. AMP Ohio provides not only generation but transmission services to
its members. They have found that off-peak transmission scheduling and delivery rights within
their region are available and affordable. They have entered into a combination of long- and
short-term fixed price contracts to ensure the deliverability of the power produced by their plants
and contract generation they have purchased. They discovered that peak transmission rights for
the same power delivery were significantly more expensive than off-peak transmission rights.

AMP Ohio decided to install sixty 1.8 MW diesel generators and use the generators as an
- alternative to purchasing firm peaking transmission capacity. By using the distributed
generation, the cooperative was able to purchase non-firm transmission rights for their peak
needs. In times when transmission constraints existed in the grid, AMP Ohio dispatchers call on
~ the DG units until the transmission constraints are mitigated and non-firm transmission becomes
" available. The DG has been dispatched from 100-500 hours annually to meet this need.

Distinguishing Features of the Met-Ed and AMP Ohio Examples:

- Met-Ed:

The DER provider owns the equipment, and dispatches it based on LMP prices or utility requests.
‘The equipment is used for multiple purposes, including peak power supply, local congestion
mitigation, and local grid reliability enhancement. :

_ Am'p ‘Ohio:

A municipal cooperative uses DG assets to reduce peak transmission costs for its members.
DG serves as an alternative to buying fixed price, firm peaking transmission services.

2 B: Public Service of New Mexico and Commonwealth Edison contract with
_ third-party_aggregators for capacity from customer-sited generators andl/or loads.

PNM Program Description: Fifteen customers (mainly municipal and government agencies)
have signed contracts with energy management company Celerity Energy, allowing Celerity to
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ldispa.tch their backup generators for up to 400 hours a year (two starts per day maximum, up to
~ eight hours). Celerity aggregates the capacity from these generators and sells it to Public Service
of New Mexico (PNM) under a contract that includes capacity and energy components. In return,

Celerity agrees to:
© e provide free generator maintenance
« upgrade equipment where necessary

« guarantee generator performance

- Gen-sets in the program range from 400-2000 kW each. The network’s total capacity is about 25

‘MW, with potential to increase to 75 MW in the future.

Célerity is responsible to maintain the generators and manage their day-to-day operation. All the
gen-sets are linked with a communication platform supplied by Sixth Dimension. On notification

~from PNM, Celerity can dispatch some or all of them from a central control station. FERC has

L granted the network Exempt Wholesale Generator status, allowing its output to be sold into the
‘wholesale market. o - ' .

- The State of New Mexico has issued each gen-set a permit to operate in peak power mode.
S Depending on its size, age and air emissions profile, each unit is permitted to run for a specified
;number of hours annually; most can operate up to 400 hours. Celerity has worked with local air

' permitting agencies to increase the dispatchable hours, by introducing new technologies to

reduce NOx and CO emissions from older diesel gen-sets. Dual-fuel technologies to inject
natural gas into the diesel cycle during combustion have been investigated, and pilot applications

Celerity manages the installation of synchronous controls and other equipment required for
remote monitoring ‘and dispatch. It subcontracts installation, maintenance, and environmental

permitting to a number of project partners. Celerity serves as the business developer, chief
-~ customer liaison and overall program manager.

ComEd Program Description: Commonwealth Edison (Exelon) has experienced system
reliability problems in the Chicago metropolitan area during the last few years. The company
agreed with the State of Illinois to examine creative alternatives to reduce system loads during
peak summer hours to improve reliability, and to increase investment in community initiatives

promoting energy efficiency and renewables.

ComEd and EIe_ctric City (a private developer and integrator of energy savings technologies and
building automation systems) have contracted for ComEd to pay Electric City an agreed capacity
and energy payment for up to 50 MW of demand reduction that Electric City will aggregate from

ComEd customers.
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Electric City has or will enter into agreements with individual customers, Illinois state agencies. =
and municipalities (including Chicago suburbs Elk Grove, Leydon Township, Franklin Park and -
River Grove), to install free electronic ballasts, daylight controls and fluorescent dimming '
devices in customer facilities. In exchange, those customers will allow Electric City to’ reduce
lighting levels or activate demand -limiting strategles during peak summer pncmg hours -

Electric City will aggregate total demand reductxon as a Virtual ‘Negawatt’ Power Plant (VNPP)
It will sell VNPP capacity to ComEd, which will pay for the opportunity to reduce its peak .
purchases using this ‘negacapacity’. ComEd can remotely control customer hghtmg systems over -
a secure network, and can dispatch them at times and for durations of its choosmg ; '

Flectric City has signed a long-term suppIy contract with ComEd, enabhng it to secuz‘e favorable
debt and eqmty financing to fund development of its virtual network of demand resources, The
entire system is expected to cost about $25 million, and to mcorporate about 1, 500 systems’ at

various customer sites.

Distinguishing Feétures of PNM and ComEd examples:

PNM:
e  Third-party DER aggregator is responsible to develop customer contracts and assemble
. iu ggp:ggator works to reduce environmental impaots of backup generators.r .
ComEd:
»  Utility contracts with a DER aggregator for demand feduction based on préva'iiin'g'wholcsa]e

prices.
» The DER agg:regator uses the utlhty contract as collateral to obtain favorable ﬁnancmg fora

multi-million dollar project. -
The 506 MW demand resource is large enough make it a tradable block in wholesaie markets

2.C: The Bonneville Power Authority, the New York ISO and New Jersey's Publ:c
Service Electric and Gas_pay customers to reduce their facmtv enerqv

- demand on request.

BPA Program Description: Growing pressure from environmental groups has lead to increased
scrutiny for the Bonneville Power Administration’s (BPA) transmission construction projects. =
BPA wanted to know whether demand resources could offer viable alternatives, so it established
the Demand Exchange Pilot Program to learn more about using demand reduction to reheve
transmission line loading during peak events. Program objectives mclude

« determining the price that pa‘rticipants expect to receive to operate onsite generétibri _
or reduce their demand _

« assessing the regulatory trend toward viewing demand resources as equal to generatmg
or transmission resources for meeting capacity needs
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Although the Demand Exchange Program can be widely applied, the pilot pro'gram is targeted to
the Olympic Peninsula, a winter-peaking region where extremely cold weather typically triggers.
' the need for additional resources. - o

BPA'’s pilot program represents a market-based approach that enables participants to bid -
available onsite generation or demand resources. The Deinand Exchange system notifies -
participants 24 hours in advance of an event requiring demand response, and provides a bid price
that BPA will pay participants to curtail load or provide generation. If the price meets their '
needs, participants can elect to bid into the system. The process is iterative, so BPA can raise its
offering price if it does not bring forth sufficient resources. Participants must be ‘able to shed or

generate at least 1 MW of resources, and may aggregate their resources to meet this min imum.

The program is voluntary. Participants are not required to reduce their Joad or operate their onsite -
generation when demand response is requested. However, when they pledge to participate during
an event, their pledge represents a firm commitment of resources to BPA. S

BPA budgeted $150,000 for this pilot program, exclusive of staff time. It expected that about *
$50,000 would be needed to establish the Demand Exchange platform, $7,000 to establish
individual participant accounts, and the remainder to purchase demand resources. The agency is -
in the recruiting stage, actively signing up participants to use the Demand Exchange platform
during the winter of 2003-2004. Pilot program results should be available after this winter peak

season. .

New York ISO Program Description: The New York Independent System Operator (ISO)
sponsors a similar demand response program, as does PIM and the New England ISO. The
programs generally have both emergency and economic components. The emergency programs
pay a higher value for reductions (e.g., the higher of $500/mWh or LMP) than the economic
programs. The 18O will trigger an emergency program when a system emergency exists, and its
control area loads approach maximum available capacity. It will call for economic curtailments
by posting the Jocal real-time energy prices and allowing customers to choose how much load
they will curtail and for how long. DG (special case resources) can participate in the NY 1SO
Unforced Capacity Market (UCAP) (formerly the Installed Capacity Market, or ICAP) under
certain conditions spelled out in the UCAP Manual. Customers may also use backup generators '
to participate in the NYISO Demand Response Programs. In the summer of 2002, the New York
ISO reported that a total of 1000 MW participated in the State’s demand response programs. - |
PSE&G Program Description: Rapid residential development has occurred in certain areas of -
New Jersey, increasing electricity demand. Many of these areas have limited commercial or '
industrial load to enroll in traditional curtailment programs. Looking for least-cost ways to meet
the increasing demand, Public Service Electric & Gas (PSE&G) developed a program to install '
air conditioner load control switches in single family homes in target growth areas. '_

PSE&G has installed about 100,000 radio-controlled setback thermostats and Joad control .
switches on residential air conditioning systems. PSE&G’s dispatch center can send radio signals
that cause them to cycle on and off for 7-1 0 minutes at a time when the utility calls a curtailment
event. As a result, PSE&G has a diversified load reduction capability of approximately 100 MW .
that it can use for up to eight hours a day. Customers agree to have their units cycled in’®
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exchange for incentives that may include a new setback thermostat for the home, or a monthly
payment of about $5.00 during the summer season. Most homeowner contracts limit the utility’s
_ ab111ty to use the system to about 100 hours per year.

.'Distinguishing Features of the BPA, ISO and PSE&G Examplés:

BPA:
« A wholesale utlhty initiated the program so retail customers could help solve operatxonal
issues.

o The program seeks to relieve winter loads rather than summer loads.

e Unlike programé designed to mitigate peak power prices, this program uses demand
response to avoid transmission construction.

e NY 150:

e The program sets a $500/mWh minimum rega:di'ess of market prices.

- PSE&G:
e ’I‘he ut:llty dlspatches aggregated load controi asa system resource.

"« The programs target residential loads, whereas most load response programs target larger
' commercxal or mdustr;a] loads. .

. Customers have agreed to allow the utility to control their equipment.
. 3. DER customer focus: broaden energy dptions and increase onsite reliability

. 3.A. Gulf Power residential customers may choose a time-of-use pricing plan that o
entltles the utility to cycle certain app!:ances durmg hlgh price perlods

3.B: The New Yorker Hotel mstalled a cogeneratton system and backup
generators to supply on-site electnc:ty and hot water, as well as to enhance

reliability.

3.05 A shopping mallin eastern Pennsylvania may install a generator to create
" make-or-buy options for its energy supply .
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'3.A. Gulf Power residential customers may choose a time-of-use pricing plan that
entitles the utility to cycle certain appliances during high price periods.

Guilf Power Program Descriptionzz2 Gulf Power offers a residential time-of use pricing option to
all its customers. Under this rate, energy is billed according to one of four periods in which it is
used. The periods (low, medium, high and critical) are communicated to customers viaa
thermostat that shows which billing period is in effect at any given time. Customers can schedule
 their use accordingly, or may allow the utility to control their air conditioner, pool pump, or heat
pump when prices are in the critical period. They pay $4.50 per month for this service, and
receive a gateway or thermostat connected via pager signals to the utility control center,

| The four major elements of the program are -
' 1. atime-varying rate design with a near—reabtim.e pricing component
2 | an in-home, customer-programmed, autoﬁlated ehergy ma:riagement system
3. a way to communicate rate changes, critical p_eaks and other messagés to paﬁicipﬁnts, and

4. ameans of recording and retrieving the requisite billing determinants.

. Gulf Power has found that the average customer saves nearly 15% by participating in the -
program, and that participant satisfaction exceeds that of other utility customers. The savings

reflect energy actually saved, as well as rate savings due to shifting.consumption patterns.

3.8: The New Yorker Hotel installed a cogeneration system and backup
generators to supply on-site electricity and hot water, as well as to enhance

i_"eﬁabiiity. o

The New Yorker Hotel Description: This New York City hotel decided to install'a 600 kW
cogeneration system and two 350 KW backup diesel generators as part of a major renovation. A
turnkey project by Hess Microgen, four packaged natural gas-fired units serve a significant
portion of the building’s electrical needs and thermal loads. Their waste heat provides domestic

hot water and preheating for the hotel’s space heating boiler.

The units run on a 21-hour daily schedule. In winter, they provide 80% of the hotel’s electric
needs and 90% of its hot water, and in summer, 50% and 90%, respectively. The cogeneration
system could not be used as a synchronous generator due to limitations of Con-Ed’s New York
network grid, so the hotel installed two backup generators for additional reliability in case of a

2 Information for this summary is taken partially fram a pres

entation o NYSERDA by Dan Merilati, VP Marketing Services,
GoodCents Solutions, Inc., Octaber 3, 2002, . o
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power outage The system was installed in the hotel’s sub-basement 50 feet below street leVel to
meet customer requirements. _ _

: The DER provider deszgned installed, owns, operates and mamtams the system whlle
guaranteeing $ 1 50,000 annual energy savings for the hotel.-

3.C: A shopping mallin eastern Pennsyivama may install a generator to create
make-or-buy optlons forits energy supply

The Shopping Mall Description: A large regional mall in eastern Pennsylvania receives HVAC
services and electricity from a central power plant located on mall property. A new owner of the'
power plant will be installing load management hardware to aggregate individual store demand
response, and on-site generators to serve the mall’s electric needs, or may choose to buy
electricity from one of the state’s competitive suppliers. '

The value of the on-site generator will be driven by the difference in the market price between a
fixed-price, all-requirements contract, and an hourly LMP-based contract for the mall, -
Competitive suppliers offering fixed price contracts take on the risk of supplying power in the
summer when wholesale prices may rise unpredictably based on extreme weather or generating
or transmission outages. They add a risk premium to cover these contingencies By insta}ling an
on-site generator, customers can effectively provxde a hard asset price hedge or risk mitlgatxon |

tool.

The mall will purchase an hourly-priced product from a supplier that will fluctuate according to
variations within PJM market prices at selected hubs. As long as the price stays below a ‘
predetermined strike price of $90/mWh, the mall will buy electricity from the grid. When the
local LMP exceeds the strike price, the mall operator will turn on the generators and run them

until prices retreat below the strike price.

Distmgu:shmg Features of the Gulf Power, New Yorker and Pennsylvama Mal!
Examples:

Gulf Power: ,
. Res:dennal customers have access to a program that lets them control their bills by schedu!mg their electric.
usage. ‘
o - The utility has positioned the rate as a service oﬂ“ermg, with enabling technology that it prov;des for a fee -
possibly an attractive approach for other utilities.

New Yorker Hotel:
‘e The cogeneration system was installed in New York City, one of the most difficult areas to site Jocal
generatlon
» The DER provider owns and operates the facility while guaranteeing the host energy savings. .
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' TheMall:

.« DG becomes-a tool in the customer’s energy procﬁrement strategy.

« The value of DER in the wholesale market is muich higher than the sum of the avoided hourly purchases of a
demand response strategy. : : _ :

~ 4, Regulatory and societal focus: Increase energy 'eﬂ’i'ciency and improve
environmental quality. o

4.A. New York, California and Texas offer incentives to customers that install
' c_:tean, efficient and/or r_enewabie energy equipment. '

4.B. New Jersey req‘uire.s competitive suppliers in the State to provide a small
- percentage of distributed solar power in their supply portfolio. |

: ‘4.A: New York, California, and Texas offer incentives to customers that install

" clean, efficient and/or renewable energy equipment.

New York Program Descriptions: New York utilities collect from their customers in rates about

' $150 million a year in ‘system benefit charges’ (SBC). These funds are administered by the New

- York State Energy Research and Development Authority (N YSERDA), which offer incentives to
utility customers to install energy efﬁcient equipment, cogeneration systems, and renewable

. technologies.

" Asof 2003, NYSERDA has committed $27 million for 57 CHP piojects, $800,000 for 13

~ feasibility stidies, and $4 million for 11 projects to develop DG technologies. With co-funding
 these projects represent about $100 million investment in DG/CHP. NYSERDA also offers a pf,:ak
load reduction program incentive that pays 70% of the costs of installing interval meters; at least

| - 37,000 such meters have been installed in 300 n_;u]tifamily buildings.

'NYSERDA targets $14 million a year of SBC funding to renewables, with much of that dedicated
to large-scale wind development. Eligible customers are New York electric distribution customers
of the State’s six investor-owned utilities. This funding also targets distributed PV, with most of
the funding awarded through competitive RFPs issued as new programs are developed. Program
examples follow: - _ . B

o . New Construction — $3 million of Energy Smart New Construction funds are targeted
to building- integrated PV. New York’s Energy Smart Loan Fund also provides interest
rate reductions of 4.5% for up to five years on loans for energy efficiency projects and
renewable technologies. ' ' '
Consumer PV incentives — $2.5 million PV Incentive Program, until December 2005
provides $4-5.00/watt, up to 70% of total system cost, for projects up to 15 kW, ,

e Larger PV systems - $3 million program provides $5.00/watt, up to $500,000 per site.
Eligible buildings are those in SBC utilities’ territory or public buildings in municipal
utility areas.



o PV System and Energy Star® Home Demonstration Project - NYSERDA is working
with the National Association of Home Builders and Steven Winters Associates to
develop and implement a demonstration program and awareness campaign to inform
builders, realtors, appraisers, bankers, consumers, and building code officials about the :
benefits of Energy Star homes and grid-connected PV systems for homes, and to prb\}ide -
incentives for both. Grid-connected PV incentives are up to $20,000 or-100% of system .
costs on model homes, and 60-75% for additional PV systems in a subdivision.

Long Island Power Authority

Since LIPA is a public entity, its customers are not eligible for NYSERDA-sponsored ﬁfégrams,
but LIPA itself has committed $32 million to develop clean energy alternatives, Part of this -
commitment is its Solar Pioneer Program, a five-year initiative offering rebates of $5 per watt
(up to $60,000). Maximum eligible system size is 10 kW. Six percent loan ﬁnanciﬁg is also *

available. _

California Program Descriptions: California offers two direct financial incentive programs to
support DER deployment. One, for small renewable resources, is administered by the California
Energy Commission (CEC). The other, for some larger technologies including both renewable and
non-renewable resources, is administered by California’s investor-owned utilities® undera |
legislative mandate interpreted by the CPUC. Both programs are summarized below. |

CEC Emerging Renewables Program

The CEC began administering the Emerging Renewables Buy-Down Program (ERBP) in 1998.
The ERBP provided cash rebates equal to the lesser of $4,500/kW or 50% of system costs, for cus-
tomers of all classes in IOU service areas who installed eligible renewable generating systems. . -
Through 2002, the ERBP helped fund over 3,800 new installations, most of them solar -

photovoltaic.

Early in 2003, the CEC renamed this program the Emerging Renewables Program (ER.P), and |
modified some of its eligibility criteria. Eligible technologies now include: K :

e solar PV
o solar thermal electric systems

o wind turbines up to 50 kW ,
fuel cells operating on renewable fuels (digester gas, landfill gas, etc.)?

B 1 SDG&E’s territory, the program is administered by the nonprofit San Diego Regional Energy Office, to provide a basfs for

comparing utility and non-utility program administration. _
# (Other technologics may be added to this list by petitioning the CEC and demonstrating that they meet specified criteria (e.g.,
need for funding to become commercially viable; new generating process; commercially available; demonstrated; warranted for

$ years; 20-year useful life; etc.)
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To qualify for the CEC’s ERP rebates, systems must be new, non-utility owned systems
connected to investor-owned utility distribution facilities. They must be sized primarily to offset
the customer’s electricity needs at the site, producing no more than 200% of the site’s needs; -
‘have at least a five-year warranty; and install meters that measure total energy output.?’

The ERP program reduces the rebate levels offered under the earlier ERBP, both initially and
_ over time: , ' '
- 26

" Table 4. CEC Emerging Renewables Program Rebates

Technology -  Sizi Tnitial Rebate Level ™.
PV | ‘ <30 kW ~ $4.00perwatt
Solar thermal electric _ ' ' - -
" Fuel cells using renewable 230 kW uture performance
Ifuel® . o incentive
First 7.5 kW "~ $2.50 per watt
| >7.5 kW up to 30 n
- _Wind', KW : - $1.50 per watt |
> 30 KW up to 50 kwy | Tuture performance
_ incentive

5 459 less for owner-instalied systems. All rebate levels will be reduced by 20¢ per watt every six months beginning
" uly 1, 2003, and every January 1* and July 1* thereafter.
B ruel cells using non-renewable fuels for CHP applications may be eligible for rebates later, when funds from othér
sources are no longer available. _ _

' CPUC Self-Generation Incentives Program

- Complementing this CEC program, California IOUs administer a separate Self-Generation.
 Incentive Program (SGIP) that provides similar financial incentives for these and other DG
technologies installed on the customer side of the meter and serving part or all of the customer’s -
load. The CPUC established this grogram in March 2001,%” and has since modified some of its
original eligibility requirements.”* The SGIP initially was authorized for a four-year period
running through 200;1, but was recently extended through 2007.% lts features are summarized in

the following table:’

25 £or detailed requirements, see the CEC’s Emerging Renewables Program Guidebook adopted February 19, 2603, pp. 4-7,;
available at hitp://wwyy.consumerencrgycenter.org/ rebate/forms. html. Additional requirements apply, and higher rebates are
available to, affordable housing projects; see Guidebook p.21-22. Practically speaking, another important limitation is that
funds remain in the CEC’s Emerging Renewable Rescurces Account in a given year. _

% 1d,, pp. 8-9. : _
21 . 1-07-073 (3/27/01), implementing the legislative mandate of AB 970.

2D, 02-09-051 (9/26/02). \ _

29 California Assembly Bill 1685, signed by Governor Davis September 12, 2003 and added to the Catifornia Public Utilities
Code as-§379.6. The new law also added more stringent NOx reduction and cfficiency requirements for fossil-fueted
generators, and provided certain NOx credits based on heat recovery for CHP projects.

3 For program details, see €.£., PG&E Self-Generation Incentive Program Handbook (1/1 8/03 rev.3), and Interim Handbook Changes

(8/23/03) at hitp://www.pge.com/suppliers purchasing/new generator/ingentive/index.hunl.
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Table 5. CPUC /10U Self-Generation Incenttve Program Rebates

Mammum

| Level 1
« Photovoltaics.

"« Fuel cells operating on 0kW | 15MW | 50% |  '.$4,500 :
renewable fuel ) : SR o
.« Wind turbines
Level 2 b _ |
« Fuel cells on non- none 15MW | 40% $2’5:09 - .'

renewable fuel

Level 3-R

| « Microturbines on

- renewable fuel ° o
. ‘Internal combustion none 15MW o ' .
engines and small gas I T 40_/" $1,500
turbines on renewable fuel

Level 3-N

« Microturbines on non-
renewable fuel - _ - : '
. Internal combustion none - 1.5MW 30% $1,000
engines and small ' B

- gas turbines onh non-
renewable fuel b, d

CPUC caps maximum incentive payout at 1 MW, not 1.5 MW,

Must utilize waste heat recovery per Cal. Pub, Util. Code §218.5 (similar to PURPA slandard}

Must meet CPUC renewable fuel criteria.

Must meet CPUC reliability criteria - i.e., generator must operate between 0.95 power factor fagging and 0.90

~ and fachities over 200 kW must coordlnate ptanned maintenance with the ulility. seme 1eadmg,

a o o oo

As of Octaber 2003, California’s Self Generatzon Incentive Program had paid out about $3 8
million in incentives, resulting in about 27 MW of completed projects. Another 8178 million in
incentives had been requested for active projecits totaling about 136 MW. Of the projects -
completed, some 69% were Level 3 installations (microturbines, IC engines and small gas .

_ turbines); 30% were Level I photovoltaics and wind; and less than 1% were Level 2 fuel cells.
Of the 136 MW of active projects, about 65% are Level 1 technologies; 33% are Level 3 -
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| technologies; and about 2% are Level 2 fuel cells.! Although the program stﬁrted somewhat -
slowly, the pace of applications has picked up considerably in 2002-2003. ‘

Texas Program Description: Texas has recently faced significant issues of demand growth and
air quality. Although electricity restructuring stimulated more than enough merchant generation,
the state lacks transmission capacity in some load pockets, and faces nonattainment issues in
large metropolitan areas. De-laminating vertically integrated utilities removed some of their
 incentives to encourage load management as a means of controlling load growth, particularly in |
urban areas: o S

As part of its responsibility to ensure that energy supglies are adequate and cost-effective, the
‘Texas Public Utility Commission promulgated rules® requiring electric utilities to administer
energy savings incentive programs. The programs” goals were to acquire cost-effective energy
efficiency savings® totaling at least 10% of the utility’s annual demand growth by January 1,
2004, and each year thereafter. R S

Under the program, energy efficiency service providers (EESPs) will contract with the local '

- distribution company to deliver targeted load reduction when requested. EESPs may be local or
national energy service companies, retail electricity providers, or individual customers — but not
Texas distribution utilities, which generally are barred from providing competitive services,.
including efficiency services. " - : '

_ Eligible efficiency measures include those that place electricity-consuming equipment under the
.~ dispatch control of the EESP, an ISO, or another transmission organization. Load reduction must
be available thhm one hour after utility notification, and measured through time-of-use

metering.

Project sponsors apply to the local utility administrator with a plan that identifies project sites,

- proposed demand reduction, estimated incentive payments, and measurement and verification -
* procedures. Approval of the initial application reserves funding for the minimum load reduction
requested. Payments are made after auditing the project’s demand reductions. '

Utilities pay EESPs through 10-year standard offer contracts for KW and kWh avoided at peak,
with payments capped at the theoretical avoided cost of a gas turbine. For 2003, capacity

payments have been set at $78.50/KW/year, and energy payments at $.0268/ kWh .- Utilities can
recover these incentive payments and their administrative costs through their distribution tariffs.

31 These numbers are derived from a presentation given by CPUC staff at PG&E’s Octébcr 17, 2003 Self-Generation Workshop.
32 rexas Administrative Code, Tit, 16, Part 11, Chapter 25. §25.181; effective January 1, 2003.

33 projects using self-generation or cogeneration equipment are not eligible for incentives, except for ‘renewable DSM.
technologies’ - i.¢., customer-sited equipment that uses a renewable resource to reduce net kWh and/or kW purchases.

Id., §525.181(D)(6XD), (£)(28), (H2XM).
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" Distinguishing features of the New York, California, and Texas exainpl'i_es:‘:

New York: o | B
. An independent state agency (NYSERDA) administers the incentive program, avoiding the
appearance of conflict that sometimes arises when utilities are asked to administer such-
programs. ' | B
« The incentive program specifically recognizes the efficiency value of CHP pmjéas_,

California: o | | T
o The CEC-administered emerging“renewables buydown (rebate) program has stimulated
substantial increased market activity for small PV systems. o

The CPUC-directed self-generation incentive program, targeted to reduce peak demand,, -
offers tiered incentives for customer-side distributed generation, with significantly higher
payments for cleaner, more efficient technologies. T

Although the utility-administered self-generation incentive program started slowly it has
gained momentum, resulting so far in about 27 MW of self-generation (mostly '

~ microturbines, IC engines and small gas turbines), with an additional 136 MW in progress
and more expected now that the program has been extended through 2007, -

Texas:
The PUC sets the value of deferred demand and the maximum contract tenn,-so EESPS can I_

[ ]
determine project economics more transparently than through a multi-step RFP process.

Distribution utilities cannot participate in demand response or renewable DG projects.

4.B. New Jersey requ)‘res competitive suppliers in the State to provide a small
percentage of distributed solar power in their supply portfolio. ' |

‘New Jersey Program Description: New Jersey opened its electricity market to competition in
1999. Competitive suppliers have not offered lower energy prices than the utilities’ defauit o
tariffs, so consumer shopping has been limited. In order to facilitate competitive markets, the
New Jersey Board of Public Utilities (BPU) has required all utilities in the state to serve their
default loads with energy and capacity purchased through a competitive bidding process called”
the Basic Generation Service (BGS) auction. , _

BGS auction winners must furnish a percentage of the power they provide to customers from
renewable energy sources, under New Jersey’s Renewable Portfolio Standard (RPS). BPU RPS
rules define Class One and Class Two renewables and the percentage of each that must be
furnished. The BPU has proposed changes recommended by the Governor’s Renewable Energy
Task Force that would increase the Class One and Class Two requirements, and would require -
competitive suppliers in the state to provide a small percentage of distributed solar power in their
supply portfolio. Suppliers can either purchase renewable energy credits (REC) from solar PV
projects, or make Alternative Compliance Payments (ACP). To encourage REC purchases, the
BPU will administratively set the ACP amounts at a premium over the price of solar RECs in the

marketplace.
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The proposed rule was published in the New Jersey Register on October 6, 2003, arid'is expected
to take effect around January 2004, before the next BGS auction round scheduled for February
2004. Suppliers will need to purchase solar RECs to cover their obligations for the first program
year (June 1, 2004-May 31, 2005). The BPU is also proposing rule changes to further simplify -

interconnection, and to increase the net metering limit from 100 kW to two MW. Co

Distinguishing features of_the New Jersey example:

« Most RPS programs do not srovide incentives specifically for DER. The 'l‘ea'sf-'cqst'
renewable resources used to meet RPS requirements are usually wind or landfill gas, often
1ocated far from customer loads. New Jersey’s solar REC program will create a market for

distributed solar as well.

Solar RECs will be available for projects located at customer facilities, permitting
recognition of DER retail value as well as REC value for the RPS market.

» Increased size limits for net metered systems will enable larger seasonal users (e.g. school's)
to recognize PV’s retail value of even if their facility loads are not consistent across the:

year.
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2

' DER COSTS, BENEFITS, AND ALLOCATION ISSUES

This chapter provides analysis to identify potential win-win distributed energy resources (DER)
' projects. The analysis includes an investigation of the costs and benefits of DER, anda
~ discussion of the allocation issues for developing win-win applications of DER. As part of this
work, a cost and benefit model was developed. The model shows costs and benefits by )
stakeholder and can provide an economic evaluation of the potential incentives. The model can
. also identify problems that exist in our current rate and regulatory structures that limit win-win
' DER opportunities with particular focus on California. ' :

‘The information provided in this chapter is intended fof_ use along with the cost benefit model.
Figure 1 below shows the summary output sheet from the model.

Figure 1: Summary Output Sheet from Model

:m-s Electricity BA Gavings 254736 Annwal Capitat Cosl 115,766, 11
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When a DER project is identified as a winning or cost-effective application, it raises the question
“cost-effective for whom?” There are a number of parties that have a stake in the outcome of a
DER application: (1) the DER customer, represented in the top left hand box in Figure 1; (2)
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utility rate-payers and utility shareholders, represented in the second left hand box in Figure 1;
and (3) society, represented in the bottom box in Figure 1. The third box in Figure 1 combines
the DER customer and utility (rate payers and shareholders) perspectives to show the total
resource value. Each stakeholder faces a different set of costs and benefits, for example, the
electricity bill reduction that the DER customer sees as a benefit will show up as a cost of lost
revenue from the utility perspective. In Section __ of this chapter there is a discussion of the
stakeholder perspectives, and a list of the costs and benefits incurred for each stakeholder.
Detailed descriptions and ranges for the costs and benefits are provided in Sections _ through _

of the chapter. -

While there may be DER applications that work for all stakeholders, it is often the case that DER
results in a net benefit for one stakeholder, .g. the DER customet, but at a net loss for another,
e.g. the utility or other ratepayers. By including all stakeholders in the economic analysis one -
can compare the financial impacts of the DER on them and look for ways of reallocating benefits
to make the DER cost-effective for everyone, i.e. the win-win design. The flow diagramin

illustrates the simplified process for identifying and developing these win-win applications.

First, and the focus of this report, the stakeholders are identified and their costs and benefits of
the DER are estimated. The cost and benefit assumptions are entered into the model that
calculates the cost effectiveness from each stakeholder perspective. If the evaluation shows the
DER to be cost-effective for all stakeholders then this is identified as a winning application and it
goes forward to the next stage of implementation. However, if the DER does not work for all -
stakeholders, but is cost effective from the total resource or societal perspectives, then there

~ exists the potential for reallocating benefits and making the DER work from all stakeholder
perspectives. The issue of allocation, i.e. “how to allocate the costs and benefits between .
stakeholders to get to a win-win design”, is addressed in Section __ of this report and the
accompanying model, and is further developed in the net chapter. Possible allocation methods
clude the use of incentive payments (or locational credits) to DER providers and utility rate

design.

If the DER is not cost-effective from the total resource or societal perspective then the next step
is to determine how to further leverage the DER value, i.¢., look for further value streams that
are not recognized using traditional approaches. If there are, then these values are fed back into

the evaluation modal.

47



F:gure 2 Process for Identifying and Deve!opmg Wm-Wm DER
Apphcataons

Task 1-2
L - Estimate DER Costs
Identify K_ey % and Benefits for each
Stakeholders of the Stakeholders
—

Task 13 ) -
_Yes | Eliminate
Barriers -

cost-effective for each of

IsDER

: 'Determine howto . | No cost-effective from the
“Leverage DER Values otal Resource or Socie
' _ i Perspectives?
Yes
-
. Task 1-4 Design Efficient Incentives| | | ] .Elimin ate

- Barriers

to “Share” Benefits
among Key Stakeholders J /

 STAKEHOLDER PERSPECTIVES

: Costhﬂ‘ectlve DER applications are identified by calculating their benefit/cost (B/C) ratios. A

" B/C ratio greater than one indicates that the DER application has benefits greater than its costs,
and therefore is potentially cost-effective. Suggesting that an application is "cost-effective”
however immediately raises the question, "cost effective to whom?" . :

There are severa} stakeholder perspectives from W}nch DER can be consadered cost-eﬂ'ect]ve
The following stakeholders are included in the analysis: (1) the DER customer; (2) utility rate- -
payers (generally defined as non-participating rate-payers); (3) utility shareholders of investor-
owned utilities; and (4) society. Rate payers and utility shareholders are grouped together in this
analysis. 3 A number of cost-eﬁ'ectlveness tests from the stakeholder perspectlves are listed

“below:
- e Participant Cost Test (PCT) (s it worth it to the customer to install the DERV)

34 Allocation of costs and benefits between the rate payers and shareholder would be determined in a rate case,
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"+ Rate-payer Impact Measure (RIM) (What is the impact of the DER on utility earnings or
~ rates?) T |
» Total Resource Cost Test (TRC) (What is the net tangible benefit that can be reallocated to
produce a win-win solution?) ' - - _
‘Societal Cost Test (SCT) (What are the additional societal costs and benefits including
externalities?) '

" These perspectives are further classified by: (1) definition of the utility (e.g., Vertical Integrated

-Utility, Transmission Company, Distribution Company, Energy Service Provider, etc.); and (2)

s for

~ DER ownership (i.e., utility, customer, or third party).

The purpose of including all perspectives is to find solutions that are cost-effective or “winners”™
for all stakeholders. Looking at all perspectives also aids in program design.. For example, one -
of the allocation methods that can be used is an incentive (or locational credit) paid by the utility
to the provider of the DER. This would translate as a cost to the utility and a benefit to the DER
- provider. A win-win program design is one that would set the incentive level payment such that

both the utility’s rate-payers and the program participant are better off, i.e., the RIM and

" Participant B/C ratios are both greater than one. If such a balance can be found, this is a measure

that warrants further investigation.

e i.-_Hc;;w?ver, there are c;ompet_ing views of the appropriate criterion for cost-effectiveness. The
principal debate is between the Rate-payer Impact Measure (RIM) and the Total Resource Cost

test (TRC). RIM measures the incremental effect on the utility’s rates of the DER measure. The

- TRC test measures the net benefit of the DER from the perspective of both the DER customer

" and the utility’s non-participating rate-payers/shareholders (regardless of who pays costs, or

' receives benefits). While a DER measure that passes TRC but not RIM could increase the
utility’s rates, there exists the potential for additional coordination to successfully implement the
alternative. For example, the additional costs could be funded through existing or new public

benefits charges, rates could increase, or utility return could decrease. :

The Societal Cost Test includes an evaluation of environmental externalities and other
B “intangible” beneﬁts. Even if the result of the TRC test is a net cost to the stakeholders, these
other societal benefits could exceed the shortfall (the net cost from the TRC perspective).

Cost-Effectiveness Tesls

Particibént Cost Test

- The participant cost .test measures the life-cycle net benefits for the customer that installs the
DER: This cost test is a good indicator of how acceptable a measure or program will be to

individual customers.

R'ate-payer Impact Measure (RIM)

This benefit/cost test measures the impacts on the utility’s rates. ‘The benefits included are: the

capacity cost savings from the deferral of wires investments and changes in O&M costs; avoided
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chergy purchases; inereased sysiem relability and other ransimission and distrbution (T8
system benefits. l_smb??on G&D) ;

" The costs included are thie incentive payments paid by the utility to the providers of the DER,
utility administrative costs, and lost revenues due to reduced sales. If the program beneﬁt/cosi
 ratio is less than one, this program would tend to increase the per unit rates that the utility would
charge to collect its revenue requirement. Measures that have a high reduction in sales relative t
peak load reductions, such as conservation, are generally not cost-effective from the RIM e

‘ perspective.

Total Resource Cost Test (TRC)

The TRC test measures the costs and benefits from a broader perspective and inéludés all of th
direct cash costs associated with the DER measure. The benefits include the avoided costs of 3
transmission, distribution, generation capacity and energy, including losses. The costs includel A
the lifecycle costs of the measure, O&M costs, program administrative costs, and interconnecti n
costs. Transfers such as incentive payments between the utility and its custor’nefs ‘as well as bi-l(l)n
savings, are not included from this perspective since the net cost of transfers bew:reen therutility

and customers is Zer0.

Societal Cost Test

The societal cost test includes the broadest set of costs and benefits. In addition to the directcash -
costs ?pcounted for in the TRC test, any environmental externalities such as reduced air -
‘emissions are included as a benefit. o

Cost and Benefit Tables

The cost and benefit components for DER from each perspective are listed in __ through

The numbers refer to the section in the chapter where the derivation and range?of the valgé are
discussed . In some cases, a cost or benefit component appears in more than one table. For °
exampl_e, “reduced utility bills” is a benefit to a customer, and a cost to the utility. In t'he‘se cases
the component is shown in both places, but is only described once in the report with a reference ,

where appropriate.

The components listed as direct benefits and costs relate to components included in 'ihe model.
The indirect benefits and costs listed in the tables, and discussed further in this report identify‘
some of the intangible benefits and costs, but these are not included in the model to é;te Each
table also includes a line that shows the allocation methods that can be employed to Chal:l e the
]evei]of beneﬁtsﬁagd?r lcosts that are attributed to each stakeholder. These allocation ge e,
mechanisms will be built into the model, making it ossible to t i e :
methods to achieve the win-win DER design. P est different alloc?g#lon leyelsf_and
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Table 4: Customer Costs and Benef‘ ts

Customer Benefits '

Customer Costs

[Direct Benefits/
ICosts

+ Annual Electricity Bill Savings

- Annual Avoided Fuel Costs
(Therm_al)
| Wholesale Energy Sales

. Renewable Enérgy Credits (Sales
of)

- Annual Capital Costs; DER
Maintenance; DER Fuel Costs
(including siting and permitting if

- _customer-owned project)

| Emissions Offset Purchases -

- Interconnection Study, Equipment, and

Electric System Upgrade Costs

- Insurance

L Other Utility 1 Infrastructure Costs and

lindirect Benefits/
7 Costs -

L Customer Reliability

Operanonai Costs

Allocation
[Methods

L Incennves/cred:ts from
Utility/Public Purpose
Fund/Rebate from State or
~ Federal Taxes

- Standby Rates _

fable 2: Utility Costs and Benefits

. Utility Wire Co Benefits

L Utility Wire Co Costs

IDirect Benefits/ -
7 Costs

- Avoided Wholesale Energy
Purchases and Generation

Capacity -

| Avoided T&D Capacity

. Customer Payment for
Interconnection Costs

- Revenue Reduction Due to D_ER_(ref D

-Costs
| Electric System Upgrades

_ Interconnection Study and Equipment. -

JIndirect Benefits/
Costs

L System Reliability
L Other T&D System Benefits

- System Reliability

- |Allocation

B.1 - Incentives/credits frqm Public

Purpose Fund

L Incentives/credits to DER Customer

iMethods
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| Costs .

Table 3: Total Resource Costs and Benefits (Combining the utility and DER customer

_ perspectives) ‘

. Total Resource Benefits

. Total Resource Costs

fCosts - Capacity Purchase
N . . L Avoided Fuel Costs

- T&D Avoided Costs
b Ihcrgased Re!iability

Direct Benefits/ | Avoided Wholesale Energy and .

L DER Capital Costs, Maintenance and Fuel
Costs -

o+ Interconnection Study, Equipment-, and

Electric System Upgrade Costs

5 'O.ther Utility Infrastructure Costs and
Operational Costs - o

- Tab!_e 4: Society Costs & Benefits

" Iindirect Benefits/ [Not Applicable Not Applicable -
Allocation -~ [Not Applicable ~ {Not Applicable -
Methods R ' _

- | Societal Benefits

. Societal Costs-

= IDirect Benefits/ [Total Resource Benefits

- Total Resource Costs

-} DER Emissions (depending on DER -

Costs - Reduced Central Generation
Emissions . technology) .

. CO2 Emissions from DER .

. g direct Benefits/ Reduccd CO2 Emissions from
E‘osts‘- - - {1 Central Generation .

3.1- Incentive from Public Purpose.
Fund/State Rebate/Federal Taxes (to .
customer and/or utility)

{Aliocation
ethods

ALLOCATION ISSUES

lncenti\?es/Locational Credits

Uée current applicable Combined Heat and Power (CHP), fuel cell, and solar incentives for
| California in the analysis for these technologies. Incentives from the utility to make societal DER |-
| benefits cost effective for both utility and customer will be designed in the collaborative DER -

programs.

. Incentives/credits are a key benefit to DER customers, and are often required to make the project
_economically viable. However, these incentives can also represent a cost to the utility rate-

payers or to society depending upon who provides the incentive value. In California, there are

numerous existing incentive and rebate programs that apply to DER customers. In most cases,

these incentives are only available to customers who have installed renewable energy
technologies. Utilities, on the other hand, can provide monetary incentives/credits to DER
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customers through a tariff structure, a competitive request for proposa}s, or a bilateral contract

for generation services. The design and application of utility tariffs will be explored in detail in
the collaborative DER program development. . red 1

‘There are two funding alternatives for the incéntives/credits:

1. An incremental charge that could result in a change to rates or shareholder earnings and
therefore is included in the RIM test. This could be either a utility program that gives
. locational credits to DER customers, or a pass through of costs to rate payers froma
 regulatory mandated program. B S
5. A transfer from public funds or tax revenue that will not impact end-use rates or shareholder
earnings. - This is classified as a societal cost, because the funds that are used for the DER
incentives/credits are no longer available for other programs.. | -.

For some time now, the California Energy Commission (CEC) has offered the Emerging

Renewables Buy-Down Program. This program is rate payer funded through the Public Purpose

Program and provides cash rebates of $4,500 per kW or 50% of system costs (whichever is less)
- for customers of all classes in investor-owned utility (IOU) service areas who install eligible

" fenewable generating systems. This is defined as a societal cost in the model because it is

“assumed that the level of the Public Purpose Charge does not increase to fund the Buy-Down

* Program. Therefore, there is no incremental impact on rate-payers, but the funds allocated to the
Buy-Down program are not available for other purposes. Eligible systems include the following,

" 'so long as they are grid-connected, operate in parallel, and produce no more than 200% of the

site’s electricity needs:**
. solar photovdltaics (PV)
. solar thermal electric systéms
o wind turbines up to 10 kW, or
s fuel cells operatiﬁg on r_en_eWable fuels (digester gas, landfill gas etc.)
Coniplementing this CEC program, California IOUS administer a separate Self-Generation

. Incentive Program (SGIP) that provides similar financial incentives for these and other DER
technologies installed on the customer side. identifies the levels of these incentives.

35 Gize limitations are described in the CEC’s Emerging Renewable Resources Account Guidebook, Vol 3., 9" Ed, {September
25, 2002, at pp. 13 ef seq; available at hitp://www.energy.ca. ovirenewables/documents/index. htmi# greengridy The Guidebook
{p.6) indicates an effort to coordinate the size of projects eligible under the CEC program with those available under JOU-
administered self-generation incentive programs, and CEC staff has advised us that a new version of the handbook due out
shortly will contain an explicit maximum limit of 30 kW per project, corresponding to the lower 1imit of IOU-administered
programs for the same resources.. Practically speaking, another important limitation is that funds remain in the CEC’s

Emerging Renewable Resources Account in a given year.
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Table 5: California IOU Self-Generation Incentive Program

Level 1
Photovoltaics
Fuel cells operating on
renewable fuel
Wind turbines
Level 2
| Fuel cells operating on non-
renewable foel
Lev;l 3R
_| Microturbines operating on
renewable fuel- -

_ $1,500- 40% o

Internal combustion engines and ’ ° none 1.5 MW
small gas turbines operating on
renewabie fuel
Level 3-N ) _
Microturbines operating on non-
renewable fuel > $1.000 I 300 - , ]
Internal combustion engines ’ I | mone 11.5 MW.
and small gas turbines ogeir&ting :
on non-renewable fuel >

$2,500 ~ |40%  |none  |15MW

' 1. CPUC caps maximum incentive payout at 1 MW, not 1.5 MW.
2. System must utilize waste heat recovery per Cal. Pub. Util. Code 218.5 (simllar to PURPA standard)
3. Sysiem must meet CPUC reliability crileria ~ i.e., generator must operate between 0.95 power factor lagging and 0.90
' : leading, and facilities over 200 kW must coordinate planned maintenance with the utility, - Lo

The California Public Utilities Commission (CPUC) established the SGIP in March 2001, and
recently modified some of its original eligibility requirements.”’ The SGIP is currently T
authorized for a four-year period, running only through 2004. The program could be extended .
but has not yet been. It is not clear how the SGIP will be funded, it may be through the Public, |
Purpose Program or an incremental utility charge. The SGIP is currently treated as a societal
cost, which assumes that it will be funded through the current level of Public Purpose funds.

This assumption can be altered when the source of funding is clarified.

Utility Rates :
Use standby and other utility charges applicable to California Investor-Owned Uﬁlities (PG&E
SCE, and SDG&E) _ : I ’

Evaluate two scenarios on equipment outage, one where equipment has failures on peak to drivé3
demand charge, one where equipment is always available on peak it

Utilities impose standby rates on customers that require the utility to provide back-up power
when their on-site generation or third-party supply is non-operational. The more firm ¥ the

36 D). 01-07-073 (3/27/01), implementing the legislative mandate of AB 970.

D, 02-09-051 (9/26/02) '
38 o . . . .
Firm service refers to the customer having a reasonable expectation of the utility being able to meet their enel
. " . oy . ergy usage 100%
the time, allowing for infrequent outages for facility failures (car pole incidents, Hghtning strikes etc). Nonfirm service is a-o of.
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* standby requirements, the higher the standby charges. The justiﬂéation used by utilities for. ,

imposing this special rate is that the cost to provide firm standby service is significantly different

- from the cost to provide service to other customers. Specifically, firm standby service has a hi gh.
_ dema_nd for capacity, but little energy usage. The infrequent usage also leads to difficulties in

-~ determining the amount of peak capacity that might be required for shared facilities, such as
transmission. Customers do have the option to provide their own reliability though ,the

construction of redundant facilities, and disconnect from the grid to avoid standby charges
Standalone power, however, is rarely a cost-effective option, and could be subject to exit f;?es

(discussed below). .

. S’tandél_x:d praéti.ce ‘was to chargc customers with DER _Staﬁdby charges in addition to the’ir
otherwise applicable tariff. The standby charge is typically based on a “reserved” or ratcheted

) amount of capacity, alt?mugh some are usage-based. To avoid double counting demand when a
.. customer actually requires standby power, the standby usage is typically subtracted from the
billing demand under the otherwise applicable tariff. ' '

~ Standby charges can vary by voltage level, with the highest charges at the distribution vbitage
.- level. The reason for the higher charges at the lower voltage level is twofold: 1) the lower
_ d@livery'voltage implies that relatively more utility infrastructure is required to support that
customer; and 2) at lower voltages, the distribution equipment becomes more “dedicated” to the
customer, so the distribution capacity cost reduction from a customer installing on-site

e '-':.;'generation'is lower,

) Tjrpiqai Standby charges are shown below in . Note that residential and small commercial

S ustomers tha? q?alify for net metering can typically avoid any standby charges. The net
metering qualifying customers are typically renewable resource projects such as small solar

" photovoltaic projects.

]m\i'c.t ‘lev_el of reliability provided to customers in exchange for lower rates. The concept is that utilities will not have to build
ff}crtmes 1o n?ect ih.e peak demands of nonfirm customers, and those savings are passed to those customers through rate
discounts or incentive payments. To the extent that standby customers were to elect nonfirm standby service, the cost of that

service would be significantly lower {possibly zero)} than firm standby service.
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Table 6: Supplemental Standby Rates

Utility | Distribution Primary Transmission Charge Typer L
"} Rate - : . o
SCE 6.77 $&KW-mo 6.965kW- | 1.00$kW-mo
mo S '
SDG&E | 3.248/kW-mo 3.098kW- | 27$kW-mo - | ContractDemand | =
: “ | mo : . SRR
ConEd | $3.36 to $5.88 /kW-mo | 825710 $2.57103.36 $/kW-mo Contract = -
" | §7.59 10 $12.30 3.36 $4.56- $7.05 Demand. =~ = "+ |
S $4.56-$7.05 | $/kW-mo actual demand |
$0.0557 to $0.2383 | $0.0557 to $0.2359 (0.in winter) -
: B .| $/kWh energy charge . -

$/kW-month. 100%

Hawaii | 1140 ontt, 1
: annual demand ratchet.

Arizona | Reservation charge of Contract Capacity.
Public: | 3y $5.01/kW-mo if >90% ' '
Service | cap factor )

b) $6.59/kW-mo is 80-30% -

cap factor, or

c) $12.53.k_W—mo ‘

plus standby energy of

$0.01006 up to.

0.02961/kWh _
Net NA NA NA Customer billed inder. . -
Metering ' otherwise applicable

schedule only =

below shows the PG&E and SDG&E standby tariffs that canbe applied to a customer’s
entire load (no need for the otherwise applicable tariff). For PG&E, industrial customers (in. -
excess of 500kW maximum demand) may elect to use supplemental standby power, in which -
case, the customer’s normal usage is billed under the OAS, and only the backup power is billed -
under the standby rates. For SDG&E the tariffs shown below only apply to qualifying DER-

facilities.

PG&E and SDG&E take two fundamentally different approaches to the standby customer rate: S
design. PG&E imposes a small reservation charge and high energy charges. The energy charges. -
are significantly higher than the tariff rates for the otherwise applicable rate schedules. For -
qualifying DER facilities, PG&E waives the reservation charge. SDG&E’s Schedule AL-TOU-
DER rates are the same as their Schedule AL-TOU rates (non-residential time of use rates).
Qualifying DER customers are billed the same as regular AL-TOU customers, withno - '
adjustment for any higher cost of service. Similarly, qualifying residential DER customers pay

the same rates as all other residential customers on TOU rates. The authors expect that if DER
were 10 become a significant portion of SDG&E’s customer base, then SDG&E would revise its
rate design to reflect the cost characteristics of the DER customers. ' o '_
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7: PG&E and SDG&E Standby Tariffs by Service Voltage Level™*

Table
PG3E(S) . SDGSE (AL-TOU-DER} ) (DR—TGU‘«DE_RT‘ o
) . S P T S P §$Sub___PSub _ Trans Residential
Reservation Charge ($W- . - . -
mo).*™ 255 2.56 0.35] . : )
Standby charge ($/kW-mo) : ' 7.04 6.87 1 06 0.59]
Inax Dernand {$/KW-m0) . . .
smr . : S ¢ 11.26 1085 73 648 6.43
Wi . _ 514 507 1.77. 153, 183
|Energy Charges (SRWh) . . E _—
Smit Peak 0.50508 0.50755 0.49884 D.01588 0.01564 0.01504 0.01458 0.01454 0.10687
WPk . - o 001485 0.01444 ©0.01388 0.01357 0.01354 | - 0.08416 1
Smr Pl $.46779 0.15845 (0.11085 001313 001208 001228 001203 0012004 . DR ¥
1 WP 0.15422  0.14604 (0.12267 001208 . 0.01284 001230 001205 0.01202 I
1 smr Off 008427 008043 008145 001885 001185 001145, 001130 0.01128 | - " 0.08987
Wir Off £0.00620 009127 0.09125 001188 0.01180 001148 . 001133 0.01131 " 0,08220
IMonthiy charge. (s/month)” 17248 5520 35123 4818 4818 1376043 4376043  52.98] az8| .
“BGAE monthly rates valy according ihe the custorners' reservation capacity. Values shown are for customers between : R
SOKW and S500kW. Monthly charges are shown for a 30 day month. . ‘ ) ) o ) -
~PG&E applies the charge 10 85% of the reservation demand.
The scenario analysis will incorporate the range of charge levels and charge types identified |

fossil-fuel DER technologies. Renewable technologies will be

above for the evaluation of .
es, as well as the full range of costs used for the fossil fuel

evaluated with zero standby charg
technologies.

Exit Fees . ,

 ‘Exit fees have been a significant issue in the past for departing customer load. While ithas -

" largely gone out of favor by Commissions, the effort by utilities to classify more of their systems -
as being “connection-related” rather than “ysage-related” could provide a stronger basis for.
atilities to assign infrastructure costs to individual customers. Exit fee risk increases with the
size of the customer relative to the neighboring businesses and industries: the larger the ~
cenu'ibutor-to-area—peak-load, the stronger the utility argument for exit fees. Conversely, this
could also increase the value to the utility for the customer to depart the system. Of course,

_ while utilities are quick to assess exit fees, utilities are not offering exit payments for customers’
to depart and thereby reduce peak demand in capacity constrained areas. For this study, the
focus is on DER for customers that remain grid-connected, so zero exit fees are assumed.

' However, the cost effectiveness analyses do estimate the value of peak load reductions, so the
value of peak demand reduction is assessed, even if those costs are not currently signaled or

passed on to customers.

P-Sub = Primary Substation; P = Primary; S= Secondary

chedule EECC (Electric Energy Commodity Cost). Schedule EECC bills for
L-TOU-DER custgmers are

3 T Transmission; S-Sub= Secondary Substation;

# Note that SDG&E customers are also subject to S
utility supplied energy and CA DWR purchases . The current EECC tariffs for AL-TOU and AS

On-Peak=0.09976; Semi-Peak=0.07574; and Off-Peak = 0.07574 ($/kWh).
57



| billing

CUSTOMER BENEFITS OF DER

Annual Electricity Bill Savings

Calculate the electricity and gas bill for the customer with the original rate assuming a set‘éf
determinants. The range for this benefit will vary dependent upon the level of customer

demand and the utility territory the customer operates within.

 The structure of the utility rates affects the bill savings that a customer could attain through the
installation of “behind the meter” DER technologies. The larger the fixed charge, the less bill
savings potential for DER. In most cases, fixed charges are a small portion of acustomer’s
monthly bill. The small fixed charge is a result of rate design decisions that have viewed large -
fixed charges as inequitable toward customers with lower levels of electricity usage. Generally
yolumetric (per kWh) charges have been viewed as a “fairer” way to charge for electric service.’
However, many utilities are trying to shift more of the customer bill into fixed charges. The
argument used by utilities for the shift is that much of the electric delivery infrastructure costs
are fixed and do not vary with customer consumption levels. ‘As the fixed charges increase, the
energy charges decrease, and the value of behind the meter energy production decreases.-
‘Southern California Edison is one example of a utility that has proposed to lower kWh charges
and increase fixed charges to reflect the fixed costs of the grid infrastructure costs. That case is

still before the CPUC at this timg. ,

Sample fixed charges are shown in __ below.
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Table 8: Fixed Charges

PG&E SDG&E .
A-1 A-10 - E-19 . A - AL-TCU AL-TOU
<50,000 500kW - o ) :
- kWhiyr  <5D0kW 1000kW <20kW < BOOKW > 500kW

Energy ($/kWh) - | -
Summer Peak 0.18843 0.114596 0.11496
Summer Partial 0.10941 .0.08818 0.08818
Summer Off : 0.08199 _ 0.087 0.087
Summer All 0.2201 0.15957 ) 0.17533 ‘

" Winter Peak 0.11372 0.11372
Winter Partial 0.11523 0.08804 0.08804
Winter Off 0.09169 0.08703  0.08703

NI Winter All _ 0.14031 0.11167 0.1422_8
o Demand Charges o . _
" 'Max Demand - Smr 6.7 2.55 7.04

- Max Demand - Wir 1.65 2.55 7.04

- Al .

Summer Peak 13.35 11.26
Winter Peak S 5.14
Summer Partial 3n -
: Winter Partial . 3.65] -
S Customer Charge ($/day) 026612  2.46407  5.74949 :
- 1Customer Charge ($IMonth) - 8.61 48.18 192.69

SDG&E M

ax Demand Charge shall be based on the hlgher of the Max:mum Monthly Demand or 50% of

 the Maximum Annual Demand.

'I'he PG&E demand charges use the maximum observed demand in each month. The SDG&E
rates use the larger of the observed demand in each month or 50% of the maximum demand
- observed over the prior 11 months ThlS is a ratcheted demand charge. The demand charge -

variations are descrlbed below i in__
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Table 9: Demand Charge Variations

| Cha - | Characteristics | DER Impact e
Mgmh}y Billing based solely on the “The customer’s bﬂl saving is reducedto | .
Demand customer’s peak demand the extent that the customer takes - 1

observed in that month. In some | power from the grid to replace the DER

cases, the peak demand may be | at the time of the monthly peak. Inthe
measured over a subset of hours | extreme case, there can be zero demand |
(e.g., on-peak period) ~ | charge DER bill savings for the month. |

Ratcheted | Billing based on the larger of the | Greatly reduces the demand charge - -

Demand customer’s peak demand in that | savings for DER. Any forced outage '
month and some fraction of the | can potentially affect 12 months of
peak demand over some prior billing. However, this could also "
period. A common ratchet increase the value of DER: Ifa

provision uses the highest customer has a usage pattern that spikes |
demand (100% fraction) over the | over a limited number of hours each * - |
pnor 11 months. year, the DER could be used to reduce
that limited spike to reducethe - -
- | customer’s bills for 12 months, This -

peak shaving can be very beneficial to
the customer - as long as the DER
does not have an outage during the
limited spike period.

Authors are unaware of this form being -

Coincident | Customer usage at the time of

demand the simultaneous peak on some | used outside of wholesale transnfussmn
' part of the delivery system. transactlons
Difficult to administer, as the
timing of the peak is only known
ex-post. '

Natural Gas Costs

Although DER reduces consumption of electricity, natural gas fueled DER will increase natural =~ -
gas usage. The gas rate structure (level of fixed verses volumetric charges) impacts the o
economics of the DER similarly to the electric rate structure, but because gas consumption is
increasing this impact is reversed. That is, to the extent that a customer’s natural gas bill has a
high fixed charge component, the lower the incremental cost for any additional natural gas '

required by the DER.

Annual Avoided Fuel Costs

Include thermal value of combined heat and power systems as avoxded fuel costs. Thls vaiue -
will be in the range of $0.005/kWh to $0.06/kWh. L

Generators that provide waste heat recovery provide additional value to the generator owners.
The waste heat from this type of application is typically used for hot water or steam at the
customer site and displaces the cost of purchasing natural gas-or some other fuel to heat the
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water. The range of value these CHP installations pro'vide-'depends- most critically on the amount
of waste heat that can be captured from the generator and put to use, and the cost of the fuel - '

being displaced.

An example calculation of the thermal value of waste heat recovery is shown in __. With 40% of
the energy in the fuel being recovered and put to use, and an avoided fuel cost of $6.00 per |
MMBtu, the thermal value is $0.03 per kWh generated. This is calculated by first estimating the
. energy no longer purchased to heat hot water per kWh generator in Line D (Heat Rate x Energy
" Recovered / Efficiency of Replaced End Use) and then multiplying by the cost of the replaced
fuel in Line F. L ' . ' o
Table 10: Example Calculation of the Value of Waste Heat -

| o It |Caleulation.
A |Heat Rate Btu/kWh 10,000 Input
B |Energy in Fuel Recovered for Waste . 40% Input
) [Heat _ N :
“lc ' |Replaced End Use Efficiency Gie. |~ 80%| ~ Input
1. [|Boiler) - L
ID  [BtuNot Purchased per kWh 50000 . AxB/C
{E [Replaced Fuel Cost $/MMBtu - - 1% © 6.00 Input]
r [$/kWh in Waste Heat Savings ~$ 0030 DxE/10%

The example above is repeated for different assumptions of replaced fuel cost and waste heat
capture. Sensitivity analysis on the range of generator heat rates, or efficiency of the repiaced
end use is not performed because these inputs vary less between applications and are generally

_ better known. Within the range of ‘replaced fuel cost’ and ‘amount of energy recovered and put
to use’, shown in,___, the thermal savings can vary significantly from $0.005 to $0.063/kWh
generated. In particular, the customer installing the CHP unit must be able to utilize a significant -

portion of the waste heat to have significant benefits. :
Table 11: Value of Waste Heat Recovery ($ per kWh generated)

150% |§ 0. $ 0.050 |$ 0.063 -

B«B A
Assumption 1: DER Heat Rate of 10,000 Btu / kWh

Assumption 2: Replaced End Use Efficiency of 80%
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Wholesale Energy Sales

In the base case, assume that the DER customer does not sell energy to the wholesale electricity
market. S e

Qcenarios can set up to 100% of DG output to be sold to the wholesale market.. The wholesale -

prices are driven by the Wholesale Energy Forecast as discussed in Section

- In addition to the net metering discussed in.Section ___, it may also be possible for the DER
customer to sell energy into the wholesale energy market. In that case, revenues- from the
wholesale transaction will be included as a benefit to the DER customer. There will be a
corresponding drop in the avoided wholesale energy purchases and revenue reductions on the
utility’s side, since the energy the DER customer sells to the wholesale market does not reduce

their consumption from the utility.
The base case does not include sales by the DER customer to the wholesale market, but it is
possible to set the model to allow for customer sales. The percentage of output from DG that is

sold to the wholesale market is an input to the model.. The market prices are the same as those
used to calculate the avoided energy costs for the utility, see Section . o

Renewable Energy Credits

[In the base case, assume that the DER customer is not able to sell renewable energy credits
(RECs), and that the REC value is zero. However, for renewable energy installations, a value of
RECs to the customer could be realized. In this case, the value in the model for RECs ranges

" from a low of zeroto a high of $15/MWh

Low: zero ($0)
Medium: $6/MWh
High: $15/MWh

A Renewable Energy Credit (REC) represents the specific renewable characteristic of electricity that is geneféted
from either a renewable technology or from using a renewable fuel. The term green tag is also used to describea
REC as the “tag” defines the specific generation source: facility, vintage, technology type. One important element
of the REC market is that RECs can be purchased separately from the generation that led to the creation of the REC
RECs must be from a verified source such as wind, solar, or biomass. This type of market could result in an 3
additional revenue stream for the DER customer who elects to install a renewable technology. -

While 'there is presently not an active REC market in California, other states, such as Texas, have successfully been
operating a market for RECs_smce 2000. The values used in the model as a proxy for California REC prices are
results in the Texas market. These values are only intended to show that other markets may be

from published trade
available to DER customers with renewable generation and to observe the effect of an additional revenue stream on

the net benefit from the customer perspective.
Customer Reliability

In the base case, assume that the DER customer is not operating their equipment to operate

independently from the grid, and that the reliability value is zero.
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Grid-connected DER cari provide customer reliability services that wires cannot, serving asa -

combination of utility service, backup generator, and Uninterruptible Power Supply (UPS)ina
 single package. An integrated wires and DER system cannot provide peak availability as high as’
a wires-only system of the same capacity, however, availability at lower loads, which occur more
of the time, can be improved. If most of the reliability value is associated with lower loads, o e
wires-integrated DER can achieve more value than a wires-only solution. Thus, DER can '

improve reliability for critical loads.

What matters to customers are the frequency, duration and timing of service interruptions. When
. partial service is available (as with a backup generator or power rationing), the magnitude of firm
~ service is also relevant. Residents incur inconvenience costs at 2 minimum, and direct costs if .~
food spoils. or if working from home, and discomfort on a hot (or cold) day where electricity is
needed to stay cool (warm). Commercial and industrial customers tend to incur higher direct -~ -
costs from lost productivity and equipment damage. _ summarizes the inconvenience,
discomfort, and direct cost determinants. ' : ' :

Tahle 12: Summary of outage cost de!erminanis.

Inconvenience Reset clocks and equipment
' ' '| Entertainment: miss Oprah _
Appliances: no microwave or toaster
_ 7 ‘ - Idle time '
Discomfort HVAC :
Lack of light -
Lack of security
Direct Cost: Residential | Home office: lost productivity
Spoiled food
- | Equipment damage
Direct Cost: C&l *| Lost production
' Damaged equipment
| 1dle labor and factors
Overtime .
Foregone sales
Lost customers and future business
Recovery costs
Lost data

Reiiabiiity Value for Customers

Numerous studies have explored the value of reliable service, or cost of unreliable service,
through surveys of willingness to pay to avoid interruption, willingness to accept payment to
compensate for interruption, direct costs incurred, revealed preference through participation in
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curtailable rate programs or investment in standby generation and uninterruptible power supplies, -
conjoint analysis, ete.” : | | .

Costs of interruption vary by customer class. Outage costs to commercial and industrial -
customers inciude lost sales, reduced manufacturing output, spoiled inventory, damaged

. equipment, extra maintenance, and overtime. Costs imposed to residential customers include .
spoiled frozen foods, substitute heating and lighting costs, and inconvenience. Some customers
have a high per-outage cost, where even a brief interruption causes large problems, such as a

' semiconductor fabrication plant or a stockbroker, while others may have few problems until the

" outage lasts long enough, such as an ice cream factory or plastic molder. o

| Repbrtcd outage costs vary.tremendously. One common approach-is to normalizé outage cost on
a per kWh basis of energy not supplied. A range of values from the literature is illustrated in
for several residential, commercial, industrial, and combined commercial and industrial surveys.

Estimates typically range by an order of magnitude.
Figure 3: Typical range of reported values for customer value of service (VOS).

bt
8

o] Sl

310 -
: €

2

Customer Value of Servics, $/kWh Unsorved

2

) Rasidéntial Commen;ial Industrial’ Cal

~The range is due to survey methods used, the types of outages considered, and the Spet;iﬁc o
residents or industries involved. Typical mid-range VOS values are listed in __. |

Table 13: Mid-range customer value of service (VOS) estimates

Customer Class $ per 1 hour | $perd hour |3 per kWh
Residential™ $4-5 | $15-20 $4-5 |
Commercial® $400-600 $1,000 $30-50
Industrial $10,000- $40,000- $10-20

| 20,000 50,000

41 Customer outage costs estimates are surveyed in Woo, CX. and R.L. Pupp (1992) "Costs of Service Disruptions
to Electricity Customers", Energy, v12n2, 109-126. Recent information is also presented in a recent report from

SCE, Customer Value of Service Reliability Study, March 1999.



Agricultural $100 | $400° $5-10
T _ (summer) (summer)
| $2,500
(winter)

(1) Home office cu

(2) The fast-growing
significant fraction of new giro

stomers have not been specifically surveyed. The magnitude of this market is uncertain -
.. but growing, and has YOS much higher than & typical residence.

commercial business.

“dala center” seclor has not been specifically surveyed, but may account fore
wih and have demonstrated much higher value of service than the average

" Estimated annual outage costs incurred by various types of customers are listed in __, under

“typical” (fairly high
customers in California fall into the "extreme

against the cost ©
therefore estimate:

Table 14: Maximum outage cost estimates for fcustopr_ief types

for many areas) and "extreme" (poor) reliability levels. Fewer than 0.2% of
" case, possibly more in rural woodland areas. The
- value to residential customers in the worst areas with high VOS is on the order of $400 per year,
" but a more typical valueis only about $10 per year. Extremely high values must be gauged
f a standard UPS. Credible home office numbers are not available, ‘and are
d based on direct cost anecdotal information from published survey results.

Typical Interruption Level - Extreme Interruption Level
Interruptions | Duration | - Interruptions | Duration™{
{per year) | (minutes - (peryear) | (minutes
. each) o - each)
‘ . _ 1.5 100 10 200
.~ Annual Outage Cost Per iPerHour| Events | Duration |. Total Events Duration | Total
_ o Outage - . ‘

' [Residential: Typical VOS $1 $3 Ky $8f $9 s10]  s100 $i10
Residential; High VOS5 $£5 $10 58 $25 $33 $50 $333] $383
Residential; Home Office $50;  $100 $75(-  $250f $325 $500] $3,333] $3,833
Commercial; Typical VOS|  $200] $200 $ 300 $ 500 - $800 $2,000 $6,667] $8,667

 |Commercial: High VoS $1,000] $1,000 $£1,500 $2,500] $4,000 $10,000; $33,333} $43,333

‘Anecdotal data indicate that many customers think that brief interruptions can cost them between

$40,000 and $200,000 in business. Some manufacturers such as pharmaceuticals companies '
consider their outage cost to be on the order of $2 million per hour.”? Internet-based data centers
require extremely hi gh levels of reliability, which reflect VOS values orders of magnitude higher

than those reported for conventional commercial loads.

- For example, Sure Power is selling 1-MW grid-independent power supply systems for critical
loads, based on the ONSI fuel cell technology and flywheel storage. Sure Power contractually
guarantees 99.9999% (six nines) reliability, which is backed by a $5 million insurance policy.. '
With highly expensive technology and extreme redundancy, this product is clearly aimed ata

premium-price market niche.

a2 E Source, Distributed Generation: A Tool for Power Reliability and Quality, Report DE-3, November 1598.
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CUSTOMER COSTS OF DER

Annual Capital Costs, DER Maintenance, and DER Fuel Costs

Use average equipment capital and maintenance costs for each DER {echnologyb .-
Range in model will span plus or minus 20% of the average costs above
Focus on natural gas technology, with and without combined heat and power:

Assume financing rates applicable for an industrial customer

Direct costs to the DER customer include the equipment capital costs and financing,
maintenance, and fuel costs. These costs are based on values that the E3 team has collected, -
typically from publicly available sources. 'DER equipment costs vary by manufacturer,
technology type, and size. Maintenance costs will reflect the type of usage of the equipment.
Fuel costs, which are tied to the natural gas market prices, are variable with the hours of

operation and equipment efficiency.

Given these cost ranges and uncertainties, the analysis begins by using average values for these
costs as shownin __. The values shown below reflect E3’s ongoing survey of current DER
costs. Afier generating baseline results from these average values, sensitivity analyses are
conducted using a 20% cost increase and decrease. Since there are so many options in terms of
size and technology type, the focus is on one example of each that reflects the prevailing

economics for that type.
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Table 15: Average Cost_s_ and Operating Characteristics of DER Technologies '

Heat Rate o e '

Btu/kWh (Net = ’ - Environmental

Heat Rate for . ' Variable Annual Externality
Gengrator - CHP Capital = Fixed O8M O&M Load Benefit? O=no,

Technology Factor -1=yes

Life (Years) Applications). Cost $/kW $/kW.yr $/kWh
Fuel:GCell Technol LT : : R

For the majority of the DER technologies that use a fossil fuel, it is assumed that natural gas is
‘the primary fuel. However, in some cases, diesel is required to operate the DER equipment. |
Fuel cost assumptions can vary by organization but this analysis incorporates the CEC’s natural
' gas price forecast shown in___ . For combined heat and power applications, the natural gas
prices these technologies receive are used (which typically do not include local distribution

charges).

Fina’ncihg Assumptions |

The appropriate financing rates are applied depénding on the application. There ére three main

ranges for cost of financing and required pay-back period for a DER application. The ranges are
" as follows: ' _ ' ' . ,

e Industrial Customer: Appropriate for behind-the-meter generation where the customer’s maﬁn '
emphasis is savings and risk reduction in their energy bill. “This is the appropriate o
perspective for most of the analyses. Assume financing of 8% over 10 years'in the base case.

e Merchant Plant Financing: Appropriate for large-scale generation where profit from energy
sales is the main driver of the project. This type of application is not the focus of this
analysis. h

e Residential Customer: The optimistic case for residential financing is to use a 30-year home

mortgage rate. This may be appropriate for small-scale photovoltaic applications. The small
residential applications are not the focus of this analysis.
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Emissions Offset Purchases

Include best estimate of environmental permitting fees in two scenarios, urban and rural. This
would include the permit application as well as the engineering and purchase of offsets. '

Depending upon the jurisdiction, permitting costs can add a significant amount of fime and cost
to fossil-fuel DER. For smaller projects in particular, the costs of environmental permitting can
be_ prohibitive. For example, the Bay Area Air Quality Management District’s (BAAMQD)
- specific fees that could be required as part of the environmental permitting process for DER
facilities include: ' ' : : a
. Adzni_r;jstratiVe (Hearing Board) fees
. " Lower for smaller firms '
e Combustion of fuel fees
e Major stationary source fees _
o only for larger units emitting more than SO'ton/yea'r of orgénic compounds, sulfur oxides
nitrogen oxides, and/or PM10 : o S L -
o Major stationary source fees

e Excess emission fees

: The specific BAAQMD fees for the combustion of fuel are shownin___.
Table 16: BAAQMD Combustion of Fuel Permit Fees -

Initial Fee (per source) | $32.52 MMBtwhr $éé;545
Permit to Operate Fee | $16.76 MMBtwhr - | 128 -~ | §31,272
(per source) '

The BAAQMD fees for major stationary sources are shownin ___.
- Table 17: BAAQMD Major Station Source Fees ' |

‘Organic Compounds | $53.35/ton

| Sulfur Oxides .$53' 35/ton
Nitrogen Oxides $53.35/ton
PM10 $53.35/0n

The example fees identified above only represent the fees for the Bay Area of Caiifdnxia,' ‘Each.
air district will have different fee structures with which a DER owner will have to comply.

Additionally, the list of potential fees described does not include the time and resources required from the generation

* owner to complete the necessary permit paperwork for the managing air district. As this process can be lengthy and
require significant resources, the overall cost of environmental permitting for fossil fuel burning DG is considerable.
The permitting costs can be identified for specific DG technologies and an assumed resource factor can be added to
the direct permit costs to appropriately mode! the impact of permitting on DG cost-effectiveness. :
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| "!nterconnecﬂon Study, Eqmpment and Electnc System Upgrade Costs

iInclude base case cost of $2,000 for interconnection. Thls includes study and basic customer
“interconnection equipment. Assume a zero cost in the base case for electric system upgrade

; *costs_ .

‘ Range of mterconnectzon study and customer costs span from zero to $30,000 per DER
mstaBatxon

] Actual electncal system upgrade costs to interconnect DER are very location-dependent.

L Interconnection Study Costs

* Prior to the passage of Assembly Bill (AB) x1-29 in April 2001, customers making generation
requests were responsible for the engmeenng study costs. However, ABx1-29 reduces customer

" responsibility for study costs by raising the cost exemption limit from 10 kilowatt (kW) to

- 1,000 kW for renewable (e.g., solar and wind) self-generation metered by reversible flow meters -
“and covered under the E-net (net energy metering service) rate schedule. The effect of ABx1-29

is that utilities (and potentially other customers) will now bear the study costs for ehg;ble

self-generation projects. PG&E estimates that the average engineering study cost is $800.

* - "Customer Interconnection Costs -

E Interconnection costs are the incremental costs to safely connect DER to the utility grid.
Typically they are defined as the non-refundable fees that the DER customer pays to the utility to

- facilitate connection to the utility grid. The utility fees can cover: 1) any equipment that the

* utility must install in order for the DER customer to connect safely to the grid; 2) engineering
* costs borne by the utility to evaluate the DER installation, such as the identification of necessary

. protection scheme modifications; 3) switching; 4) metering; and 5) administrative costs.

" Interconnection costs can also include customer payments to third parties such as the DER -
© provider. Because most DER projects are small; interconnection costs can add a significant

percentage to the total installed cost of a project. Efforts have been underway in the DER

. community to reduce interconnection costs through the establishment of uniform national
standards and “pre-certified” DER with integrated protection devices.

Utility Upgrade Costs

- Referto Section ____

‘ lnsurance

| This cost is relatively small in comparison with the other customer costs so in the base case, it is
assumed that insurance costs are zero. Although this can be adjusted for spec1ﬁc cases, it is
assumed that in all scenarios the incremental cost of insurance is zero.

Some jurisdictions allow utilities to require that DER customers provxde insurance and
indemnification naming the utility as the payee. In some cases, the amount of required coverage
is limited by the Public Utility Commissions (PUC). As an alternative, the NY Public Service
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Commzssxon removed the requirement for a separate insurance coverage for DER’ and mstead
merely required that homeowners prove at least $100,000 in homeowner’s policy coveragc

Other Ut_ility Infrastructure Costs and Operational Costs

The base case assumption is that there will be no significant upgrade requirements for utilities
other than the electric utility. It is also assumed in the base case that there are no addltlonai -
-operational costs. These assumptions will be updated durmg the pilot studies when more
location-specific mformatlon is available. : : '

On]y the electric utility is included as a stakeholder in the current version of the model The
interconnection study costs and system upgrades discussed in Sections __, __,and .. refer to
the upgrades required to connect to the electrical system. However, the DER applzcatlon may -
necessitate upgrades to other utility systems, for example natural gas pipeline compression. - -
Investigation of the occurrence and level of such costs is beyond the scope of this study, but
there are placeholders in the model to add other unhty costs as when they are 1dent1ﬁed in the
course of the pilot studies. The base case assumption is that the DER will be mtuated where E

there is sufficient natural gas delivery capac1ty

Similarly there may be on-going (non-electnc) operational costs that are tiot mcludeé in the
specifications of the DER technologies. An example is a high level of water usage for certain
fuel cells. Again, a field study of the operating characteristics of all the technologies included in
. the model is beyond the scope of this study, but there are placeholders to add other operational .

costs as they are identified in a more detailed pilot study. The base case assumption is that there
_are no significant operational costs other than those listed in the technology specifications. .

UTILITY BENEFITS OF DER

Avoided Wholesale Energy Purchases

In the base case, use E3’s internal forecast for forward energy prices as avozded uuhty costs in’
the base case.

In testing the scenarios, this forecast will be compared with CEC forecasts and/or utxhty data (1f
available). : : _

In jurisdictions where there is an active wholesale market, such as California, current qﬁotes'" for
forward electricity contracts are used to generate short-term (0-3 years) forecasts of power
prices. For long-term forecasts (>3 years) there are a number of alternatives.

1. The utility may provide its own forward price curve. This does not usually happen as the data .
is confidential and the utility will not want to use them if the results and underlymg
assumptions of the analysis are to be publicly available. \
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2. Use .E3.’s forecast. AU | 7
3. Use publicly available forecasts of long term power costs from such sources as the Energy
Information Administration (EIA), CEC, Northwest Power Planning Council, etc.

___ below shows the range of current forecasts for California. The historical data and Platts
forward prices shown are for delivery to NP15 (north of path 15). The wholesale prices quoted
for California are for firm delivery of energy and therefore include both energy and capacity. In
New York there is also a capacity market, so there forecasts for both energy and capacity would
. be generated. The EIA projections are for retail prices for the Western Electricity Coordinating
" Council / California region hence they are higher than the wholesale projections from the CEC

. and Platts. ' ' :

. Figure 4: Rénge of fomiard é‘lectricity prices for delivery to NP'i_s
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rices are projections of annual average wholesale époi prices.
-peak wholesale prices. The Platis forwards are adjustedto

Note: EIA prices are projections of annual average retail rates. CEC p

Platts are traded prices for monthly, quarterly, and annuai average on
: monthly averages using the historical ratio of on-peak to off-peak prices.

The E3 forecasts of energy costs in California use a combination of electricity forward contacts,
natural gas futures contacts, and estimates of the long run marginal costs of a gas-fired combined
cycle turbine (CCGT). ___ illustrates the method for generating the avoided energy costs.

e  Step 1: The first three years of the forecast is based on the electricity forwards contracts

Step 2: The percentage changes in average -gas prices from the gas futures data are applied to
the average electricity price to extend the electricity forecast to 2008. ‘ ‘

e Step 3: Assume the resource balance year to be 2010.

Step 4: Assume that the average market price in the resource balance year will be the long
run marginal cost of-a 500 MW Combined Cycle GT (CCGT).
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beginning of the long-term forecast (2010).

Step 5: Use a simple linear trend between the end of the short-term forecast (2008) and the ,

Step 6: From 2010 use the long run margmal cost of the CCGT escalated for znﬂatlon.

Figure 5: Long-term forecast of electricity prices for delivery to NP15

$/MWh Resource
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Long Run Marginal
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For sensitivity analyses, adjust the resource balance year (from 2006 to 2014), and test dzﬂ'erent.
scenarios of the underlying natural gas price forecasts and the plant and operating costs of the :

___below gwes the range of estimates for the CCGT.

CCGT.
Table 18: Plant Cost and Performance Data for a 500 MW Combined Cycle GT :

|Operating Data

Heat rate (BTU/kWh) 6,500 to 7,500
Lifetime (yrs) ' 15t0 25
|Plant Costs
{In service Cost in 2004 ($/kW) 500 to 650
Financing Costs ($/kW-yr) 75 to 90
Other Fixed Costs ($kW-yr) 12t0 25

Total Fixed Costs ($kW-yr.) 8710115
Fuel Costs ($MMBtu) 4106

Total Variable Costs (¢/kWh) 03 t0 .06 .
Capital (¢/kWh) 2t03
Variable (c/kWh) 3to6

Total Costs in 2004 (¢/kWh) 5t09

The NYMEX Henry Hub future contracts are used to forecast the natural gas prices used in the
short-term electricity price forecasts. The futures prices are adjusted for basis differential to the
relevant market. The NYMEX contracts are traded 72 months in advance giving five years of
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‘market data, As with electricity prices there are alternative sources of gas price projeétions for
long-term forecasts. ___ below shows a current range of forecasts for natural gas delivery to

California (So Cal Gas and PG&E Citygate).

Figure 6: Historical and projected natural gas prices (averaged over delivery month)
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Generatibn‘Muitiplier Effect

| In'the base case, assume a generation multiplier effect of 1.0 (no effect). In the scenarios test the
following range of values:

| Low Effect: 1
Medium Effect: 3
. ngh Effect: 5

A system-wide benefit DER can provide is the reduction of market prices. This benefit applies

1o all customers in the region, including the DER owner as well as stakeholders purchasing
energy from the market. Economic intuition suggests that implementation of distributed
generation reduces the electricity demand of program participants and shifts the market demand
curve downwards along a given market supply curve, thus effecting a price reduction that can |

“benefit all electricity consumers.

A system demand reduction can decrease market prices in three specific and important ways.

_ First, it reduces the output from units with high marginal production cost that drives the price
offers of those units. Second, it can mitigate capacity shortages, thus diminishing the above-

marginal-cost markup (i.e., shortage cost) required to balance system demand and supply. Third,
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it can counter energy sellers’ market pdwer’, the ability to raise market prices through capacity
withholding. ' ' : _ S |

The benefit to an electricity consumer is his/her gain in consumer surplus(CS). This CS gain
consists of (1) the bill saving directly attributable to the price drop, and (2) the benefit from |
“incremental consumption induced by the price drop. When the consumer's individual demand is
highly price insensitive, the incremental consumption (and therefore its ensuing benefit) is small,
~close to zero. In this case, the CS gain is mostly bill savings.43 S

" The California Measurement Advisory Committee (CALMAC) acknowledges the importance of .
the price effect of a system demand reduction.** It affirms the use of escalators for the purpose
of quantifying the system benefit of a load reduction. This practice is further supported by the
assigned Administrative Law Judge’s 10/25/2000 ruling (ALJ Ruling) on Applications 99.09- .
- 049, 99-09-050, 99-09-057 and 99-09-058, which states that “[t]he escalators are determined by
Jooking at the “load reduction value” or “consumer surplus” relative to the market priceand - -
ing a ratio. The escalators are multiplied by the market price — either during peak or off-peak
— to arrive at system value.” (p.13). : - F
The CALMAC report opined that the size of the on-peak escalator is 5X as long as market power |
is exercised and drops to 2.5X after market power conditions are mitigated. See CALMAC

_ (2000) Avoided Cost, Report on Public Workshops on PY 2001 Energy Efficiency Programs,
09/12/00 — 09/21/00 and 09/26/00, California Measurement Advisory Committee (CA: San .

. Diego), pp.2}-22.. 7 :

Avoided T&D Capacity

T&D value is extremely area and time specific. Use three scenarios based on the E3 analysis of
the PG&E system in 1994 (looking forward to 1999); $0/kW, $289/kW, and $1330/kW for 20

years. |
Ihciude reduction of utility loss savings due to DER in estimation of avoided energy (9%rl'osses
assumed) and MDCC costs (12% losses assumed). : T
Include in the evaluation a consideration of DG reliability (redundancy) requirements to provide
‘firm’ capacity. : _ _ ' o _

Using information from existing utility system costing studies, which include detailed analysis -
on many ‘distribution planning areas’ within several utilities, we can develop a range of the
potential value the avoided T&D capacity costs. This will provide one estimate of the range of -
value that DER could provide for deferral of utility investment. Once the overall range of
avoided T&D costs are defined for some existing systems, several high cost areas will be
analyzed individually to illustrate the systems we expect to be in place today and in the future.

A 1994 E3 study of four US utilities illustrates the variation in mangnal distribution capac'ity
cost (MDCC) by time and location, both within and between different utilities. This study

4 Woo, C.K. (1984) "A Note on Measuring Household Welfare Effects of Time-of-Use Pricing,"” Energy Journal, 5:3, 171-181.
4 CALMAC (2000} Avoided Cost, Report on Public Workshops on PY 2001 Energy Efficiency Programs, 09/12/G0 - 09/21/00
and (9/26/00, California Measurement Advisery Committee (CA: San Diego). E
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estimated the MDCC value in 378 utility planning areas across four utilities iﬁciu‘dihg:Paciﬁc .
Gas and Electric (PG&E), Kansas City Power and Light (KCP&L), Central Power and Light
~ (CPL), and Public Service of Indiana (PSI), now CINergy.

- The four utilities vary from each other by location, customer mix, load proﬁlé and size. PG&E,
for example, is larger than many national utilities, ‘with annual sales of about 75 TWh (75 billion

kWh). ____and___provide information on each of the utilities studies.

" The MI)CC was estimated in the 378 planning areas across these utilities. The range and

" variation of MDCC within and between these four utilities is shownin ___and ~__, which show
“the utilities' MDCC estimates for 1994 and 1999. In this study, the MDCC was eshmated asa

lifecycle value over 20 years. For example, a MDCC of $500/kW means that a l-kW reduction

' for 20 years is worth $500.

Tabfe 19
Customer Mix, Resmlentla! Rate and kWh Use, and Empioyment
Utility | State Custemer Mix : | Residential Customer Number Of Full- |
- ‘ : | Average Time Employees
PG&E | California | Residential: 3,637,374 | Rate: 10.41¢/kWhr 17,770 -
| C&l(Small): 446487 |Usage: 6,443 kWhryr | .
C&I (Large): - 1,145 :
Others: 111,781
. ‘ . {Total 4,196,787 .
PSI Indiana Residential: 522,769 Rate: - 6.00¢/kWhr ' 3,962 -
o | Commercial: 71,008 | Usage: 11,953 kWhriyr |
| Industrial: 2,923 S
Others: 1,308
_ Total: © 598,008 .
CP&L Texas i'Residential: . 476,555 |Rate: 7.90¢/kWhr' 2,336
Commercial: 2,153 ‘Usage: 11,492 kWhr/yr
Industrial: 6,441
| Others: 3,540
| Total: . 558,689 | S
KCP&L | Missouri Residential: 362,787 Rate: 8.10¢/kWhr 3,233
' Commercial: 48,042 Usage: 9,959 kWhrfyr "
Industrial: 2372
Others: 134
Total: 413,426
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| . Table20 |
Sales, Pea_k, and Substations

Utility 1991 Sales System Peak Bulk Power Distribution .
7 ‘ (GWhr) (MW) - Substations . i Substations
PG&E 74,195 Summer: 18,620 - |No.87 No.828 |
o - " Winter: 14,876 kva: 33,130,000 kva: 24,547,000 .
PSI - 27,185 | Summer: 4,756 No. 114 No. 426
; Winter: 4,083 |kva: 20200,154  lkva: 5,705,896 .
CP&L | 16,925 Summer: 3,291 No. 56 No.226: =
B : | Winter: 2,762 | kva: 3,565,000 - |kva: 3,919,050 .
KCP&L 13,106 Summer: 2,751 = {No.16 No.101 -
' ' Winter: 1,674 | kva: 9,389,998 | kva: 4,972,034
Source: Directory of U.S. Utilities, Electric World, 1993; 101 edition.
L - Table 21 '
Descriptive Statistics for 1994 MDCC ($/kW) by Utility
Utility . |Number |% of Areas iIst Medium|3rd  [90th Maximum [Mean ~ [Standard
" lof Areasiwith S0/kW |Quartile : "|Quartile {Percentile; Deviation |
PG&E [201 ~ |18.91% $166  |$240  |$303 (8392 $1,173  [$230  [$156
PSI 152 |73.03% $9 - |s0 . |s28 $197 151,040  |$64 $169
lcpaL 17 [0.00% $269  [$344 - [$712  [$1,638  [$1,801 . [$550 - [$659
KCP&L 6 0.00% $78 $129  [s162  |$201 $233 $130  [$67
‘ ' Table 22 o -
Descriptive Statistics for 1998 MDCC ($/kW) by Utility
Utility . [Number |% of Areas 1st Medium [3rd 90th Maximum |{Mean [Standard
‘ of Areaswith $0/kW |Quartile Quartile |Percentile|. 3 . |Deviation
PGE&E |201 118.91% . [$207 . (3289 [$335  |$433 $1,330 $267 [$179
PSI 152 72.37% $0 $0 $29 $171 $1,641 $73 . [$217
lcreL |17 [0.00% 18321 $534  [$859  |$1,732  |$1,795 £556 |$690
KCP&L |6 0.00% $62 $99° 1108 [$146  [$182 $94 854

o compaxes the distribution of MDCC in 1994 for each of the utilities. This chart shows‘thé__ o
MDCC for the different utility planning areas as a percentage of utility load. For example, 50%
of PG&E’s load is served into areas with a MDCC of approximately $300/kW. o

From , and , we see that the MDCC variations can be dramatic: 72% of PSI's -
' planning areas have z€ro MDCC over the 20-year planning horizon, while 75% of CP&L's
planning areas have MDCC values greater than $320/kW. The MDCC distributions vary
substantially by utility. The MDCC for KCP&L ranges from $50/kW to only $182/kW, while .
the range for PG&E is from zero to over $1300/kW. The mean MDCC varies from $73/kW for-

PSI to $556/kW for CP&L.

76



Amount of Load at Different Levels of MDCC
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Figure 7: Distribution of MDCC Values for Four Utilities

DER Value at Various Penetration Levels

The MDCC results from the four utilities described above can be used to estimate the amount of
DER that would be needed to defer distribution capacity at a given MDCC level. One should be
very cattious about extrapolating such results from one utility to another, and as the results-
show, the values for an individual utility change over time. However, the results from these four
utilities provide a representative range for comparison. ' - ' .

The wide range of potential avoided distribution capacity costs shown by the MDCC values for
each utility provides an estimate of the marginal distribution capacity value. This is the value
that a small amount of DER can provide the distribution system in different areas. However,
with high penetrations of DER in a given utility market, the marginal cost of distribution over-
estimates the actual avoided cost for the DER. This over-estimation occurs because as more
DER is introduced, the incremental value of additional DER is reduced. In other words, there
are decreasing returns to additional DER, because not every kW of DER can offset the highest-

cost distribution capacity.

At significant penetration levels, the value of DER decreases because investments are deferred
farther and farther into the future, which has less and less value. The highest marginal value can
be achieved by deferring the highest-cost planning area for one year. However, this may not
amount to a significant amount of DER potential at a given time. ' o

In order to estimate the amount of DER potential at a given avoided cost, as indicated .by the
distribution of MDCC values, it is important to understand the relationship between DER
capacity and the potentially deferred distribution capacity. The DER source does not have to
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‘meet the entire load of a distribution plannmg area, nor any of the ex1st1ng load. Rather, the
DER source can defer planned distribution capac1ty by reliably meetmg the new load growth that

is expected in the coming years.

Thus the maximum amount of DER potential at a given MDCC is considerably less than the
'ex:stmg loads in the distribution planning areas where the MDCC value apphes Once the DER
capacity is suffi cient to offset new load growth and defer capacity expansion, additional DER
capacity would not provide any more deferral benefit. On the other hand, the DER source must -

| . have at least sufﬁcaent capaczty to replace one years’ Ioad growth to be sure that some deferral is

_ ach}eved

_ shows the MDCC value of DER as a function of penetration for the feur-utxhty sample.

d1splays the same information graphically and provides an overall picture of the range of -
" achievable MDCC with significant DER penetration. The “percent of utility load” data in

correspond to the maximum share of total load that could be deferred by DER ata glven MDCC
~ assuming that the DER is placed in the ideal point in the system to capture the maximum

P distribution capacity deferral value. The DER penetration values are estimated assuming a

. .maximum deferral penod of 10 years. At an average annual load growth rate of 3%, this
- corresponds to a maximum of 30% of the utlizty load that couid feasibly defer distribution

e mvestments

For example, at 1% of the utility load, the MDCC ranges from $I74/kW at KCP&L to
'$1,535/kW at CP&L. For PG&E, which is by far the largest of these utilities, the first 1%
. penetration or 186MW (corresponds to ]% tlmes 18,600MW from _) would have a value of
E.*'$388/kW _

Table 23

Capacnty Value as a Funct:on of Penetration for Each Utility

1.00% . [$388 [$395 [$174  [$1,535
2.50% . [$335  [$132 [$160  [$1,219
5.00% [s290 [s53 [$138  [$548
10.00% $241 [$27 (8112 [$269
2000% (8182 [$0  [$55  [$211
130.00% $0 [s0 [s0  [s0
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Maximum Distribution Value of Targeted DG
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Figure 8: Range of achievable MDCC with signi_ﬁéaﬁt DER penetration

At high level of penétrations, the value of distribution capacity decreases as more and more DER
is installed. There are also a minimum number of units that must be installed in order to defer
planned transmission and distribution investments by at least a year. Since utility planners work
" on an annual cycle to prepare plans to meet each years forecasted peak load, deferral for less than -
a full year of load growth has no economic value. " :

Problems and Costs of Siting Transmission and Distribution

Another factor that leads to higher distribution capacity costs is the increased. siting sensitivity to
new distribution capacity investments since the four-utility study was conducted. This siting
sensitivity Jeads to higher costs, since projects are studied longer, and they are more likely to.
" include underground facilities, different routes, and other ‘camouflaging measures.” This is .
particularly true in expanding suburbs that are now developing their own business-centers, such
as the example from Tri-Valley in PG&E’s service territory discussed below.- I

Key Drivers of Distribution Deferral Value
The relationships between the key drivers of deferral value include the following:

e [Expected load growth, which drives the need for new capacity, but also causes such capacity
1o be used (fast load growth reduces the time new capacity can be deferred);

"o Deferrable planned investments, the cost of which drives the MDCC;

e Siting constraints (right-of-way, undergrounding, etc.), which can exclude technical options,
complicate distribution design and increase the cost of needed investments;
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- For the most part, the effects of load growth and siting constraints are captured in the distribution
capacity investments that are cailed for in the expansion plan. The costs of these deferrable |
investments drive the MDCC value and indicate the utzhty cost savings that can be achwved by

DER.

Idea! Target Dnstnbutlon Piann;ng Area

The ideal distribution planning area for DER is the one with high MDCC, which represents a
high avoided utility cost for potentlai DER investments. Such an area usually has a need for new
distribution utility investment, and a moderate level of load growth. In such an area, it may be
possible to defer the jnvestment for several years with only a few MW of on-peak capacxty load

reduction:

Contrary to popular behef the area with the most concentrated ut;hty mvestment is not
necessarily the area with the highest value. These areas have high costs for potential deferral

but they usually also have very high load growth, Fast growth makes it difficult to defer capacxty
expansion for very Iong, or requires large peak load reductions (from DER, for example) to do
so. Therefore, the value of reducing load per kW is not necessanly hi gh even though there are a

- lot of dollars at stake.

' Real:z:mg Deferral Benefits

To defer the distribution investment, one of the foilowmg has to appiy

4, DER must have rehablhty at least as good as the conventional wires solution,

OR: S
~ 5. DER must meet the same minimum reliability standards as: the conventional wires solut:on

The subtle difference can have a large impact because of the dxscrete or "lumpy" nature of
system failures and capacity. A wires solution may result in 99.99% availability in order to meet
a minimum standard of 99.9%, because the next best solution may only be 99.8%. There is
clearly a large d1fference for the DER system to meet a 99.99% versus 99.9% target.

_The second point of tension is which metric or metrics are to be used to judge "equivalence.”
Availability at peak load is a metric familiar to distribution system planners, but so are expected
unserved energy (EUE), annual expected outage time and expected number of outages per year.
It is possible (and not uncommon) for potential solutions to rank in one order in terms of

availability and the reverse order for EUE.

Reduction of Losses

Uuhty distribution companies (UDCs) try to hmlt energy losses on their systems. Reduced
losses can improve the overall efficiency of the distribution system and allow the UDC to
purchase less energy to meet the same customer demand. Cases in which high losses are a
problem are usually solved by upgrading conductors on a long circuit, or by providing reactive
power support where reactive power losses are high. ,

DER can also reduce system losses by reducing the current flow from the transmission System
through the transformers and conductors on the distribution system. Because losses are '
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proportional to the square of the current load (12), the effect of DER on losses is most

pronounced during times of peak loading. The presence of DER in the right location can

~ possibly defer or eliminate the need to re-conductor specific feeder segments, although this is |
usually not a major component of the MDCC. The effect of DER on reducing losses inthe =~

“system is quantifiable in energy savings to the utility, with some limited capital savings.

A secondary benefit that DER-based loss reduction provides to the UDC is the reduction of the

UDC's total installed capacity as seen by the transmission system and Independent System

_ Operator (ISO). Capacity payments.and ancillary services charged by the ISO to each UDC are
~ allocated in part by total load, including losses. Therefore, incremental loss reductions provided

by DER can help reduce these payments from the UDC. ' '

~Conclusions on Distribution Capacity

The value of deferring distribution capacity investments, indicated by the MDCC values, varies .

- widely by area. The relatively low mean MDCC values imply that little DER would be cost-

effective, if implemented at the same time system wide, at PG&E and especially at PSI, unless'

 system-level (generation and transmission) avoided costs were large, which is unlikely because

' these utilities had excess generating capacity and slow system-wide load growth at the time of
‘the study (but not now). L ; |

" The individual area-specific MDCC values also fluctuate considerably over time, although the.

_ system-wide MDCC estimates were similar in 1999 compared to 1994. Few of the high-cost
areas in 1994 continued to be high-cost areas in 1999; rather they were replaced by other

 planning areas that become high-cost areas as a result of imminent distribution capacity.
expansion. Similarly, some of the high-cost areas in 1999 may continue to be high-cost areas in

2001 and beyond, but others will be replaced by other planning areas where distribution capacity
expansion is planned. . o

___and___illustrate the importance of MDCC information to evaluating the cost-effectiveness
of potential DER sites.  For example, based on the 1999 results, a DER unit with a cost of
$320/kW would be cost effective in more than 75% of CP&L's planning areas on the basis of
MDCC alone, while it would only be justified in about half of PG&E's arcas, less than 10% of
PSI's areas, and not at all for KCP&L. A DER application with a cost of $500/kW would be
cost-cffective in more than half of CP&L's planning areas but in less than 10% of the other three
utilities’ areas. : : 7 : _

1n addition to the area- and time-specific variations in the MDCC values, the deferral value of
DER decreases at high penetration levels, for the following reasons: >

s Asmore DER is introduced, the incremental value of additional DER is feduced. ‘

o Distribution investments are deferred farther into the future, reducing their value.

- e Once the DER capacity is sufficient to offset new load growth and defer capacity expénsioﬁ,
additional DER capacity provides no more deferral benefit. ‘ '

The feur-ﬁtility study is a few years old, as it was performed looking forward from 1994 t0 1999
and beyond. However, the fundamentals of utility planning and growth, costs, and technology
that drive the costs of increasing capacity have not changed significantly. Therefore, the level.
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and ranges of the marginal capacity costs across'utility plahning areas in 1999 should be faﬁl'
rcpresentative of the current distribution of costs. ' o - v
Assu{ning.the highest growth areas have been the first priority for distribution invest:ﬁents t.hé -
remaining areas that have not yet been upgraded are likely to have high marginal costs looltting

forwar(.i. Siml.nly. put, there are probably more high-cost areas with planned distribution -
expansion projects now than there were in the 1994 study cited above. _

Customer Payment for InterconnectionvStudy Costs
Refer to Section ___ '

SYst,_ém Reliability

Assume in the base case that utility reliability metrics remain unchanged due to DER. Il.l.a hlgh S

| DER penetration case, we can estimate an improvement.

R_elidbility of electrical service refers to the adequacy and security of the distribution Sysf ermi It
generally means whether electric service is available or not, and if not, then how often, whex;, for
how_iong, losing how much load, and affecting how many customers? R o

- Power qu-a?ity refers in general to waveform _Speciﬁcs such as voltage or frequeﬁcy
abnormalities, power factor, harmonic distortion, or aberrations from an ideal sinusoidal AC

- wave shape.

Outages and shortages affect utilities, even when they do not lead to service interrﬁijtioﬁé For
example, a blown transformer in a substation with extra or redundant capacity still réquire‘as
repair even if no customers are affected. Likewise, a shortage initiates costs of implementin;
load curtailment programs and (depending on the grid configuration and market structure) s
scheduling and balancing headaches and price volatility. ' ' o :

Utility outage costs include loss of revenue from customers not served, loss of customer
B goodwill, loss of future potential sales due to adverse reaction, and increased expenditure due to
- maintenance and repair. Reliability is generally treated as a constraint in engineering desi '
practices rather than considered explicitly as a cost, requiring that the system meet Speciﬁ%n

availability, 1oss-of—load probability (LOLP) or other reliability index criteria.
What matters to the utility is the cost associated with repair, lost revenue due to unserved energy
~ public perception and goodwill, penalties or foregone performance incentives, manning call ’
centers, and in some extreme cases civil penalties and related legal costs. In the longer term,
reliability problems could prompt customers with the greatest sensitivi to si "
H ' simply bypa
utility system altogether. : ty P y bypass the
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Table 24: Summary of utility outage cost determinants. '

Direct Cost Emergency response/repair
Lost revenue .

Call center

SCADA systems

. | Paperwork

Indirect Costs. Penalties |

| o Foregone incentives
Accelerated investment

. _ 1 Legal costs
| Risks Bypass: lost customers
D | R Regulatory repercussions (rafe‘h'earings)
" | Intangibles | Goodwill '
BN Public perception

Reliability Value for Utilities

 Direct repair costs are dominant and estimation is straightforward. Based on publicly available

 rate cases and outage data, utilities on average spend approximately $2,000 to $3,000 per event
that results in a sustained outage. These costs vary widely, from a few hundred to several

" million dollars. DER will not prevent trees from hitting wires or cars from hitting poles. DER
will in general only be able to reduce outages attributable to overloads and a portion attributed to

- "equipment failure" and "unknown" (which can be due in part to overloading). In-all, these may
constitute 10-30% of all outages, depending on the utility and the area. A reduction in

overloading does not eliminate these outages, but it incrementally reduces the failure rate.

~ Additionally, repair costs in an area with DER could increase due to the added complexity of
safe procedures with the possibility of "islanding", or isolated dispersed generation still
‘connected to the grid. ' '

As restructuring evdlvefs across the country, performance-based rates (PBR) are being designed
and implemented to provide a financial incentive for utilities to contain costs and provide cost- -

effective enhancements to customer service, power quality, and reliability. The mechanisms

generally are symmetric penalty-reward schedules based on annual SAIDI and SAIFI values for
sustained outages, total number of sustained outages, or maintenance and repair outages per mile
of line. These are symmetric in that the reward or penalty is scaled relative to a historical or

“adequate” level of service.,

The actual dollar amounts are the result of a ratemaking or negotiation process. They tend to fall
somewhere between reported residential and commercial value of service values. Typical PBR
incentive schedules for one utility are shown in ___. The expected rewards or penalties (dotted
lines) are estimated using the total number of customers and assuming that the index is normally
distributed based on historical data. Rewards are typically in the range of $20 per customer
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interruption and $10 per interrupted customer-hour. The incentives represent direct economic
value to the utility, paid ultimately by customers. - S S
F igﬁ;e 9: Representative per!drm_ance-based {PBR) reliability incentives. .

SAIDI Performance Measure SAIFI Performance Measure

. N g !
Raward in Milifons of Doflars
L] . .
; .
Rewerd In Mililans of Doliars

OQutages per Customer

Ontage Mimi per Customer

Table 25: Exbécied rewards/penalties for

a utility facing the schedules in Error! Reference
source not found.. - : S o

*| Expected Reward per - | $800,000 per $900,000 per
:Réliébiiity Unit customer- ) | .01 customer-
' : minute/customer outages/customer
Expected Reward per - | $10 per | $20 per
Unit Improvement customer-hour | customer-outage

There is also a direct link between "reliability improvement" and "capacity expansion" projects, -
in that capital investments can be triggered by emergency ratings of equipment relative to the
anticipated demand level, even if there has been historically excellent reliability in the area. The
investment is basically reliability-triggered, albeit indirectly. From a pure cost-effectiveness =
perspective, such an investment is prudent when the decrease in failure probability weighted by =~
the extent and duration of a potential outage is sufficient to warrant investment (i.e., it costs less

than utility savings and reduced customer outage costs).

Engineering guidelines do not take this extra step, Whether an investment is triggered by
engineering-standard reliability limits or by probabilistic availability goals, deferral of the
investment can be thought of as a reliability benefit, but can only be counted once (we cannot
credit the savings as a capacity and a reliability benefit). As a constraint on capital investment, a
reliability standard implies a "shadow price" of an avoided or deferred investment. The value of
the savings (costs) that would be realized if the reliability standard were relaxed (tightened)
slightly: This value is in theory computable on a case-by-case basis and is a direct measure of the
value of reliability to the utility. However, this approach requires data unavailable to most utility

planning analysts and is rarely used in practice.
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 Finally, depending on the reliability measure, an integrated "wires and DER” electricity delivery
system offers the opportunity to provide the same level of reliability while relaxing (lowering)
_ the reliability requirements for the wires themselves. This feature is evident in energy-related
measures such as expected unserved energy (EUE) or in partial-peak measures such as
availability at 50% of peak or at average load. o ' |

The resulting improvement (in EUE, for example) is due to greater weight applied to low load
periods, which constitute a high percentage of time and total energy consumed for low load-
_* factor (loads with sharp peaks) customers. The magnitude of the potential cost savings has not
* yet been studied and is likely modest in most cases, but not all. '

Lo 'Cthef T &D 'Systeni Benﬁeﬁts

Include reduction of utility loss savings due to DER in estimation of avoided energy (9% losses |

o ‘assumed) and MDCC costs (12% on-peak losses assumed).

S In the base case, assume zero value for other engineering benefit categories.

. ' DER can provide additional economic value beyond capital deferral and improved reliability.
Although these value parameters are implicit in the engineering assumptions used to design
 distribution capacity expansion, they are typically not analyzed explicitly in terms of economic

" ‘yalue. As a result, significant economic savings can often be realized by designing a DER-based

e solution to a specific distribution problem, without wholesale capacity expansion.

ThlS gecﬁpn descﬁbes a variety of services that DER is capable of providing, and gives a detailed
example showing how such savings can be quantified: The example illustrates the response ofa

UDC to various operational issues, and the conventional measures that would ordinarily be

e applied to.correct them. A scenario with significant DER penetration is then analyzed to’
" evalnate the ability of DER to provide comparable engineering benefits and to quantify the

" potential UDC cost savings:

" The example also demonstrates how the potential DER benefits are highly case-specific. The
 results suggest that it is more important to develop a generalized approach for quickly
" determining the DER benefits in a specific case than to seek a generalized DER benefit value.
The last section of this report will address issues surrounding the actual treatment of these .

" savings from an institutional and regulatory perspective.

Voltagé. Support

- A UDC defines criteria for maintaining voltage within prescribed tolerances throughout the
system. These criteria require the UDC to take measures to prevent voltage from being either
too high or too Jow under normal or contingency conditions. The greater concern is typically
keeping the voltage above minimum limits, because voltage drops are more precipitous during

peak load periods.

Conventioﬁal measures used to provide voltage support include the installation of voltage
regulators (essentially series transformers with variable output settings), or capacitors, boosters,
and in some cases upgraded line segments. (An inadequately sized line can exacerbate a voltage
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drop problem because of its higher impedance). Reactive power (VAR) support has a_powerﬁﬂf_ :
impact on supporting voltage, as there is a more direct relationship between voltage and reactive |
_ power flow than with real power flow. Thus, capacitors that provide VAR supportare often
preferred over regulators. - TR

DER can help support voltage in areas of the distribution system that experience significant

drops at high loads. In most cases voltage support entails raising the voltage inthe area of the
DER site during the load periods when it is needed. Voltage support is provided by ihjécﬁng."' '
power into the system at the DER site, thereby reducing the current and corresponding voltage

drop from the substation to the area. With the correct technology, voltage support canbe < -
provided by DER through reactive power injection as well. To the extent that DER'cén-;ﬁrdVide _
voltage support functions to a UDC, it can defer or eliminate the need for the UDC to pﬁféhase'

and install the conventional equipment listed above. The economic value of voltage Slippért will ~
often overlap with both capacity and VAR support benefits. R S

Voltage Regulation - - _ _
Voltage regulation refers to controlling periodic swings of the voltage on a particular part of the system caused by
Jarge, fluctuating loads.  UDCs typically install voltage regulators with automatic tap changing '
mechanisms to solve a voltage regulation problem. DER can potentially regulate 3vbltagé"in such
situations by balancing the fluctuating loads with fluctuating generation output. ‘If pr'opeﬂy
sized, DER technologies that are capable of reactive power control can dampen these voltage
swings, while maintaining a constant real power output. An effective DER application would
improve utility operations, potentially improve the life of voltage regulators by reducing---tap' .
changing operations, and possibly eliminate the need for purchasing the voltage regulator

- equipment altogether. :

Reactive Power Support

Reactive power (VAR) support most often refers to the injection of reactive power into the |
distribution system to balance the reactive power demand from inductive loads, motor loads, and

the inherent inductance in the power delivery components. A high VAR demand results in ’

higher current demand for the same amount of real power delivered. The higher VAR demand -
reduces the system's power factor, which is the standard measure for real and reactive power
balance.# UDCs limit VAR demand on the system with the use of capacitors, and they generally
require that customer loads do not have power factors below 80%. ‘ ; SR

The result of improved reactive power flows (or improved power factor) is iess current and

apparent energy required from the transmission system, less current {(and therefore losses) on the -
distribution components, and better control of system voltage. DER can help balarice reactive -
power flows on the distribution system with both real and reactive power injection. Real power ~ -
injection reduces current in the conductors, which is a major source of VAR demand. As
mentioned earlier, DER technologies with VAR support capability can provide more current -
reduction than technologies with only real power generation. - ' R

s : : ' : ;
45 power factor is the ratio of real power to apparent power, where apparent power is the vector sum of real and reactive powers,
Therefore, a power factor of 1 {or unity) includes no reactive power. R
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- Equipment Life Extension

The theoretical impact of current loading on the life of equipment such as the substation
transformers, regulators, and feeder conductors is well documented and can be estimated using
software algorithms. For substation transformers, several software programs incorporate -
algorithms defined in ANSVTEEE Standard CS7. ‘This standard provides a guide for transformer
loading based on thermal limits that affect the accelerated aging of coil insulation. Internal oil
“and "hot spot" temperatures are determined by the transformer load and ambient temperature

~ over time, as well as the size-and design characteristics.. Loading that causes the calculatéed loss
of life to exceed 0.037% in a single day during normal operation is considered to cause an o
accelerated loss of life (given a 40-year life expectancy). For emergency conditions, it is typical
for utilities to limit loading such that the loss of life never exceeds 1% over a single ’24#h01'11-

- period.
’I”lflc:_refdre,_ 'n_leasu-res taken to prevent daily loss of life from exceeding the normal and emefgéncy |

Timits are theoretically providing an economic value equal to the costs associated with the

transformer's otherwise premature replacement. ' : - ‘ .

~ The problem with using this type of cost function is that it incorrectly assumes a utility bases its
equipment replacement decisions on an accurate account of historical loading data. Furthermore

the ANSI C57 guide itself acknowledges that it is not possible to predict with any real degree of ’

_act;uracy the length of a transformer's life. As such, it is not likely that DER owners can

 successfully pursue payments based on this type of cost function, which unfortunately cannot be
reliably measured. ) |

- Many utilities merely use the ANSI guide to define loading limits for their particulai load and
ambient conditions, and they make expansion planning decisions to prevent loads from
exceeding those limits. The value of DER in these cases relates back to capacity deferral: by
limiting thermal overloads on the transformer, they are deferring expansion costs, not '

- replacement costs.

Where DER can selectively provide value for equipment life extension is in aging facilities.
Utilities regularly face the need to replace equipment that is deteriorating from age or harsh
environmental conditions. By extension, there is also the occasional need to replace or upgrade
equipment that is obsolete or incompatible with newer facilities. ‘

Projects to replace old and/or weakened facilities compete with capacity expansion projects. for
Jimited capital budgets, and the replacement projects often lose. However, an important factor
(of many) that influences the urgency of a replacement project is the equipment loading. Lightly
Joaded systems that experience little growth are less likely to be replaced as quickly as similarly
situated systems that operate near their ratings. If DER is used to keep loading levels on these
facilities below a predefined de-rated value, the DER source could reasonably be credited for the

deferral of replacement costs.

Reduced Facility Maintenance

One of the primary functions provided by a UDC is routine and corrective maintenance on
components at all levels of the distribution system. From an operations standpoint, the UDC
 performs day to day monitoring of system operating conditions and equipment status, controls.
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sectionalizing equipment, capacitors and voltage support' components, and solves i)fbbiéms with
equipment as they occur. : | - .

DER installations can potentially reduce certain operations and maintenance (0&M) fanctions:
required by a UDC. One specific example is maintenance on the tap changer of voltage
regulator. Maintenance intervals for these regulators are determined by a certain number of tap
changing operations (25,000 is one typical value). 1f DER were used to provide voltage
regulation in an area that would otherwise have multiple tap-changing operations per day. e
DER would effectively reduce the maintenance intervals on the regulator. Oﬂler'example’s
include reduced operation of capacitors and sectionalizing equipment, where DER is used to

provide voltage or capacity support. _
However, it is unclear what net impact DER could have on UDC O&M budgets. 'Penetfati'o.n ,
levels ot_' 10-20% may very well increase overall O&M labor needs for UDCs, giventhe -~
monitoring that might be required and the potential impacts to protection equipment suchas -
reclosing breakers and fuses. ' : ' . ) .

UTILITY COSTS OF DER

Revenue Reduction Due to DER

| The reduction in customer bills from Section ___ represents the lost revenue to the utility

The structure of the utility rates impacts the utility’s lost revenue from a customer’s installation -
of “behind the meter” DER technologies. The larger the fixed charge, the less lost revenue -
potential for DER. In most cases, fixed charges are a small portion of a customer’s mohth]y bill
The small fixed charge is a result of rate design decisions that have viewed large fixed charges as
inequitable toward customers with lower Jevels of electricity usage. Generally, volumetric {per
'kWh) charges have been viewed as a “fairer” way to charge for electric service. Many utilities -
however, are trying to shift more of the customer bill into fixed charges. The argument for the’-
shift is that much of the electric delivery infrastructure costs are fixed and do not vary with

customer consumption levels.

Refer to Section ___ for éxamples of fixed charges.

Interconnection Study and Equipment Costs

Refer to Section __

System Upgrades

In the base case, assume that there are no system upgrade costs.
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. substation upgrad
. substation, and on

Depending upon the type of DER and the specifics of the installation, DER can aid or hinder the
delivery of high power quality. DER manufacturers attempt to address many of these issues o
through their power electronics equipment, and utilities may require additional relays and other
protective devices 10 manage voltage and frequency on the distribution lines.. For smaller DER,
it can be assumed that the system stability costs are incorporated into the interconnection costs
As DER gets larger, transmission system concerns and potential benefits may also merit .

consideration. _ ,

" For example, the grid must allow for power flows in both directions between the DER source
and the substation. To allow parallel operation of DER sources larger than 1-2 MW, moderate
es may be needed. Depending on the distance between the source ,and the
the capacity of the existing distribution feeder lines, distribution network

upgrades may be needed.

- Transformer capacity at the substation can also limit the maximum amount of power that can be;
gxported from DER sources without incurring major new investments. For most areas, this limit
~ is atleast 5-10 MW. If the power exports exceed this capacity limit, then the capacity ’of the -

' DER source would surpass that needed to offset the local-area load growth. The costs of a large
increment of capacity would have to be justified more by its system-level benefits than its }ocfl-

area benefits.

The potential cost of electrical protection is a particular concern with respect to the viability of
. DER: Protective rel_ays and other equipment are needed to sense fauit currents and disconnect
- before equipment damage and other serious problems result. A large DER source, if sited a
significant distance from the substation that connects it to the transmission networ’k can also
increase the risks associated with i_sianding“6 and other contingencies. ’ -

The. cost of connection and protection equipment could indeed be prohibitive for some potential

DER sites. The connection and protection costs tend to be lower for DER sources that are

relative_ly large (up to a threshold that varies by area) and that are sited relatively close to the:
substation (or perhaps connected directly at the transmission level). ” "

' To help reduce the connection and protection costs associated with DER sources, the Institute of ‘

" Electrical and E]ectr(_)nic E_ngineers (IEEE) is working to develop national interconnection
standards. Most Commissions have issued interconnection standards for small generation

SOUrces.

Incentives to DER Customers

In the base case then? are no incentives from the utility to the customers. In the collaborative
DER program, we will design customer incentives to make DER economic from both customer.

and utility perspectives if possible.

46 i . [ o r .
35}andlr.1g is the condition tha‘tt occursin localized areas of a power system, where a delivery area may be isolated from
generating resources. Islanding occurs when a fault in the distribution system separates a generating source from the rest of the
: - 4 !
1and.” The DER source can continue to operate in such conditions, and thereby increase the

system, creating &n electrical “is
rehz}btlity of service to the adjacent loads. However, if the main grid is later reconnected to this source, there is the chance that
the istanded source would no longer be synchronized with the main grid. In such a case, reconnectinig the two sources could

catse severe ?ver-cunsnts lha? might cause additional system faults, damage both distribution system components and
customer equipment, and possibly pose a safety risk to utility personnel,
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~ While akey benefit to DER customers, incentives can also represent a cost to- the ut'iliiy :
depending upon who provides the incentive value. In California, there are numerous existing
incentive and rebate programs that apply to the DER customers. In most cases; these incentives
are only available to customers who have installed renewable DER technologies. Utilities, on -
the other hand, can provide monetary incentives to DER customers through a tariff structu;-e a
competitive request for proposals, or a bilateral contract for generation services. T

Refer to Section ___ for ranges of inéen_tive payments

TOTAL RESOURCE BENEFITS OF DER (COMBINiNG-
THE UTILITY AND DER CUSTOMER PERSPECTIVES)

Avoided Energy Purchases

Refer to Section __
Avoided Fuel Costs
“Referto Section
T&D Avoided Costs
Refer to Section ____

Increased Reliability

Referto Sections ___and __.

TOTAL RESOURCE COSTS OF DER (COMBINING THE
UTILITY AND DER CUSTOMER PERSPECTIVES)

DER Equipment, Maintenance, and Fuel Costs

Refer to Section __

Interconnection Studies, Equipmeht and Electric System Upg*rades‘

Refer to Sections ___and ___

90



Other Utility Infrastructure Costs and Operational Costs

Refer to Section .

' SOCIETY BENEFITS OF DER

:Total Resource Benefit

" The societal cost test takes the results from the total resource cost test and adds incremenfal
social costs and benefits. . : o

Reduced Central Station Emissions

Use statewide average emissions reductions for renewable technologies. For fossil technologies
_assume no improvement or decline relative to central station in the base case. | 1

" The benefit of avoided pollution emission can only be applied to those technologies that are
~either renewable technologies (e.g. solar PV) or non-combustion technologies (e.g. fuel cells)
The benefit of avoiding emissions varies depending upon whether emissions are entirely aﬂroic-ied

or simply reduced as a result of increased efficiency or non-combustion. Renewable DER
technologies avoid all pollutant emissions during their operation whereas non-combustion’
technologies which employ fossil fuels do emit residual pollutants as part of their generating
process. ___ identifies the specific pollutants for which there exist emissions limits that electric
generators need to comply with to operate in California. Any new facility construction or major
modifications to existing facilities that emit air pollutants must undergo the New Source Review
permit process in Californja. The local air districts are responsible for issuing the permits to’
facilities that meet the local air quality requirements. ' o

If traditional abatement technologies cannot reduce the emissions below thekthresho.}d set in the
specific air district, then the generator is responsible for acquiring emission reduction credits

‘(E‘RCs),to offset their local air impact.
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Table 26: Typical (Non-Toxic) Pollutants Regulated in California for Electric Genératois- o

Oxides of Nitrogen (NOy) | tons/year
 Volatile Organic Compounds (VOC) | tons/year
Carbon Monoxide (CO) | Ibs/day
| Particulate Matter (PMyo) Ibs/day
Sulfur Oxides (SOx) Ibs/day

Mitigating and maﬁaging pollutant emissions represents a si gxﬁﬁcant costto the‘generat-d_r. Thus, |
DER customers who install technologies which avoid these costs, benefit both society as a result
of reduced air emissions and the utility as a result of specific avoided costs. R

The cost and benefit components of these avoided pollution emissions include:

6. Emission reduction credits and offsets - _
7. Abatement technologies (SCR with ammonia, scrubbers, ancillary equipment)

- “8. Reduced facility permitting

Emission Reduction Credit Prices

* The range of ERC prices for offset emissions is substantial - over.$iod,000 range for'NOx, -and
 represents significant cost exposure for any new energy generator if offsets have to be purchased
on the market. ___ shows the price ranges for five different pollutants in the California ERC
market during 2002. i o IR

Table 27: Range of California ERC Prices for 2002

R “NOX MG s EPMAGE 0 S

verage |$ . 352618 9633[$ 46,327 |$ 27,802

Median |$ 30,000 8,630 | $ 20,000 | $ 38,356 | § 7,450
High ~ |$ 140,000 70,000 | $136,986 | $ 47,397 | § 65,753 |
Low. $ 990 4851% 3289|% 300]$ 3,289

*Source: California Air Resources Board: Emission Reduction Offsets Transaction Cost Summary Report for 2002

The ERC prices have been increasing over time in California as shownin ___. The prices of -
NOx offsets have increase by 154% over the past four years whereas the prices of CO have
increased over 800% since 1999. This trend suggests that traditional generation sources could
expect to pay higher prices for emissions ERC into the future. Avoiding these direct operating
costs for traditional generators characterizes the type of benefits that could accrue to utilities in
the form of avoided costs from the installation of DER and especially renewable DER. o
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" Figure 10: Average California ERG Prices 1999 - 2002

Average ERC Prices in California 1999 - 2002
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*California Air Resources Board: Emission Reduction Offsets Transaction Cost Summary Reports for 2002. 2001, 2000, and 1999

Abatement Equipment Costs |
" One other direct cost associated with facility emissions is the cost of abatement systems and .
| nt. For example, for PM10 abatement, this equipment could involve an entire pollution
control system of a scrubber (wet/dry), baghouse, fabric collector, or microclone technology.
For NOx, the most common abatement technology in use is the selective catalytic reduction.

'(SCR) which requires the introduction of ammonia to act as a catalyst.

equipme

nga renewable DER unit, then pollution abatement

If emission pollutants are avoided by installi _ _
costs can be either reduced or eliminated. As an example of the level of abatement costs, several

cost estimates for NOx abatement technologies that are currently used by the California Air
.. These cost data were collected directly from

Board district offices are shownin __ -
manufacturers in 1999 and many of these data are close to today’s costs as well to a generator.

In any case, pollution abatement costs add to the overall cost of a traditional electricity generator .
ising fossil fuels. Avoiding these costs represents a benefit to the DER owner. S
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~ Table 28: Estimaied Costs of NOx Abatement Technologies f_oi' a 150 MW Fécii_ity.

Conventional SCR (9 ppm) 1938 117

[Water/Steam Injection (42 ppm) . 476 - 0.152

High Temperature SCR (9 ppm) 0359 0134
.- SCONOx(2ppm) = B9 P28
" (Catalytic Combustion-(3 ppm) 371 b.146

*Source: ONSITE SYCOM Energy Corporaticn Contract No. DE-FC02-97CHIOBT? -

- - Reduced Facility Permitting Costs

The costs of facility siting and permitting are often reduced as a result of DER installation. The
cost reduction represents a direct benefit to the DER customer. Renewable, CHP, and non-
combustion DER technologies are not as limited in the locations for where these facilities may.
" be'sited and the siting process generally takes less time to complete. If the DER installed is

" exempt from the air permitting requirements, the cost in fees, time, and resources is effectively
eliminated. Otherwise, the steps for air permitting generally include: - '

. A1r permit application fees

- ‘e Emissions estimates

e Air'toxics studies

L '». Permitto construct

" e  Emissions testing
-« Permit to operate
The direct costs to accomplish each step in the process vary by site but some cost estimates can -

_. _ be identified. ____ shows some of the basic air permit fees associated with permitting different
. size engines through the South Coast Air Quality Management District (SCAQMD).

_ Table 29: Example SCAQMD Permit Fees for Engines

Permit Fees for Ehgines New Engine : Renewal Fee
1 All non-emergency engines | $811 .| %184 |

50 hp to 500 hp- o :

All non-emergency engines | $2088 ' | $660

>500 hp '

*Source: Onsite Power Generation; Southern Califomia Gas Company
hitp:/iwww.socalgas.com/business/useful_innovatiensionsite _generation.shimiAirquality -

Estimates of source testing costs range from $2000 to $4000 per test which are required every
three years for on-site natural gas engines. :
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~ Avoided CO2 Emissions .
Carbon Dioxide (CO2) emissions are not regulated in the United States. The only exception is
the State of Oregon, which began to regulate CO2 emissions in 1997 through the implementation-
of the Carbon Dioxide Standard legislation. This standard dictates the maximum level of CO2
~ emissions that new energy facilities are allowed to emit. Energy facility owners can offset their
CO2 emissions by guaranteeing cogeneration. Alternatively, facility owners can implement an
offset program or pay a monetary fee to an external third party (The Oregon Climate Trast) to -
. offset their emissions. The typical price per ton for CO2 offsets ranges from $3 to $12/ton CO2
~_emitted. The factors that contribute to individual facility offset costs vary and can include fuel

-  type, plant/equipment efficiency, and hours of operation.

Table 30: Oregon CO2 Standards for Energy Facilities

" |'Base load gas plants (only natural gas) | 0.0675 Ib. CO2/kWh
e ‘Non-base load gas plants (all fuels) 0.0675 1b. CO2/kWh
: ‘Non-generating facilities 0.504 Ib. CO2/horsepower-hour

* from Qregon Office of Energy website: hitp:/iwww.energy.state.or. us/siting/co2std. htm

Since CO2 is not presently regulated in the U.S. as a p_olluténi, the direct benefit of r'edﬁcing
* CO2 emissions cannot be realized monetarily from the renewable DER owner perspective.

- However, if the type of legislation that is instituted in Oregon becomes more prevalent in state
 air quality regulation, there is a tangible benefit of avoiding CO2 emissions in the future.

' DER Emissions |
"'While central station emissions are greater than the emissions of an individual DER unit, these

" gmaller units do produce operational emissions. Should the penetration level of installed DER

:ncrease substantially, however, emission levels from DER technologies could become a _
_problem. ___shows the average emission rates included in the model for several different DER

. technologies. These emission rates can vary substantially from the average levels shown below -
but these values capture the differential impact between major technology classes. As such, the
overall societal costs from DER emissions would increase if the penetration of reciprocating
engines dramatically increased. However, if solar technologies were installed on a widespread

basis, the costs to society would decrease.
‘Table 31: Emissions Rates for DG Technologies

Diesel Reciprocating Engine 20 0.75 1450
Gas Reciprocating Engine 18.7 0.05 1100
Microturbine : 1 0.06 800
Fuel Cell - Low Temp 0.01 0 280
Fuel Cell - High Temp 0.02 0 220
Renewables (Solar/Wind) 0 0 0
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SOCIETY COSTS OF DER

Tota! Resource Cost
The societal cost test takes the results from the total resource cost test and adds mcremental
socxal costs and benefits. _

DER Emissions

Refcr to Section 10.1

Incentlves/ Locatmnal Credits

_ Refer to Section 3.1
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'APPENDIX 2-1: NATURAL GAS PRICE FORECASTS

CEC Energy Demand Forecast
' Table G-7 '
End Use Natural Gas Price Forecast

, PG&E _
Reference Case Price Forecast 02-21-03
2000 Dollars per MCF '

1 2 3 4 . & 6 7 - 8 9 10
' . ' : _ . Systern
Year . |Res Comm - Indust Comm Indust TEOR Cogen EG PG&E -
1980 6.73 6.64 5.87 380 413 3.08 3.82 3.82 4.89
1991 8.76 6.75 5.91 314 329 3.64 3.30 3.30 -4.58
1892 6.50 7.10 529 304 243 286 301 Koy 4.14
1993} 6.15 6.58 521 326 241 256 . 325 325 429
1954 6.40 6.62 5.10 3.16 215 214 243 243} = 387
1995 6.67 6.73 . 4.90 2.65 1.94 -4.60 2.36 2.36. -4.00
- 1996 6.02 6.01 4.94 341 2.42 2.10 248 248 4.04
A9g7 6.21 6.22 531 2.88 2.83 3142 2.8 2.81 - 4,08
1998 6.18 7.45 433 332 268 2.47 2,63 2.63 4.14
- 4089  7.61 758 434 389 - 2.87 276 - 2M 2.7 4.30
2000 8.96 895  653|. 6.08 5.31 5.16 5.24 523| - 640}
2001 ‘994 - 9.87 - 7.78 7.58 6.81 . B.77 6.79 6.79 | 7.76
2002] . 875 €.68 449 408 324 3.22 3.22 3.22 442
2003} . 6.87 6.81 463 422 3.41 339 . 339 3.39 4601

- 3.51 3.50 3.49 3.49 4.71

2004 6.99 6.93 4.74 4.32 .
358 -~ 359 3.59 4.68

2005 6.92 6.86 477 _ 440 361

2006 7.01 6.85 487 4.50 370 3.70 368 368 4.74
2007 7.18 741 - - 500] @ 482 ;. 3.80 381 3.78 378 . 487
2008 7.13 7.07 502 = 466 3.85 3.86 3.83 383 488
2008 7.20 7.13 5.09 4.72 -3.92 3.84. 3.90 3.90 495
2010 7.27 7.21 5.17 478 389 4.02 3.97 3.97 5.03
2011 7.28 722 522 4.85 4.07 4.09 . 4.05 4.05 5.08
2012 730 - T.24 527 491" 4.14 4.16 4.12 412 5.14

4.99 4.22 424 420 . 420] - 522

2013] . 7.38 7.32 5.36

2014]  7.36 730 540 505  4.30 4.31 428 428| = 527
2015] 740 - 735 547] 542 438 439 436 436 633
2016] 746 7.40 5.54 5.19 4.46 4.47 4.44 4.44 5.41
2017]  7.50 7.44 561| . 527 454 4.55 452 452 547
2018 754 7.48 5.68 534  A463 4.63 461 481] - 554
2018]  7.59 7.54 5.75 5.42 471 472 469 469 562
2020  7.66 7.60 583 - 5.51 480 48t 478 478 5.70
2021] 772 767 591 6.59 489 489 487 4.87 5.78

4.98 498 496 4906) 587

2022 7.79 7.73 5.99 568




~ CEC Energy Demand Forecast

End Use Natural Gas Price Forecast

Reference Case Price Forecast 02-21-03 ‘
2000 Dollars per MCF

Table G-9

SDG&E

q 2 3 4 5 ] 7 8 10
T : . ) : System
Year Res Comm indust Comm Endus{ TEOR Cogen Average
' 1990}  6.74 6.71 6.39 4,63 4.63 - 3.88 '3.89. 5.06
1991 ~ 635 6.44 6.41 4.07 4.07. - 341 341 - 461
1992 6.77 6.99 7.08{ 422 4.22 . 3.36 336 4841
1993 7.18 6.76 7.05 270 2.61 . 3.49 349|  5.10]
1994 7.22 57%. - 633 377 - 408 - 3.19 319 5.00°
1995 6.76 5.58 6.26 2.84 - 287 - 2.28 2.28 443}
1996 6.83 5.91 6.70 3290 294 - " 2.66 2.66 4561
1997 7.53 6.93 7.84 3.40 3.40 - 3.07 3.07 4.74
1998 7.37 6.28 7.28 279 279 - 2.78 2.78 4.39
1999 8.91 . 622 478 3.34 3.34 - 321 - 321 4.49
2000 8.61 8.08 £.48 553 553 . 5.02 5.02 6.23
2001]. 1147 10.82 9.19 7.36 7.36 . 690  6.90 868’
‘2002]° 698 6.32 4.68 3.79 3.79 . - 327 ‘3.27 454 |
2003 7.36° 6.67 4,96 3.89° 3.89 - 3.36 -3.36 5.36
2004} 726 6.61. 497 3.02 3.92 - 3.45 3.45 551
2005 7.41 6.75 5.00 398 . 398 - 3.52 ‘3.52 572
2006 7.34 8.70 512 4,06 - 4.06 - 3.62 3862 563
2007 748 . 683 5.22 418 4.18 - 374 374 5.77
2008 762 - 686 533 4.29 429 - 3.84 3.84 5.86
" 2009 7.56 6.93 535 4.40 4.40 - 3.97 3.97 553}
a010). 747 6.87 5.36 4.48 4.46 - - 405 4.05 5,54
2011 754 692 5.44 4.54 4.54 - 4.14 4141 - 560
2012} 7.74 7.1 _5.60 464 485 - T 419 419, 575
2013 7.81 7.19 5,69 4.72 472 - 421 - 421| 583
2014 7.93 7.30 579 4.81 4.81 - 4.36 436) 593
2015} 8.04 7.41 5.80 4.89 4.90 - 4.44 444 ). 803
2016 - 8.08 747 5.98 4.97 497 - 4.52 4,52 6.10
a0i7]l° 8.08 7.47 5.88 499 . 5.00 - 4.55 455] - 6,12
2018 8.28 766 617 . 514 514 - 4.69 468| ° 6.29
2019 8.38 7.76 8.27 522 622 - 4.77 477 6.38
2020 B.43 7.82 635 5.30 5.30 - 4.83 483 644
2021 8.49 7.89 8.44 5.37 5.37 - 4,92 492 6.52
2022 8.55 7.96 6.52 5.45 5.45 - £.00 500] - 6.60
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GLOSSARY

B/C Ratio
~ CALMAC
CEC
_CHP
CPUC
DER
EIA
EUE
 HVAC
ioU
MDCC
NP5
PG&E
PUC

Benefit/Cost Ratio
California Measurement Advisory Committee

California Energy Commission

| Combined Heat and Power

California Public Utilities Commission
Distributed Energy Resources |
Energy Information Administration
Expected Unserved Energy

Heating Ventilation and Air Conditioning

" Investor Owned Utility -

Marginal Distribution Capacity Cost
North of Path 15

' Pacific Gas and Electric

Public Utilities Commission

Renewable Energy Credité

Rate-payer Impact Meésure

System Average Interruption Duration Index
System Average Inteﬂﬁption Frequency Index
Supervisory Control and Data Acquisition
San Diego Gas and Electric |
Southern California Edison

Self-Generation Incenﬁve Program

South of Path 15

Transmission and Distribution

Total Resource Cost

Utility Distribution Company

Uninterruptible Power Supply -
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