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INTRODUCTION AND SUMMARY 1 

Q. Please state your name, address, and occupation. 2 

A. My name is Dr.  Roger A. Morin.  My business address is Georgia State 3 

University, Robinson College of Business, University Plaza, Atlanta, Georgia, 4 

30303.  I am Professor of Finance at the College of Business, Georgia State 5 

University and Professor of Finance for Regulated Industry at the Center for the 6 

Study of Regulated Industry at Georgia State University.  I am also a principal in 7 

Utility Research International, an enterprise engaged in regulatory finance and 8 

economics consulting to business and government.  I am testifying on behalf of 9 

Hawaiian Electric Company, Inc. (“HECO” or “Company”). 10 

Q. Please describe your educational background. 11 

A. I hold a Bachelor of Engineering degree and an MBA in Finance from McGill 12 

University, Montreal, Canada.  I received my Ph.D. in Finance and Econometrics 13 

at the Wharton School of Finance, University of Pennsylvania. 14 

Q. Please summarize your academic and business career. 15 

A. I have taught at the Wharton School of Finance, University of Pennsylvania, 16 

Amos Tuck School of Business at Dartmouth College, Drexel University, 17 

University of Montreal, McGill University, and Georgia State University.  I was a 18 

faculty member of Advanced Management Research International, and I am 19 

currently a faculty member of The Management Exchange Inc. and Exnet, Inc. 20 

(now SNL Center for Financial Education LLC or “SNL”), where I continue to 21 

conduct frequent national executive-level education seminars throughout the 22 

United States and Canada.  In the last thirty years, I have conducted numerous 23 

national seminars on “Utility Finance,” “Utility Cost of Capital,” “Alternative 24 

Regulatory Frameworks,” and “Utility Capital Allocation,” which I have 25 
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developed on behalf of The Management Exchange Inc. and SNL. 1 

I have authored or co-authored several books, monographs, and articles in 2 

academic scientific journals on the subject of finance.  They have appeared in a 3 

variety of journals, including The Journal of Finance, The Journal of Business 4 

Administration, International Management Review, and Public Utility Fortnightly.  5 

I published a widely-used treatise on regulatory finance, Utilities' Cost of Capital, 6 

Public Utilities Reports, Inc., Arlington, Va. 1984.  In late 1994, the same 7 

publisher released Regulatory Finance, a voluminous treatise on the application of 8 

finance to regulated utilities.  A revised and expanded edition of this book, The 9 

New Regulatory Finance, was published in 2006.  I have been engaged in 10 

extensive consulting activities on behalf of numerous corporations, legal firms, 11 

and regulatory bodies in matters of financial management and corporate litigation.  12 

HECO-1900 describes my professional credentials in more detail. 13 

Q. Have you previously testified on cost of capital before utility regulatory 14 

commissions? 15 

A. Yes, I have been a cost of capital witness before nearly fifty (50) regulatory 16 

bodies in North America, including the Hawaii Public Utilities Commission 17 

(“PUC” or “Commission”) in Docket No. 2006-0386 (HECO 2007 test year rate 18 

case), Docket No. 2006-0387 (Maui Electric Company, Limited 2007 test year 19 

rate case), Docket No. 05-0315 (Hawaii Electric Light Company, Inc. 2006 test 20 

year rate case) and Docket No. 04-0113 (HECO 2005 test year rate case), the 21 

Federal Energy Regulatory Commission, and the Federal Communications 22 

Commission.  I have also testified before the following state, provincial, and other 23 

local regulatory commissions: 24 

 25 
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  The details of my participation in regulatory proceedings are provided in 15 

HECO-1900. 16 

Q. What is the purpose of your testimony in this proceeding? 17 

A. The purpose of my testimony in this proceeding is to present an independent 18 

appraisal of the fair and reasonable rate of return on the electric utility operations 19 

of HECO with particular emphasis on the fair return on the Company’s common 20 

equity capital committed to that business.  Based upon this appraisal, I have 21 

formed my professional judgment as to a return on such capital that would: (1) be 22 

fair to the ratepayer, (2) allow the Company to attract capital on reasonable terms, 23 

(3) maintain the Company’s financial integrity, and (4) be comparable to returns 24 

offered on comparable risk investments.   I will testify in this proceeding as to that 25 

opinion.    26 

Q. Please briefly identify the exhibits accompanying your testimony. 27 

A. I have attached to my testimony exhibits HECO-1900 through HECO-1909.  28 

These exhibits relate directly to points in my testimony, and are described in 29 

further detail in connection with the discussion of those points in my testimony. 30 

Alabama Florida  Missouri Ontario  
Alaska Georgia  Montana Oregon 
Alberta Hawaii Nevada Pennsylvania  
Arizona  Illinois  New Brunswick  Quebec  
Arkansas Indiana New Hampshire South Carolina  
British Columbia Iowa New Jersey South Dakota 
California Kentucky New Mexico Tennessee  
City of New Orleans Louisiana New York Texas 
Colorado  Maine Newfoundland      Utah 
CRTC Manitoba North Carolina  Vermont 
Delaware Maryland North Dakota Virginia 
District of Columbia Michigan Nova Scotia Washington 
FCC Minnesota Ohio West Virginia 
FERC Mississippi  Oklahoma   
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Q. Please summarize your findings concerning HECO’s cost of common equity. 1 

A. In order to estimate a fair rate of return on HECO’s common equity capital, I have 2 

employed the traditional methodologies which assume business-as-usual 3 

circumstances and then performed risk adjustments in order to account for 4 

HECO’s higher than average risk circumstances by virtue of its small relative size 5 

and dependence on purchased power.  It is my opinion that a just and reasonable 6 

return on common equity (“ROE”) for HECO is 11.25%.    7 

  My recommendation is derived from studies I performed using the Capital 8 

Asset Pricing Model (“CAPM”), Risk Premium, and Discounted Cash Flow 9 

(“DCF”) methodologies.  I performed two CAPM analyses, one using the CAPM 10 

and another using an empirical approximation of the CAPM (“ECAPM”).  I 11 

performed two risk premium analyses: (1) a historical risk premium analysis on 12 

the electric utility industry, and (2) a study of the risk premiums reflected in ROEs 13 

allowed in the electric utility industry.  I also performed DCF analyses on two 14 

surrogates for the Company’s electric utility business.  They are: (1) a group of 15 

investment-grade integrated electric utilities that are representative of the electric 16 

utility industry, and (2) a group consisting of the companies that make up 17 

Moody’s Electric Utility Index, also representative of the industry.  The results 18 

from the various methodologies were adjusted to account for the above average 19 

risks faced by HECO relative to the industry.   20 

My recommended ROE reflects the application of my professional 21 

judgment to the results in light of the indicated returns from my Risk Premium, 22 

CAPM, and DCF analyses.  Moreover, my recommended return is predicated on 23 

the assumption that the Commission will approve:  (1) the Company’s capital 24 

structure for ratemaking purposes which is reflected on HECO-2001 and consists 25 
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of approximately 54% common equity capital, and (2) the continuation of the 1 

Company’s current energy cost adjustment clause in the same manner as in the 2 

past.  3 

Q. Please explain how low allowed ROEs can increase both the future cost of equity 4 

and debt financing. 5 

A. If a utility is authorized a ROE below the level required by equity investors, the 6 

utility will find it difficult to access the equity market through common stock 7 

issuance at its current market price.  Investors will not provide equity capital at the 8 

current market price if the earnable return on equity is below the level they require 9 

given the risks of an equity investment in the utility.  The equity market corrects 10 

this by generating a stock price in equilibrium that reflects the valuation of the 11 

potential earnings stream from an equity investment at the risk-adjusted return 12 

equity investors require.  In the case of a utility that has been authorized a return 13 

below the level investors believe is appropriate for the risk they bear, the result is 14 

a decrease in the utility's market price per share of common stock.  This reduces 15 

the financial viability of equity financing in two ways.  First, because the utility's 16 

share price per common stock decreases, the net proceeds from issuing common 17 

stock are reduced.  Second, since the utility's market to book ratio decreases with 18 

the decrease in the share price of common stock, the potential risk from dilution of 19 

equity investments reduces investors’ inclination to purchase new issues of 20 

common stock.  The ultimate effect is the utility will have to rely more on debt 21 

financing to meet its capital needs. 22 

  As the company relies more on debt financing, its capital structure becomes 23 

more leveraged.  Because debt payments are a fixed financial obligation to the 24 

utility, and income available to common equity is subordinate to fixed charges, 25 
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this decreases the operating income available for dividend and earnings growth.  1 

Consequently, equity investors face greater uncertainty about future dividends and 2 

earnings from the firm.  As a result, the firm's equity becomes a riskier 3 

investment.  The risk of default on the company's bonds also increases, making 4 

the utility's debt a riskier investment.  This increases the cost to the utility from 5 

both debt and equity financing and increases the possibility the company will not 6 

have access to the capital markets for its outside financing needs.  Ultimately, to 7 

ensure that HECO has access to capital markets for its capital needs, a fair and 8 

reasonable authorized rate of return on common equity capital of 11.25% is 9 

required.   10 

Q. Please describe how your testimony is organized. 11 

A. The remainder of my testimony is divided into three (3) sections: 12 

(i)     Regulatory Framework and Rate of Return; 13 

(ii)    Cost of Equity Estimates; and 14 

(iii)   Summary and Recommendation. 15 

The first section discusses the rudiments of rate of return regulation and the 16 

basic notions underlying rate of return.  The second section contains the 17 

application of CAPM, Risk Premium, and DCF tests.  In the third section, the 18 

results from the various approaches used in determining a fair return are 19 

summarized.   20 

           I.  REGULATORY FRAMEWORK AND RATE OF RETURN 21 

Q. What economic and financial concepts have guided your assessment of the 22 

Company's cost of common equity? 23 

A. Two fundamental economic principles underlie the appraisal of the Company’s 24 

cost of equity, one relating to the supply side of capital markets, the other to the 25 
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demand side.  According to the first principle, a rational investor is maximizing 1 

the performance of his portfolio only if he expects the returns earned on 2 

investments of comparable risk to be the same.  If not, the rational investor will 3 

switch out of those investments yielding lower returns at a given risk level in 4 

favor of those investment activities offering higher returns for the same degree of 5 

risk.  This principle implies that a company will be unable to attract the capital 6 

funds it needs to meet its service demands and to maintain financial integrity 7 

unless it can offer returns to capital suppliers that are comparable to those 8 

achieved on competing investments of similar risk.  On the demand side, the 9 

second principle asserts that a company will continue to invest in real physical 10 

assets if the return on these investments exceeds or equals the company's cost of 11 

capital.  This concept suggests that a regulatory commission should set rates at a 12 

level sufficient to create equality between the return on physical asset investments 13 

and the company's cost of capital. 14 

Q. How does HECO’s cost of capital relate to that of its parent company, Hawaiian 15 

Electric Industries, Inc. (“HEI”)? 16 

A. I am treating HECO as a separate stand-alone entity, distinct from the parent 17 

company HEI because it is the cost of capital for HECO that we are attempting to 18 

measure and not the cost of capital for HEI’s consolidated activities.  Financial 19 

theory clearly establishes that the cost of equity is the risk-adjusted opportunity 20 

cost to the investor, in this case, HEI.  The true cost of capital depends on the use 21 

to which the capital is put, in this case HECO’s electric utility operations in the 22 

State of Hawaii.  The specific source of funding an investment and the cost of 23 

funds to the investor are irrelevant considerations.  24 

  For example, if an individual investor borrows money at the bank at an 25 
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after-tax cost of 8% and invests the funds in a speculative oil extraction venture, 1 

the required return on the investment is not the 8% cost but rather the return 2 

foregone in speculative projects of similar risk, say 20%.   Similarly, the required 3 

return on HECO is the return foregone in comparable risk electricity utility 4 

operations, and is unrelated to the parent’s cost of capital.  The cost of capital is 5 

governed by the risk to which the capital is exposed and not by the source of 6 

funds.  The identity of the shareholders has no bearing on the cost of equity. 7 

  Just as individual investors require different returns from different assets in 8 

managing their personal affairs, corporations should behave in the same manner.  9 

A parent company normally invests money in many operating companies of 10 

varying sizes and varying risks.  These operating subsidiaries pay different rates 11 

for the use of investor capital, such as long-term debt capital, because investors 12 

recognize the differences in capital structure, risk, and prospects between 13 

subsidiaries.  Therefore, the cost of investing funds in an operating utility 14 

subsidiary such as HECO is the return foregone on investments of similar risk and 15 

is unrelated to the identity of the investor. 16 

Q. Please explain how a regulated company's rates should be set under traditional 17 

cost of service regulation. 18 

A. Under the traditional regulatory process, a regulated company's rates should be set 19 

so that the company recovers its costs, including taxes and depreciation, plus a fair 20 

and reasonable return on its invested capital.  The allowed rate of return must 21 

necessarily reflect the cost of the funds obtained, that is, investors' return 22 

requirements.  In determining a company's rate of return, the starting point is 23 

investors' return requirements in financial markets.  A rate of return can then be 24 
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set at a level sufficient to enable the company to earn a return commensurate with 1 

the cost of those funds. 2 

  Funds can be obtained in two general forms, debt capital and equity capital.  3 

The cost of debt funds can be easily ascertained from an examination of the 4 

contractual interest payments.  The cost of common equity funds, that is, 5 

investors' required rate of return, is more difficult to estimate.  It is the purpose of 6 

the next section of my testimony to estimate HECO’s cost of common equity 7 

capital.  8 

Q. Dr. Morin, what must be considered in estimating a fair return on common equity? 9 

A. The legal requirement is that the allowable ROE should be commensurate with 10 

returns on investments in other firms having corresponding risks.  The allowed 11 

return should be sufficient to assure confidence in the financial integrity of the 12 

firm, in order to maintain creditworthiness, and ability to attract capital on 13 

reasonable terms.  The attraction of capital standard focuses on investors' return 14 

requirements that are generally determined using market value methods, such as 15 

the Risk Premium, CAPM, or DCF methods.  These market value tests define fair 16 

return as the return investors anticipate when they purchase equity shares of 17 

comparable risk in the financial marketplace.  This is a market rate of return, 18 

defined in terms of anticipated dividends and capital gains as determined by 19 

expected changes in stock prices, and reflects the opportunity cost of capital.  The 20 

economic basis for market value tests is that new capital will be attracted to a firm 21 

only if the return expected by the suppliers of funds is commensurate with that 22 

available from investments of comparable risk.   23 

Q. What fundamental tenets underlie the determination of a fair and reasonable 24 

ROE? 25 
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A. The heart of utility regulation is the setting of just and reasonable rates by way of 1 

a fair and reasonable return. There are two landmark United States Supreme Court 2 

cases that define the legal principles underlying the regulation of a public utility's 3 

rate of return and provide the foundations for the notion of a fair return: 4 

 1.  Bluefield Water Works & Improvement Company v. Public Service 5 

Commission of West Virginia, 262 U.S. 679 (1923). 6 

 2.  Federal Power Commission v. Hope Natural Gas Company, 320 U.S. 391 7 

(1944). 8 

  The Bluefield case set the standard against which just and reasonable rates 9 

of return are measured: 10 

        A public utility is entitled to such rates as will permit it to earn a return on 11 
the value of the property which it employs for the convenience of the public 12 
equal to that generally being made at the same time and in the same general 13 
part of the country on investments in other business undertakings which are 14 
attended by corresponding risks and uncertainties ... The return should be 15 
reasonable, sufficient to assure confidence in the financial soundness of the 16 
utility, and should be adequate, under efficient and economical 17 
management, to maintain and support its credit and enable it to raise money 18 
necessary for the proper discharge of its public duties.      (Emphasis added) 19 

  The Hope case expanded on the guidelines to be used to assess the 20 

reasonableness of the allowed return.  The Court reemphasized its statements in 21 

the Bluefield case and recognized that revenues must cover "capital costs.”  The 22 

Court stated: 23 

        From the investor or company point of view it is important that there be 24 
enough revenue not only for operating expenses but also for the capital 25 
costs of the business.  These include service on the debt and dividends on 26 
the stock ... By that standard the return to the equity owner should be 27 
commensurate with returns on investments in other enterprises having 28 
corresponding risks.  That return, moreover, should be sufficient to assure 29 
confidence in the financial integrity of the enterprise, so as to maintain its 30 
credit and attract capital.  (Emphasis added) 31 
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  The United States Supreme Court reiterated the criteria set forth in Hope in 1 

Federal Power Commission v. Memphis Light, Gas & Water Division, 411 U.S. 2 

458 (1973), in Permian Basin Rate Cases, 390 U.S. 747 (1968), and most recently 3 

in Duquesne Light Company vs. Barasch, 488 U.S. 299 (1989).   In the Permian 4 

cases, the Supreme Court stressed that a regulatory agency's rate of return order 5 

should: 6 

          ...reasonably be expected to maintain financial integrity, attract necessary 7 
capital, and fairly compensate investors for the risks they have assumed... 8 

  Therefore, the "end result" of this Commission’s decision should be to 9 

allow HECO the opportunity to earn a ROE that is: (1) commensurate with returns 10 

on investments in other firms having corresponding risks, (2) sufficient to assure 11 

confidence in the Company’s financial integrity, and (3) sufficient to maintain the 12 

Company’s creditworthiness and ability to attract capital on reasonable terms. 13 

Q. How is the fair rate of return determined? 14 

A. The aggregate return required by investors is called the "cost of capital.”  The cost 15 

of capital is the opportunity cost, expressed in percentage terms, of the total pool 16 

of capital employed by the utility.  It is the composite weighted cost of the various 17 

classes of capital (bonds, preferred stock, common stock) used by the utility, with 18 

the weights reflecting the proportions of the total capital that each class of capital 19 

represents.  The fair return in dollars is obtained by multiplying the rate of return 20 

set by the regulator by the utility’s "rate base."  The rate base is essentially the net 21 

book value of the utility's plant and other assets used to provide utility service in a 22 

particular jurisdiction. 23 

  While utilities like HECO enjoy varying degrees of monopoly in the sale of 24 

public utility services, they must compete with everyone else in the free, open 25 

market for the input factors of production, whether labor, materials, machines, or 26 
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capital.  The prices of these inputs are set in the competitive marketplace by 1 

supply and demand, and it is these input prices that are incorporated in the cost of 2 

service computation.  This is just as true for capital as for any other factor of 3 

production.  Since utilities and other investor-owned businesses must go to the 4 

open capital market and sell their securities in competition with every other issuer, 5 

there is obviously a market price to pay for the capital they require, for example, 6 

the interest on debt capital, or the expected return on common and/or preferred 7 

equity. 8 

Q. How does the concept of a fair return relate to the concept of opportunity cost? 9 

A. The concept of a fair return is intimately related to the economic concept of 10 

“opportunity cost.”  When investors supply funds to a utility by buying its stocks 11 

or bonds, they are not only postponing consumption, giving up the alternative of 12 

spending their dollars in some other way, they also are exposing their funds to risk 13 

and forgoing returns from investing their money in alternative comparable-risk 14 

investments.  The compensation they require is the price of capital.  If there are 15 

differences in the risk of the investments, competition among firms for a limited 16 

supply of capital will bring different prices.  These differences in risk are 17 

translated by the capital markets into price differences in much the same way that 18 

differences in the characteristics of commodities are reflected in different prices. 19 

 The important point is that the prices of debt capital and equity capital are set by 20 

supply and demand, and both are influenced by the relationship between the risk 21 

and return expected for the respective securities and the risks expected from the 22 

overall menu of available securities. 23 
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Q. How does the Company obtain its capital and how is its overall cost of capital 1 

determined? 2 

A. The funds employed by the Company are obtained in two general forms, debt 3 

capital and equity capital.  The latter consists of preferred equity capital and 4 

common equity capital.  The cost of debt funds and preferred stock funds can be 5 

ascertained easily from an examination of the contractual terms for the interest 6 

payments and preferred dividends.  The cost of common equity funds, that is, 7 

equity investors' required rate of return, is more difficult to estimate because the 8 

dividend payments received from common stock are not contractual or guaranteed 9 

in nature.  They are uneven and risky, unlike interest payments.  Once a cost of 10 

common equity estimate has been developed, it can then easily be combined with 11 

the embedded cost of debt and preferred stock, based on the utility’s capital 12 

structure, in order to arrive at the overall cost of capital. 13 

Q. What is the market required rate of return on equity capital? 14 

A. The market required rate of return on common equity, or cost of equity, is the 15 

return demanded by the equity investor.  Investors establish the price for equity 16 

capital through their buying and selling decisions.  Investors set return 17 

requirements according to their perception of the risks inherent in the investment, 18 

recognizing the opportunity cost of forgone investments, and the returns available 19 

from other investments of comparable risk. 20 

II.    COST OF EQUITY CAPITAL ESTIMATES 21 

Q. Dr. Morin, how did you estimate the fair rate of return on common equity for 22 

HECO? 23 

A. I employed three methodologies: (1) the CAPM, (2) the Risk Premium, and (3) 24 

the DCF methodologies.   All three are market-based methodologies and are 25 
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designed to estimate the return required by investors on the common equity capital 1 

committed to HECO.  I have applied the aforementioned methodologies to 2 

samples of average risk utilities representative of the electric utility industry as a 3 

whole and adjusted the results upward to recognize HECO’s higher relative risk.   4 

Q. Why did you use more than one approach for estimating the cost of equity? 5 

A. No one single method provides the necessary level of precision for determining a 6 

fair return, but each method provides useful evidence to facilitate the exercise of 7 

an informed judgment.  Reliance on any single method or preset formula is 8 

inappropriate when dealing with investor expectations because of possible 9 

measurement difficulties and vagaries in individual companies’ market data.  10 

Examples of such vagaries include dividend suspension, insufficient or 11 

unrepresentative historical data due a recent merger, impending merger or 12 

acquisition, and a new corporate identity due to restructuring activities.  The 13 

advantage of using several different approaches is that the results of each one can 14 

be used to check the others.  15 

  As a general proposition, it is extremely dangerous to rely on only one 16 

generic methodology to estimate equity costs.  The difficulty is compounded when 17 

only one variant of that methodology is employed.  It is compounded even further 18 

when that one methodology is applied to a single company.  Hence, several 19 

methodologies applied to several comparable risk companies should be employed 20 

to estimate the cost of common equity. 21 

Q. Are there any difficulties in applying cost of capital methodologies in the current 22 

environment of changes in the electric utility industry? 23 

A. Yes, there are.  All the traditional cost of equity estimation methodologies are 24 

difficult to implement when you are dealing with the fast-changing circumstances 25 
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of the electric utility industry.  This is because utility company historical data have 1 

become less meaningful for an industry in a state of change.  Past earnings and 2 

dividend trends are simply not indicative of the future.  For example, historical 3 

growth rates of earnings and dividends have been depressed by eroding margins 4 

due to a variety of factors, including structural transformation, restructuring, and 5 

the transition to a more competitive environment.  As a result, this historical data 6 

may not be representative of the future long-term earning power of these 7 

companies.  Moreover, historical growth rates may not be representative of future 8 

trends for several electric utilities involved in mergers and acquisitions, as these 9 

companies going forward are not the same companies for which historical data are 10 

available.   11 

Q. Dr. Morin, are you aware that some regulatory commissions and some analysts 12 

have placed principal reliance on DCF-based analyses to determine the cost of 13 

equity for public utilities? 14 

A. Yes, I am. 15 

Q. Do you agree with this approach? 16 

A. While I agree that it is certainly appropriate to use the DCF methodology to 17 

estimate the cost of equity, there is no proof that the DCF produces a more 18 

accurate estimate of the cost of equity than other methodologies.  As I have stated, 19 

there are three broad generic methodologies available to measure the cost of 20 

equity:  DCF, Risk Premium, and CAPM.  All three of these methodologies are 21 

accepted and used by the financial community and firmly supported in the 22 

financial literature. 23 

  When measuring the cost of common equity, which essentially deals with 24 

the measurement of investor expectations, no one single methodology provides a 25 
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foolproof panacea.  Each methodology requires the exercise of considerable 1 

judgment on the reasonableness of the assumptions underlying the methodology 2 

and on the reasonableness of the proxies used to validate the theory and apply the 3 

methodology.  The failure of the traditional infinite growth DCF model to account 4 

for changes in relative market valuation, and the practical difficulties of specifying 5 

the expected growth component, are vivid examples of the potential shortcomings 6 

of the DCF model.   It follows that more than one methodology should be 7 

employed in arriving at a judgment on the cost of equity and that all of these 8 

methodologies should be applied to multiple groups of comparable risk 9 

companies. 10 

  There is no single model that conclusively determines or estimates the 11 

expected return for an individual firm.  Each methodology has its own way of 12 

examining investor behavior, its own premises, and its own set of simplifications 13 

of reality.  Investors do not necessarily subscribe to any one method, nor does the 14 

stock price reflect the application of any one single method by the price-setting 15 

investor.  Absent any hard evidence as to which method outperforms the other, all 16 

relevant evidence should be used, without discounting the value of any results, in 17 

order to minimize judgmental error, measurement error, and conceptual 18 

infirmities.  A regulatory body should rely on the results of a variety of methods 19 

applied to a variety of comparable groups.  There is no guarantee that a single 20 

DCF result is necessarily the ideal predictor of the stock price and of the cost of 21 

equity reflected in that price, just as there is no guarantee that a single CAPM or 22 

Risk Premium result constitutes the perfect explanation of a stock’s price or the 23 

cost of equity.   24 
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Q. Does the financial literature support the use of more than a single method? 1 

A. Yes, definitely.  Authoritative financial literature strongly supports the use of 2 

multiple methods.  For example, Professor Eugene F. Brigham, a widely respected 3 

scholar and finance academician, asserts: 4 

 In practical work, it is often best to use all three methods - CAPM, bond 5 
yield plus risk premium, and DCF - and then apply judgment when the 6 
methods produce different results.  People experienced in estimating capital 7 
costs recognize that both careful analysis and some very fine judgments are 8 
required.  It would be nice to pretend that these judgments are unnecessary 9 
and to specify an easy, precise way of determining the exact cost of equity 10 
capital.  Unfortunately, this is not possible.1    11 

  In a subsequent edition of his best-selling corporate finance textbook, Dr. 12 

Brigham discusses the various methods used in estimating the cost of common 13 

equity capital, and states: 14 

 However, three methods can be used: (1) the Capital Asset Pricing Model 15 
(CAPM), (2) the discounted cash flow (DCF) model, and (3) the bond-yield-16 
plus-risk-premium approach.  These methods should not be regarded as 17 
mutually exclusive - no one dominates the others, and all are subject to 18 
error when used in practice.  Therefore, when faced with the task of 19 
estimating a company' cost of equity, we generally use all three methods...2  20 

  Another prominent finance scholar, Professor Stewart Myers, in his best 21 

selling corporate finance textbook, points out: 22 

 The constant growth [DCF] formula and the capital asset pricing model are 23 
two different ways of getting a handle on the same problem.3    24 

  In an earlier article, Professor Myers explains: 25 

 Use more than one model when you can.  Because estimating the 26 
opportunity cost of capital is difficult, only a fool throws away useful 27 
information.  That means you should not use any one model or measure 28 

                                                           
1 E. F. Brigham and L. C. Gapenski, Financial Management Theory and Practice, p. 256 (4th ed., 
Dryden Press, Chicago, 1985). 
2 E. F. Brigham and L. C. Gapenski, Financial Management Theory and Practice, p. 348 (8th ed., 
Dryden Press, Chicago, 2005).  
3 R. A. Brealey and S. C. Myers, Principles of Corporate Finance, p. 182 (3rd ed., McGraw Hill, 
New York, 1988). 
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mechanically and exclusively.  Beta is helpful as one tool in a kit, to be used 1 
in parallel with DCF models or other techniques for interpreting capital 2 
market data.4    3 

Q. Does the wide use of the DCF methodology in past regulatory proceedings 4 

indicate that it is superior to other methods? 5 

A. No, it does not.  Uncritical acceptance of the standard DCF equation vests the 6 

model with a degree of infallibility that is not necessarily present.   One of the 7 

leading experts on public utility regulation, Dr. Charles Phillips, discusses the 8 

dangers of relying solely on the DCF model: 9 

  [U]se of the DCF model for regulatory purposes involves both theoretical 10 
and practical difficulties.  The theoretical issues include the assumption of a 11 
constant retention ratio (i.e. a fixed payout ratio) and the assumption that 12 
dividends will continue to grow at a rate 'g' in perpetuity.  Neither of these 13 
assumptions has any validity, particularly in recent years.  Further, the 14 
investors' capitalization rate and the cost of equity capital to a utility for 15 
application to book value (i.e. an original cost rate base) are identical only 16 
when market price is equal to book value.  Indeed, DCF advocates assume 17 
that if the market price of a utility's common stock exceeds its book value, 18 
the allowable rate of return on common equity is too high and should be 19 
lowered; and vice versa.  Many question the assumption that market price 20 
should equal book value, believing that the earnings of utilities should be 21 
sufficiently high to achieve market-to-book ratios which are consistent with 22 
those prevailing for stocks of unregulated companies. 23 

 24 
 ...[T]here remains the circularity problem: Since regulation establishes a 25 

level of authorized earnings which, in turn, implicitly influences dividends 26 
per share, estimation of the growth rate from such data is an inherently 27 
circular process.  For all of these reasons, the DCF model 'suggests a 28 
degree of precision which is in fact not present' and leaves 'wide room for 29 
controversy about the level of k [cost of equity]'.5 30 

  Dr. Phillips also discusses the dangers of relying solely on the CAPM model 31 

because of the stringency of certain of its underlying assumptions, as is the case 32 

for any model in the social sciences. 33 
                                                           

4 S. C. Myers, “On the Use of Modern Portfolio Theory in Public Utility Rate Cases: Comment,” 
Financial Management, p. 67 (Autumn 1978). 
5 C. F. Phillips, The Regulation of Public Utilities Theory and Practice, pp. 376-77 (Public 
Utilities Reports, Inc., 1988) (Footnotes omitted). 
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  Sole reliance on the DCF model simply ignores the capital market evidence 1 

and investors’ use of other theoretical frameworks such as the Risk Premium and 2 

CAPM methodologies.  The DCF model is only one of many tools to be employed 3 

to estimate the cost of equity.  It is not a superior methodology which supplants 4 

other financial theory and market evidence.  The same is true of the CAPM. 5 

Q. Dr. Morin, please provide an overview of your risk premium analyses. 6 

A. In order to quantify the risk premium for HECO, I have performed four risk 7 

premium studies.  The first two studies deal with aggregate stock market risk 8 

premium evidence using two versions of the CAPM methodology and the other 9 

two studies deal directly with the electric utility industry. 10 

A. CAPM Estimates 11 

Q. Please describe your application of the CAPM risk premium approach.  12 

A. My first two risk premium estimates are based on the CAPM and on an empirical 13 

approximation to the CAPM (ECAPM).  The CAPM is a fundamental paradigm 14 

of finance.  Simply put, the fundamental idea underlying the CAPM is that risk-15 

averse investors demand higher returns for assuming additional risk, and higher-16 

risk securities are priced to yield higher expected returns than lower-risk 17 

securities.  The CAPM quantifies the additional return, or risk premium, required 18 

for bearing incremental risk.  It provides a formal risk-return relationship 19 

anchored on the basic idea that only market risk matters, as measured by beta.  20 

According to the CAPM, securities are priced such that their: 21 

                  EXPECTED RETURN    =    RISK-FREE RATE  +  RISK PREMIUM 22 

  Denoting the risk-free rate by RF and the return on the market as a whole by 23 

RM, the CAPM is stated as follows: 24 

            K   =   RF  +    β(RM - RF) 25 
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  This is the seminal CAPM expression, which states that the return required 1 

by investors is made up of a risk-free component, RF, plus a risk premium 2 

determined by β(RM - RF).  To derive the CAPM risk premium estimate, three 3 

quantities are required: the risk-free rate (RF), beta (β), and the market risk 4 

premium, (RM - RF).  In order to estimate the CAPM return for the average risk 5 

electric utility, I used a risk-free rate of 4.6%, a beta estimate of 0.82 and a market 6 

risk premium estimate of 7.4%.  These respective inputs to the CAPM are 7 

explained below. 8 

Q. What risk-free rate did you use in your CAPM and risk premium analyses? 9 

A. To implement the CAPM and Risk Premium methods, an estimate of the risk-free 10 

return is required as a benchmark.  As a proxy for the risk-free rate, I have relied 11 

on the current level of 30-year Treasury bond yields.   12 

  The appropriate proxy for the risk-free rate in the CAPM is the return on the 13 

longest term Treasury bond possible.  This is because common stocks are very 14 

long-term instruments more akin to very long-term bonds rather than to short-term 15 

or intermediate-term Treasury notes.   In a risk premium model, the ideal estimate 16 

for the risk-free rate has a term to maturity equal to the security being analyzed.  17 

Since common stock is a very long-term investment because the cash flows to 18 

investors in the form of dividends last indefinitely, the yield on the longest-term 19 

possible government bonds, that is the yield on 30-year Treasury bonds, is the best 20 

measure of the risk-free rate for use in the CAPM.  The expected common stock 21 

return is based on very long-term cash flows, regardless of an individual's holding 22 

time period.  Moreover, utility asset investments generally have very long-term 23 

useful lives and should correspondingly be matched with very long-term maturity 24 

financing instruments.   25 
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  While long-term Treasury bonds are potentially subject to interest rate risk, 1 

this is only true if the bonds are sold prior to maturity.  A substantial fraction of 2 

bond market participants, usually institutional investors with long-term liabilities 3 

(e.g., pension funds and insurance companies), in fact hold bonds until they 4 

mature, and therefore are not subject to interest rate risk.  Moreover, institutional 5 

bondholders neutralize the impact of interest rate changes by matching the 6 

maturity of a bond portfolio with the investment planning period, or by engaging 7 

in hedging transactions in the financial futures markets.  The merits and 8 

mechanics of such immunization strategies are well documented by both 9 

academicians and practitioners.   10 

  Another reason for utilizing the longest maturity Treasury bond possible is 11 

that common equity has an infinite life span, and the inflation expectations 12 

embodied in its market-required rate of return will therefore be equal to the 13 

inflation rate anticipated to prevail over the very long-term.  The same expectation 14 

should be embodied in the risk free rate used in applying the CAPM model.  It 15 

stands to reason that the yields on 30-year Treasury bonds will more closely 16 

incorporate within their yield the inflation expectations that influence the prices of 17 

common stocks than do short-term or intermediate-term U.S. Treasury notes.  18 

  Among U.S. Treasury securities, 30-year Treasury bonds have the longest 19 

term to maturity and the yield on such securities should be used as proxies for the 20 

risk-free rate in applying the CAPM, provided there are no anomalous conditions 21 

existing in the 30-year Treasury market.  In the absence of such conditions, I have 22 

relied on the yield on 30-year Treasury bonds in implementing the CAPM and risk 23 

premium methods. 24 

Q. Dr. Morin, why did you reject short-term interest rates as proxies for the risk-free 25 
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rate in implementing the CAPM? 1 

A.     Short-term rates are volatile, fluctuate widely, and are subject to more random 2 

disturbances than are long-term rates.  Short-term rates are largely administered 3 

rates.  For example, Treasury bills are used by the Federal Reserve as a policy 4 

vehicle to stimulate the economy and to control the money supply, and are used 5 

by foreign governments, companies, and individuals as a temporary safe-house for 6 

money.   7 

  As a practical matter, it makes no sense to match the return on common 8 

stock to the yield on 90-day Treasury Bills.  This is because short-term rates, such 9 

as the yield on 90-day Treasury Bills, fluctuate widely, leading to volatile and 10 

unreliable equity return estimates.  Moreover, yields on 90-day Treasury Bills 11 

typically do not match the equity investor's planning horizon.  Equity investors 12 

generally have an investment horizon far in excess of 90 days.    13 

  As a conceptual matter, short-term Treasury Bill yields reflect the impact of 14 

factors different from those influencing the yields on long-term securities such as 15 

common stock.  For example, the premium for expected inflation embedded into 16 

90-day Treasury Bills is likely to be far different than the inflationary premium 17 

embedded into long-term securities yields.  On grounds of stability and 18 

consistency, the yields on long-term Treasury bonds match more closely with 19 

common stock returns.  20 

Q. What is the current level of U.S. Treasury 30-year bonds? 21 

A. The yield on U.S. Treasury 30-year bonds prevailing in May 2008, as reported by 22 

Value Line and the Federal Reserve Bank, was 4.6%.  Accordingly, I use 4.6% as 23 

my estimate of the risk-free rate component of the CAPM.    24 

Q. How did you select the beta for your CAPM analysis? 25 
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A. A major thrust of modern financial theory as embodied in the CAPM is that 1 

perfectly diversified investors can eliminate the company-specific component of 2 

risk, and that only market risk remains.  The latter is technically known as "beta" 3 

(�), or "systematic risk".  The beta coefficient measures change in a security's 4 

return relative to that of the market.  The beta coefficient states the extent and 5 

direction of movement in the rate of return on a stock relative to the movement in 6 

the rate of return on the market as a whole.  It indicates the change in the rate of 7 

return on a stock associated with a one percentage point change in the rate of 8 

return on the market, and thus measures the degree to which a particular stock 9 

shares the risk of the market as a whole.  Modern financial theory has established 10 

that beta incorporates several economic characteristics of a corporation which are 11 

reflected in investors' return requirements.  12 

  As proxies for the beta of the electric utility industry, I examined the betas 13 

of two samples of widely-traded investment-grade electric utilities covered by 14 

Value Line.  The first sample consisted of vertically integrated electric utilities 15 

that pay dividends and with at least 50% of their revenues from regulated electric 16 

utility operations.  The second sample consisted of the electric utilities that make 17 

up Moody’s Electric Utility Index as a proxy for the electric utility industry.  18 

These two groups are examined in more detail later in my testimony, in 19 

connection with the DCF estimates of the cost of common equity.    20 

As displayed on page 1 of Exhibit HECO-1901, the average beta for the 21 

vertically integrated electric utility group is currently 0.82.  As shown on page 2 22 

of Exhibit HECO-1901, the average beta of the Moody’s group is also 0.82.  Of 23 

course, to the extent that HECO is riskier than average, the beta applicable to 24 

HECO is correspondingly higher.    25 
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  Based on these results, I shall use 0.82 as my estimate for the beta 1 

applicable to the average risk electric utility.    2 

Q.    Why did you use a market risk premium (“MRP”) estimate of 7.4% in your 3 

CAPM analysis? 4 

A.   This estimate was based on the results of both historical and forward-looking 5 

studies of long-term risk premiums.  First, the Ibbotson Associates (now 6 

Morningstar) study, Stocks, Bonds, Bills, and Inflation, 2008 Yearbook, 7 

compiling historical returns from 1926 to 2007, shows that a broad market sample 8 

of common stocks outperformed long-term U.S. Treasury bonds by 6.5%.  The 9 

historical MRP over the income component of long-term Treasury bonds rather 10 

than over the total return is 7.1%.  Ibbotson Associates recommend the use of the 11 

latter as a more reliable estimate of the historical MRP, and I concur with this 12 

viewpoint.  The historical MRP should be computed using the income component 13 

of bond returns because the intent, even using historical data, is to identify an 14 

expected MRP.  The more accurate way to estimate the MRP from historic data is 15 

to use the income return, not total returns on government bonds, as explained in 16 

Ibbotson Associates, Stocks, Bonds, Bills, and Inflation: Valuation Edition, 2008 17 

Yearbook.  This is because the income component of total bond return (i.e., the 18 

coupon rate) is a far better estimate of expected return than the total return (i.e., 19 

the coupon rate + capital gain), as realized capital gains/losses are largely 20 

unanticipated by bond investors.  The long-horizon (1926-2007) MRP (based on 21 

income returns, as required) is specifically calculated to be 7.1% rather than 6.5%. 22 

   Second, a DCF analysis applied to the aggregate equity market using the 23 

S&P 500 Index and Value Line growth forecasts indicates a prospective MRP of 24 
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7.8%.   Therefore, I shall employ the average of the two estimates, 7.4%, as a 1 

reasonable estimate of the MRP. 2 

   Historical Market Risk Premium 3 

Q. On what maturity bond does the Ibbotson historical risk premium data rely on? 4 

A. Because 30-year bonds were not always traded or even available throughout the 5 

entire 1926-2005 long period covered in the Ibbotson Associates Study of 6 

historical returns, the latter study relied on bond return data based on 20-year 7 

Treasury bonds.  To the extent that the normal yield curve is virtually flat above 8 

maturities of 20 years over most of the period covered in the Ibbotson study, the 9 

difference in yield is not material.  In fact, the difference in yield between 30-year 10 

and 20-year bonds is actually negative.  The average difference in yield over the 11 

1977-2006 period is 13 basis points, that is, the yield on 20-year bonds is slightly 12 

higher than the yield on 30-year bonds. 13 

Q. Why did you use long time periods in arriving at your historical MRP estimate? 14 

A. Because realized returns can be substantially different from prospective returns 15 

anticipated by investors when measured over short time periods, it is important to 16 

employ returns realized over long time periods rather than returns realized over 17 

more recent time periods when estimating the MRP with historical returns.  18 

Therefore, a risk premium study should consider the longest possible period for 19 

which data are available.  Short-run periods during which investors earned a lower 20 

risk premium than they expected are offset by short-run periods during which 21 

investors earned a higher risk premium than they expected.  Only over long time 22 

periods will investor return expectations and realizations converge. 23 

  I have therefore ignored realized risk premiums measured over short time 24 

periods, since they are heavily dependent on short-term market movements.  25 
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Instead, I relied on results over periods of enough length to smooth out short-term 1 

aberrations, and to encompass several business and interest rate cycles.  The use 2 

of the entire study period in estimating the appropriate MRP minimizes subjective 3 

judgment and encompasses many diverse regimes of inflation, interest rate cycles, 4 

and economic cycles. 5 

  To the extent that the estimated historical equity risk premium follows what 6 

is known in statistics as a “random walk,” the best estimate of the future risk 7 

premium is the historical mean.  Since I found no evidence that the MRP in 8 

common stocks has changed over time, that is, no significant serial correlation in 9 

the Ibbotson study, it is reasonable to assume that these quantities will remain 10 

stable in the future.  11 

  Prospective Market Risk Premium 12 

Q. Please describe your prospective approach in deriving the MRP in the CAPM 13 

analysis. 14 

A. For my prospective estimate of the MRP, I applied a DCF analysis to the 15 

aggregate equity market using Value Line's VLIA software.  The dividend yield 16 

on the stocks that make up the S&P 500 Index is currently 1.78% (VLIA 05/2008 17 

edition), and the average projected long-term growth rate in dividends is 10.21%.  18 

Adding the dividend yield to the growth component produces an expected return 19 

on the aggregate equity market of 11.99%.  Following the tenets of the DCF 20 

model, the spot dividend yield must be converted into an expected dividend yield 21 

by multiplying it by one plus the growth rate.  This brings the expected return on 22 

the aggregate equity market to 12.17%.  Recognition of the quarterly timing of 23 

dividend payments rather than the annual timing of dividends assumed in the 24 

annual DCF model brings the MRP estimate to approximately 12.37%.  25 
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Subtracting the risk-free rate of 4.6% from the latter, the implied risk premium is 1 

7.77% over long-term U.S. Treasury bonds.    2 

Q. Did you check your MRP estimate of 7.4% against any other source? 3 

A. Yes, I did.  As a check on my MRP estimate, I examined a recent 2003 4 

comprehensive article published in Financial Management, Harris, Marston, 5 

Mishra, and O’Brien (“HMMO”) that provides estimates of the ex ante expected 6 

returns for S&P 500 companies over the period 1983-19986.  HMMO measure the 7 

expected rate of return (cost of equity) of each dividend-paying stock in the S&P 8 

500 for each month from January 1983 to August 1998 by using the constant 9 

growth DCF model.  The prevailing risk-free rate for each year was then 10 

subtracted from the expected rate of return for the overall market to arrive at the 11 

MRP for that year.  The table below, drawn from HMMO Table 2, displays the 12 

average prospective risk premium estimate for each year from 1983 to 1998.  The 13 

average MRP estimate for the overall period is 7.2%, which is close to my 14 

estimate of 7.4%.  15 

                                                           
6 Harris, R. S., Marston, F. C., Mishra, D. R., and O’Brien, T. J., “Ex Ante Cost of Equity   
Estimates of S&P 500 Firms: The Choice Between Global and Domestic CAPM,” Financial 
Management, Autumn 2003, pp. 51-66. 
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        DCF Market 1 
      Year  Risk Premium 2 

      1983   6.6% 3 
      1984   5.3% 4 
      1985   5.7% 5 
      1986   7.4% 6 
      1987   6.1% 7 
      1988   6.4% 8 
      1989   6.6% 9 
      1990   7.1% 10 
      1991   7.5% 11 
      1992   7.8% 12 
      1993   8.2% 13 
      1994   7.3% 14 
      1995   7.7% 15 
      1996   7.8% 16 
      1997   8.2% 17 
      1998   9.2% 18 

      MEAN  7.2% 19 

Q. What is your risk premium estimate of the average risk utility’s cost of equity 20 

using the CAPM approach? 21 

A. Inserting those input values in the CAPM equation, namely a risk-free rate of 22 

4.6%, a beta of 0.82, and a MRP of 7.4%, the CAPM estimate of the cost of 23 

common equity is: 4.6% + 0.82 x 7.4%  = 10.7%.  This estimate becomes 11.0% 24 

with flotation costs, discussed later in my testimony.    25 

Q. What is your risk premium estimate using the empirical version of the CAPM? 26 

A. There have been countless empirical tests of the CAPM in the finance literature in 27 

order to determine to what extent security returns and betas are related in the 28 

manner predicted by the CAPM.  This literature is summarized in Chapter 13 of 29 

my 1994 book, Regulatory Finance, and Chapter 6 of my latest book, The New 30 

Regulatory Finance, both published by Public Utilities Report Inc.  The results of 31 

the tests support the idea that beta is related to security returns, that the risk-return 32 
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tradeoff is positive, and that the relationship is linear.   The contradictory finding 1 

is that the risk-return tradeoff is not as steeply sloped as the predicted CAPM.  2 

That is, empirical research has long shown that low-beta securities earn returns 3 

somewhat higher than the CAPM would predict, and high-beta securities earn less 4 

than predicted.  A CAPM-based estimate of cost of capital underestimates the 5 

return required from low-beta securities and overstates the return required from 6 

high-beta securities, based on the empirical evidence.  This is one of the most 7 

well-known results in finance, and it is displayed graphically below.  8 

 9 

 10 

 11 

 12 

 13 

 14 

 15 

 16 

 17 

 18 

   A number of variations on the original CAPM theory have been proposed 19 

to explain this finding.  The empirical version of the CAPM (“ECAPM”) 20 

makes use of these empirical findings.  The ECAPM estimates the cost of 21 

capital with the equation: 22 

                                               K  =  RF    +  �    + � x  ( M R P -  � )   23 

 where � is the "alpha" of the risk-return line, a constant, MRP is the market 24 

risk premium (RM – RF), and the other symbols are defined as usual.  Inserting 25 
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the long-term risk-free rate as a proxy for the risk-free rate, an alpha in the range 1 

of 1% - 2%, and reasonable values of beta and the MRP in the above equation 2 

produces results that are indistinguishable from the following more tractable 3 

ECAPM expression: 4 

              K   =   RF   +   0.25 (RM - RF)   +   0.75 �(RM - RF) 5 

  An alpha range of 1% - 2% is somewhat lower than that estimated 6 

empirically.  The use of a lower value for alpha leads to a lower estimate of the 7 

cost of capital for low-beta stocks such as regulated utilities.  This is because 8 

the use of a long-term risk-free rate rather than a short-term risk-free rate already 9 

incorporates some of the desired effect of using the ECAPM.   That is, the long-10 

term risk-free rate version of the CAPM has a higher intercept and a flatter 11 

slope than the short-term risk-free version which has been tested.  This is also 12 

because the use of adjusted betas rather than the use of raw betas also 13 

incorporates some of the desired effect of using the ECAPM.  Thus, it is 14 

reasonable to apply a conservative alpha adjustment. 15 

Q. Is the use of the ECAPM consistent with the use of adjusted betas?  16 

A. Yes, it is.  Some have argued that the use of the ECAPM is inconsistent with the use 17 

of adjusted betas, such as those supplied by Value Line, Bloomberg, and Ibbotson 18 

Associates.  This is because the reason for using the ECAPM is to allow for the 19 

tendency of betas to regress toward the mean value of 1.00 over time, and, since 20 

Value Line betas are already adjusted for such trend, an ECAPM analysis results 21 

in double-counting.  This argument is erroneous.  Fundamentally, the ECAPM is 22 

not an adjustment, increase or decrease, in beta.  This is obvious from the fact that 23 

the observed return on high beta securities is actually lower than that produced by 24 

the CAPM estimate.  The ECAPM is a formal recognition that the observed risk-25 
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return tradeoff is flatter than predicted by the CAPM based on myriad empirical 1 

evidence.   The ECAPM and the use of adjusted betas comprised two separate 2 

features of asset pricing.  Even if a company’s beta is estimated accurately, the 3 

CAPM still understates the return for low-beta stocks.  Even if the ECAPM is 4 

used, the return for low-beta securities is understated if the betas are understated.   5 

Referring back to the previous graph, the ECAPM is a return (vertical axis) 6 

adjustment and not a beta (horizontal axis) adjustment. Both adjustments are 7 

necessary.  Moreover, the use of adjusted betas compensates for interest rate 8 

sensitivity of utility stocks not captured by unadjusted betas. 9 

   Exhibit HECO-1908 contains a full discussion of the ECAPM, including its 10 

theoretical and empirical underpinnings.  In short, the following equation provides 11 

a viable approximation to the observed relationship between risk and return, and 12 

provides the following cost of equity capital estimate:   13 

                           K   =   RF   +   0.25 (RM - RF)   +   0.75  � (RM - RF) 14 

  Inserting 4.6% for the risk-free rate RF, a MRP of 7.4% for (RM - RF) and a 15 

beta of 0.82 in the above equation, the return on common equity is 11.0% without 16 

flotation costs and 11.3% with flotation costs.    17 

Q. Dr. Morin, please summarize your CAPM estimates. 18 

A. The table below summarizes the common equity estimates obtained from my 19 

CAPM studies.  The average CAPM result is 11.15% rounded to 11.2%.  20 

 21 
       CAPM Method         ROE 22 
 23 
       CAPM           11.0% 24 
       Empirical CAPM         11.3% 25 
        AVERAGE         11.2% 26 

 27 
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B. HISTORICAL RISK PREMIUM ESTIMATES 1 

Q. Please describe your historical risk premium analysis of the electric utility 2 

industry. 3 

A.     As a proxy for the risk premium applicable to the electric utility business, I 4 

estimated the historical risk premium for the electric utility industry with an 5 

annual time series analysis applied to the industry as a whole, using Moody's 6 

Electric Utility Index as an industry proxy.  The analysis is depicted on Exhibit 7 

HECO-1902.  The risk premium was estimated by computing the actual realized 8 

return on equity capital for Moody's Index for each year, using the actual stock 9 

prices and dividends of the index, and then subtracting the long-term government 10 

bond return for that year.   11 

  As shown on Exhibit HECO-1902, the average risk premium over the period 12 

was 5.7% over historical long-term Treasury bond returns and 5.8% over long-13 

term Treasury bond yields.  Given that the risk-free rate is 4.6%, and using the 14 

historical estimate of 5.7%, the implied cost of equity for the average risk electric 15 

utility from this particular method is 4.6% + 5.7% = 10.3% without flotation costs 16 

and 10.6% with flotation costs.  I reiterate that to the extent that HECO is riskier 17 

than average, the risk premium applicable to HECO is correspondingly higher. 18 

Q. Dr. Morin, are risk premium studies widely used? 19 

A. Yes, they are.  Risk Premium analyses are widely used by analysts, investors, and 20 

expert witnesses.  Most college-level corporate finance and/or investment 21 

management texts including Investments by Bodie, Kane, and Marcus, (McGraw-22 

Hill Irwin, 2002), which is a recommended textbook for CFA (Chartered 23 

Financial Analyst) certification and examination, contain detailed conceptual and 24 

empirical discussion of the risk premium approach.  The latter method is typically 25 
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recommended as one of the three leading methods of estimating the cost of 1 

capital.  Professor Brigham’s best-selling corporate finance textbook (Financial 2 

Management: Theory and Practice, 11th ed., South-Western, 2005), recommends 3 

the use of risk premium studies, among others.  Techniques of risk premium 4 

analysis are widespread in investment community reports.  Professional certified 5 

financial analysts are certainly well versed in the use of this method.    6 

Q. Are you concerned about the realism of the assumptions that underlie the 7 

historical risk premium method? 8 

A. No, I am not, for they are no more restrictive than the assumptions that underlie 9 

the DCF model or the CAPM.  While it is true that the method looks backward in 10 

time and assumes that the risk premium is constant over time, these assumptions 11 

are not necessarily restrictive.  By employing returns realized over long time 12 

periods rather than returns realized over more recent time periods, investor return 13 

expectations and realizations converge.  Realized returns can be substantially 14 

different from prospective returns anticipated by investors, especially when 15 

measured over short time periods.  By ensuring that the risk premium study 16 

encompasses the longest possible period for which data are available, short-run 17 

periods during which investors earned a lower risk premium than they expected 18 

are offset by short-run periods during which investors earned a higher risk 19 

premium than they expected.  Only over long time periods will investor return 20 

expectations and realizations converge, or else, investors would never commit any 21 

funds.   22 

 C.   ALLOWED RISK PREMIUMS 23 

Q. Please describe your analysis of allowed risk premiums in the electric utility 24 

industry. 25 
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A. To estimate the electric utility industry’s cost of common equity, I also examined 1 

the historical risk premiums implied in the ROEs allowed by regulatory 2 

commissions for electric utilities over the last decade relative to the 3 

contemporaneous level of the long-term Treasury bond yield.  This variation of 4 

the risk premium approach is reasonable because allowed risk premiums are 5 

presumably based on the results of market-based methodologies (DCF, Risk 6 

Premium, CAPM, etc.) presented to regulators in rate hearings and on the actions 7 

of objective unbiased investors in a competitive marketplace.  Historical allowed 8 

ROE data are readily available over long periods on a quarterly basis from 9 

Regulatory Research Associates (now SNL) and easily verifiable from SNL 10 

publications and past commission decision archives.  The average ROE spread 11 

over long-term Treasury yields was 5.6% for the 1998-2007 time period, as shown 12 

in the graph below.  I note that this estimate is nearly identical to the 5.7% 13 

estimate obtained from the historical risk premium study of the electric utility 14 

industry.    15 

   Given the current long-term Treasury bond yield of 4.6% and a risk 16 

premium of 5.6%, the implied allowed ROE for the average risk electric utility is 17 

10.2%.  No flotation cost adjustment is required here because the return figures 18 

are allowed book ROEs rather than market-based ROEs. 19 
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Q. Why did you rely on the last decade to conduct your allowed risk premium 13 

analysis? 14 

A. Because allowed returns already reflect investor expectations, that is, are forward-15 

looking in nature, the need for relying on long historical periods is minimized.  16 

The last decade is a reasonable period of analysis in the case of allowed returns in 17 

view of the stability of the inflation rate experienced over the last decade.  18 

Q. Do investors take into account allowed returns in formulating their expectations? 19 

A. Yes, they do.  Investors do take into account returns granted by various regulators 20 

in formulating their risk and return expectations, as evidenced by the availability 21 

of commercial publications disseminating such data, including Value Line and 22 

SNL.  Allowed returns, while certainly not a precise indication of a particular 23 

company's cost of equity capital, are nevertheless an important determinant of 24 

investor growth perceptions and investor expected returns.   25 
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Q. Please summarize your risk premium estimates. 1 

A. The table below summarizes the ROE estimates obtained from the two risk 2 

premium studies.   The average risk premium result is 10.4%.  3 

 4 
                                       Risk Premium Method                  ROE 5 
 6 
           Historical                                    10.6% 7 
           Allowed Risk Premium              10.2% 8 
          AVERAGE         10.4% 9 

D. DCF Estimates 10 

Q. Please describe the DCF approach to estimating the cost of equity capital. 11 

A. According to DCF theory, the value of any security to an investor is the expected 12 

discounted value of the future stream of dividends or other benefits.  One widely 13 

used method to measure these anticipated benefits in the case of a non-static 14 

company is to examine the current dividend plus the increases in future dividend 15 

payments expected by investors.  This valuation process can be represented by the 16 

following formula, which is the traditional DCF model: 17 

      Ke  =  D1/Po  +  g 18 

where:     Ke  =  investors' expected return on equity 19 

                D1  =  expected dividend at the end of the coming year 20 

                Po  =  current stock price 21 

          g  =  expected growth rate of dividends, earnings, stock price, and   22 

                  book value 23 

  The standard traditional DCF formula states that under certain assumptions, 24 

which are described in the next paragraph, the equity investor's expected return, 25 

Ke, can be viewed as the sum of an expected dividend yield, D1/Po, plus the 26 

expected growth rate of future dividends and stock price, g.  The returns 27 
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anticipated at a given market price are not directly observable and must be 1 

estimated from statistical market information.  The idea of the market value 2 

approach is to infer 'Ke' from the observed share price, the observed dividend, and 3 

an estimate of investors' expected future growth.    4 

  The assumptions underlying this valuation formulation are well known, and 5 

are discussed in detail in Chapter 4 of my reference book, Regulatory Finance, 6 

and Chapter 8 of my new text, The New Regulatory Finance.   The standard DCF 7 

model requires the following main assumptions: a constant average growth trend 8 

for both dividends and earnings, a stable dividend payout policy, a discount rate in 9 

excess of the expected growth rate, and a constant price-earnings multiple, which 10 

implies that growth in price is synonymous with growth in earnings and 11 

dividends.  The standard DCF model also assumes that dividends are paid at the 12 

end of each year when in fact dividend payments are normally made on a 13 

quarterly basis.   14 

Q. How did you estimate HECO’s cost of equity with the DCF model? 15 

A. I applied the DCF model to two proxies for the electric utility industry: (1) a 16 

group of investment-grade dividend-paying integrated electric utilities and (2) a 17 

group consisting of the companies that make up Moody’s Electric Utility Index.   18 

   In order to apply the DCF model, two components are required: (1) the 19 

expected dividend yield (D1/Po) and (2) the expected long-term growth (g).  The 20 

expected dividend D1 in the annual DCF model can be obtained by multiplying 21 

the current indicated annual dividend rate by the growth factor  (1 + g).   22 

   From a conceptual viewpoint, the stock price to employ in calculating the 23 

dividend yield is the current price of the security at the time of estimating the cost 24 

of equity.  This is because the current stock prices provide a better indication of 25 
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expected future prices than any other price in an efficient market.  An efficient 1 

market implies that prices adjust rapidly to the arrival of new information.  2 

Therefore, current prices reflect the fundamental economic value of a security.  A 3 

considerable body of empirical evidence indicates that capital markets are 4 

efficient with respect to a broad set of information.  This implies that observed 5 

current prices represent the fundamental value of a security, and that a cost of 6 

capital estimate should be based on current prices. 7 

   In implementing the DCF model, I have used the dividend yields reported in 8 

the latest edition of Value Line’s VLIA software.  Basing dividend yields on 9 

average results from a large group of companies reduces the concern that the 10 

vagaries of individual company stock prices will result in an unrepresentative 11 

dividend yield. 12 

Q.   How did you estimate the growth component of the DCF model? 13 

A.    The principal difficulty in calculating the required return by the DCF approach is 14 

in ascertaining the growth rate that investors currently expect.  Because no explicit 15 

estimate of expected growth is observable, proxies must be employed.   16 

   As proxies for expected growth, I examined the consensus growth estimate 17 

developed by professional analysts employed by large investment brokerage 18 

institutions.  Projected long-term growth rates actually used by institutional 19 

investors to determine the desirability of investing in different securities influence 20 

investors' growth anticipations.  These forecasts are made by large reputable 21 

organizations, and the data are readily available to investors and are representative 22 

of the consensus view of investors.  Because of the dominance of institutional 23 

investors in investment management and security selection, and their influence on 24 

individual investment decisions, analysts' growth forecasts influence investor 25 
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growth expectations and provide a sound basis for estimating the cost of equity 1 

with the DCF model.  Growth rate forecasts of several analysts are available from 2 

published investment newsletters and from systematic compilations of analysts' 3 

forecasts, such as those tabulated by Zacks Investment Research Inc. (“Zacks”).  I 4 

used analysts' long-term growth forecasts contained in Zacks as proxies for 5 

investors' growth expectations in applying the DCF model.  The latter also are 6 

conveniently provided in the Value Line software.  I also used Value Line’s own 7 

growth forecast as an additional proxy.  8 

Q.   Why didn’t you use historical growth rates in applying the DCF model to electric 9 

utilities?  10 

A.     I have rejected historical growth rates as proxies for expected growth in the DCF 11 

calculation for two reasons.  First, to the extent that historical growth patterns are 12 

relevant, they already have been incorporated in analysts’ growth forecasts that 13 

should be used in the DCF model, and are therefore somewhat redundant.  14 

   Second, historical growth rates have little relevance as proxies for future 15 

long-term growth at this time.  They are downward-biased by the sluggish 16 

earnings performance in the last five years caused by the structural transformation 17 

of the electric utility industry from a fully integrated regulated monopoly to a 18 

more competitive environment.  As I show in Exhibit HECO-1903, the industry as 19 

a whole has experienced very little dividend growth over the past five years, and 20 

several electric utility companies have experienced a negative earnings growth 21 

rate.  Columns 2, 3, and 4 of Exhibit HECO-1903 display the historical growth in 22 

earnings, dividends, and book value per share over the last five years for the 23 

electric utility companies that make up Value Line’s Electric Utility composite 24 

group.  The average historical growth rates in earnings, dividends, and book value 25 
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for the group are 2.3%, 1.1%, and 3.0% over the past 5 years, respectively.  1 

Negative earnings growth rates are evidenced with negative numbers.  2 

   These anemic historical growth rates are certainly not representative of 3 

these companies’ long-term earning power, and produce unreasonably low DCF 4 

estimates, well outside reasonable limits of probability and common sense.  To 5 

illustrate, adding the historical growth rates of 2.3%, 1.1%, and 3.0% to the 6 

average dividend yield of approximately 4.0% prevailing currently for those same 7 

companies, produces preposterous cost of equity estimates of 6.3%, 5.1%, and 8 

7.0%, using earnings, dividends, and book value growth rates, respectively.  Of 9 

course, these estimates of equity costs are outlandish as they are less than the cost 10 

of long-term debt for these companies or barely above these companies’ debt 11 

costs.    12 

  I have therefore rejected historical growth rates as proxies for expected 13 

growth in the DCF calculation at this time.   14 

Q.     Did you consider any other method of estimating expected growth for the DCF 15 

model?  16 

A.   Yes, I did.  I considered using the so-called “sustainable growth” method, also 17 

referred to as the “retention growth” method.  According to this method, future 18 

growth is estimated by multiplying the fraction of earnings expected to be retained 19 

by the company, 'b', by the expected return on book equity, 'ROE'.   That is,  20 

        g = b x ROE: 21 

 where:   g = expected growth rate in earnings/dividends  22 

               b = expected retention ratio  23 

         ROE = expected return on book common equity 24 
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Q.     Dr. Morin, do you have any reservations in regards to the sustainable growth 1 

method? 2 

A.    Yes, I do.  First, the sustainable method of predicting growth is only accurate 3 

under the assumptions that the return on book equity (ROE) is constant over time 4 

and that no new common stock is issued by the company, or if so, it is sold at 5 

book value.  Second, and more importantly, the sustainable growth method 6 

contains a logic trap: the method requires an estimate of ROE to be implemented.  7 

But if the ROE input required by the model differs from the recommended return 8 

on equity, a fundamental contradiction in logic follows.  Third, the empirical 9 

finance literature demonstrates that the sustainable growth method of determining 10 

growth is not as significantly correlated to measures of value, such as stock prices 11 

and price/earnings ratios, as analysts' growth forecasts.  I therefore chose not to 12 

rely on this method.  13 

Q.   Did you consider projected dividend growth in applying the DCF model? 14 

A.    I did, but chose not to rely on dividend growth at this time.  The reason is that as a 15 

practical matter, while earnings growth forecasts are widely available, there are 16 

very few dividend growth forecasts.   17 

Q.  Is there any empirical evidence documenting the importance of earnings in 18 

evaluating investors' growth expectations? 19 

A.   Yes, there is an abundance of evidence attesting to the importance of earnings in 20 

assessing investors’ expectations.  First, the sheer volume of earnings forecasts 21 

available from the investment community relative to the scarcity of dividend 22 

forecasts attests to their importance.  To illustrate, Value Line, Zacks Investment, 23 

First Call Thompson, and Multex provide comprehensive compilations of 24 

investors’ earnings forecasts, to name some.  The fact that these investment 25 
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information providers focus on growth in earnings rather than growth in dividends 1 

indicates that the investment community regards earnings growth as a superior 2 

indicator of future long-term growth.  Second, Value Line’s principal investment 3 

rating assigned to individual stocks, Timeliness Rank, is based primarily on 4 

earnings, which accounts for 65% of the ranking. 5 

Q. Dr. Morin, how did you approach the composition of comparable groups in order 6 

to estimate HECO’s cost of equity with the DCF method? 7 

A. Because HECO is not publicly traded, the DCF model cannot be applied to HECO 8 

and proxies must be used.  There are two possible approaches in forming proxy 9 

groups of companies. 10 

 The first approach is to apply cost of capital estimation techniques to a 11 

select group of companies directly comparable in risk to HECO.  These 12 

companies are chosen by the application of stringent screening criteria to a 13 

universe of electric utility stocks in an attempt to identify companies with the 14 

same investment risk as HECO.  Examples of screening criteria include bond 15 

rating, beta risk, size, percentage of revenues from electric utility operations, and 16 

common equity ratio.  The end result is a small sample of companies with a risk 17 

profile similar to that of HECO, provided the screening criteria are defined and 18 

applied correctly. 19 

 The second approach is to apply cost of capital estimation techniques to a 20 

large group of electric utilities representative of the electric utility industry 21 

average and then make adjustments to account for any difference in investment 22 

risk between the company and the industry average.   As explained below, in view 23 

of substantial changes in circumstances in the electric utility industry, I have 24 

chosen the latter approach. 25 
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 In the current unstable industry environment, it is important to select 1 

relatively large sample sizes representative of the electric utility industry as a 2 

whole, as opposed to small sample sizes consisting of a handful of companies.  3 

This is because the electric utility industry capital market data is highly unstable at 4 

this time.   As a result of this instability, the composition of small groups of 5 

companies is very fluid, with companies exiting the sample due to dividend 6 

suspensions or reductions, insufficient or unrepresentative historical data due to 7 

recent mergers, impending merger or acquisition, and changing corporate 8 

identities due to restructuring activities.    9 

  From a statistical standpoint, confidence in the reliability of the DCF model 10 

result is considerably enhanced when applying the DCF model to a large group of 11 

companies.  Any distortions introduced by measurement errors in the two DCF 12 

components of equity return for individual companies, namely dividend yield and 13 

growth are mitigated.  Utilizing a large portfolio of companies reduces the chance 14 

of either overestimating or underestimating the cost of equity for an individual 15 

company.   For example, in a large group of companies, positive and negative 16 

deviations from the expected growth will tend to cancel out owing to the law of  17 

 large numbers, provided that the errors are independent7.   The average growth  18 

 rate of several companies is less likely to diverge from expected growth than is the 19 

estimate of growth for a single firm.   More generally, the assumptions of the DCF 20 

                                                           
7 If �i

2 represents the average variance of the errors in a group of N companies, and �ij the average 
covariance between the errors, then the variance of the error for the group of N  companies, �N

2 is:  

                                            ijiN N
N

N

−− −+= σσσ 11 2
2  

 If the errors are independent, the covariance between them (�ij) is zero, and the variance of the error for 
the group is reduced to:  

                      22 1
iN N

σσ =         As N gets progressively larger, the variance gets smaller and smaller. 
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model are more likely to be fulfilled for a large group of companies than for any 1 

single firm or for a small group of companies.  2 

  Moreover, small samples are subject to measurement error, and in violation 3 

of the Central Limit Theorem of statistics8.  From a statistical standpoint, reliance 4 

on robust sample sizes mitigates the impact of possible measurement errors and 5 

vagaries in individual companies’ market data.  Examples of such vagaries include 6 

dividend suspension, insufficient or unrepresentative historical data due to a 7 

recent merger, impending merger or acquisition, and a new corporate identity due 8 

to restructuring. 9 

  The point of all this is that the use of a handful of companies in a highly 10 

fluid and unstable industry produces fragile and statistically unreliable results.  A 11 

far safer procedure is to employ large sample sizes representative of the industry 12 

as a whole and apply subsequent risk adjustments to the extent that the company’s 13 

risk profile differs from that of the industry average. 14 

Q. Please describe your first proxy group for the electric utility business. 15 

A. As a first proxy for the electric utility business, I examined a group of investment-16 

grade dividend-paying utilities designated as “integrated” utilities by S&P.  I 17 

began with all the companies designated as electric utilities by Value Line, that is, 18 

with SIC codes 4911 to 4913.  Foreign companies, private partnerships, private 19 

companies, non dividend-paying companies, and companies below investment-20 
                                                           

8 The Central Limit Theorem describes the characteristics of the distribution of values we would 
obtain if we were able to draw an infinite number of random samples of a given size from a given 
population and we calculated the mean of each sample. The Central Limit Theorem asserts: [1] The 
mean of the sampling distribution of means is equal to the mean of the population from which the 
samples were drawn. [2] The variance of the sampling distribution of means is equal to the variance 
of the population from which the samples were drawn divided by the size of the samples. [3] If the 
original population is distributed normally, the sampling distribution of means will also be normal. If 
the original population is not normally distributed, the sampling distribution of means will 
increasingly approximate a normal distribution as sample size increases.  

 



HECO T-19 
DOCKET NO. 2008-0083 
PAGE 45 OF 61 

 
 
 

grade, that is, companies with a Moody’s bond rating below Baa3, were 1 

eliminated as well as those companies whose market capitalization was less than 2 

$500 million in order to minimize any stock price anomalies due to thin trading.   3 

The group was further narrowed down to include only the parent companies of 4 

electric utilities designated as “integrated” by S&P, as is HECO’s parent company 5 

HEI.  The final group of 29 companies only includes those companies with at least 6 

50% of their revenues from regulated electric utility operations.  The same group 7 

was utilized earlier in connection with beta estimates and is retained for the DCF 8 

analysis.   9 

Q.  What DCF results did you obtain for the integrated electric utility group using 10 

Value Line growth projections? 11 

A.   Page 1 of Exhibit HECO-1904 shows the raw dividend yield and growth data for 12 

the 29 companies while page 2 displays the DCF analysis.   No growth forecast 13 

was available for PNM Resources   As shown on Column 3, line 30 of page 2 of 14 

Exhibit HECO-1904, the average long-term growth forecast obtained from Value 15 

Line is 6.0% for this group.  Adding this growth rate to the average expected 16 

dividend yield of 4.3% shown in Column 4 produces an estimate of equity costs of 17 

10.3% for the group shown in Column 5.  Recognition of flotation costs brings the 18 

cost of equity estimate to 10.5%, shown in Column 6. 19 

Q.  What DCF results did you obtain for the integrated electric utility group using the 20 

analysts’ consensus growth forecast? 21 

A.    From the original sample of 29 companies shown on page 1 of Exhibit  HECO-22 

1905, Empire District, Energy East, MGE Energy, and UniSource were eliminated 23 

as no analysts’ growth forecasts were available from Zacks.  For the remaining 25 24 

companies shown on page 2 of Exhibit HECO-1905, using the consensus analysts’ 25 
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earnings growth forecast published by Zacks of 7.2% instead of the Value Line 1 

forecast, the cost of equity for the group is 11.6% unadjusted for flotation cost.  2 

Recognition of flotation costs brings the cost of equity estimate to 11.9%, shown 3 

in Column 6, line 27.   4 

Q.  What DCF results did you obtain for Moody’s electric utilities group? 5 

A.   Page 1 of Exhibit HECO-1906 displays the electric utilities that make up Moody’s 6 

Electric Utility Index.  No growth forecast was available for Duke Energy from 7 

Value Line.  As shown on Column 3 of page 2 of Exhibit HECO-1906, the 8 

average long-term growth forecast obtained from Value Line is 6.6% for this 9 

group.  Coupling this growth rate with the average expected dividend yield of 10 

4.4% shown in Column 4 for each company produces an estimate of equity costs 11 

of 11.0% for the group, unadjusted for flotation costs.  Adding an allowance for 12 

flotation costs to the results of Column 5 brings the cost of equity estimate to 13 

11.3%, shown in Column 6.    14 

   The analysis for the Moody’s group using the consensus analysts’ growth 15 

forecast from Zacks instead of the Value Line growth forecast is displayed on 16 

Pages 1 and 2 of Exhibit HECO-1907.  No growth projection was available for 17 

CH Energy and Energy East and those two companies therefore were eliminated 18 

from the group.  The average cost of equity for the group is 12.4%.  Removing the 19 

two companies with outlying growth rates (Constellation Energy and PPL), the 20 

median ROE for the group is 11.1% inclusive of flotation costs. 21 

Q.    Please summarize your DCF estimates. 22 

A.    The table below summarizes the DCF estimates: 23 
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 3 
 4 
 5 
 6 

 E.   Need for Flotation Cost Adjustment 7 

Q. Please describe the need for a flotation cost allowance. 8 

A. All the market-based estimates reported above include an adjustment for flotation 9 

costs.  The simple fact of the matter is that common equity capital is not free.  10 

Flotation costs associated with stock issues are exactly like the flotation costs 11 

associated with bonds and preferred stocks.  Flotation costs are not expensed at 12 

the time of issue, and therefore must be recovered via a rate of return adjustment.  13 

This is done routinely for bond and preferred stock issues by most regulatory 14 

commissions, including FERC.  Clearly, the common equity capital accumulated 15 

by the Company is not cost-free.  The flotation cost allowance to the cost of 16 

common equity capital is discussed and applied in most corporate finance 17 

textbooks; it is unreasonable to ignore the need for such an adjustment.    18 

Flotation costs are very similar to the closing costs on a home mortgage.  In 19 

the case of issues of new equity, flotation costs represent the discounts that must 20 

be provided to place the new securities.  Flotation costs have a direct and an 21 

indirect component.  The direct component is the compensation to the security 22 

underwriter for his marketing/consulting services, for the risks involved in 23 

distributing the issue, and for any operating expenses associated with the issue 24 

(printing, legal, prospectus, etc.).  The indirect component represents the 25 

downward pressure on the stock price as a result of the increased supply of stock 26 

from the new issue.  The latter component is frequently referred to as "market 27 

                                       DCF STUDY     ROE 
Vertically Integrated Elec Utilities Value Line Growth  10.5% 
Vertically Integrated Elec Utilities Zacks Growth  11.9% 
Moody’s Electric Utilities Value Line Growth 11.3% 
Moody’s Electric Utilities Zacks Growth 11.1% 
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pressure." 1 

Investors must be compensated for flotation costs on an ongoing basis to the 2 

extent that such costs have not been expensed in the past, and therefore the 3 

adjustment must continue for the entire time that these initial funds are retained in 4 

the firm.   HECO-1909 to my testimony discusses flotation costs in detail, and 5 

shows: (1) why it is necessary to apply an allowance of 5% to the dividend yield 6 

component of equity cost by dividing that yield by 0.95 (100% - 5%) to obtain the 7 

fair return on equity capital; (2) why the flotation adjustment is permanently 8 

required to avoid confiscation even if no further stock issues are contemplated; 9 

and (3) that flotation costs are only recovered if the rate of return is applied to 10 

total equity, including retained earnings, in all future years. 11 

          By analogy, in the case of a bond issue, flotation costs are not expensed but 12 

are amortized over the life of the bond, and the annual amortization charge is 13 

embedded in the cost of service.  The flotation adjustment is also analogous to the 14 

process of depreciation, which allows the recovery of funds invested in utility 15 

plant.  The recovery of bond flotation expense continues year after year, 16 

irrespective of whether the Company issues new debt capital in the future, until 17 

recovery is complete, in the same way that the recovery of past investments in 18 

plant and equipment through depreciation allowances continues in the future even 19 

if no new construction is contemplated.  In the case of common stock that has no 20 

finite life, flotation costs are not amortized.  Thus, the recovery of flotation cost 21 

requires an upward adjustment to the allowed return on equity. 22 

 A simple example will illustrate the concept.  A stock is sold for $100, and 23 

investors require a 10% return, that is, $10 of earnings.  But if flotation costs are 24 

5%, the Company nets $95 from the issue, and its common equity account is 25 
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credited by $95.  In order to generate the same $10 of earnings to the 1 

shareholders, from a reduced equity base, it is clear that a return in excess of 10% 2 

must be allowed on this reduced equity base, here 10.53%.  3 

According to the empirical finance literature discussed in HECO-1909, total 4 

flotation costs amount to 4% for the direct component and 1% for the market 5 

pressure component, for a total of 5% of gross proceeds.  This in turn amounts to 6 

approximately 30 basis points, depending on the magnitude of the dividend yield 7 

component.  To illustrate, dividing the average expected dividend yield of around 8 

5.0% for utility stocks by 0.95 yields 5.3%, which is 30 basis points higher.  9 

Sometimes, the argument is made that flotation costs are real and should be 10 

recognized in calculating the fair return on equity, but only at the time when the 11 

expenses are incurred.   In other words, the flotation cost allowance should not 12 

continue indefinitely, but should be made in the year in which the sale of 13 

securities occurs, with no need for continuing compensation in future years.  This 14 

argument is valid only if the Company has already been compensated for these 15 

costs.  If not, the argument is without merit.  My own recommendation is that 16 

investors be compensated for flotation costs on an on-going basis rather than 17 

through expensing, and that the flotation cost adjustment continue for the entire 18 

time that these initial funds are retained in the firm.   19 

 There are several sources of equity capital available to a firm including: 20 

common equity issues, conversions of convertible preferred stock, dividend 21 

reinvestment plans, employees' savings plans, warrants, and stock dividend 22 

programs.  Each carries its own set of administrative costs and flotation cost 23 

components, including discounts, commissions, corporate expenses, offering 24 

spread, and market pressure.  The flotation cost allowance is a composite factor 25 
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that reflects the historical mix of sources of equity.  The allowance factor is a 1 

build-up of historical flotation cost adjustments associated with and traceable to 2 

each component of equity at its source.  It is impractical and prohibitively costly 3 

to start from the inception of a company and determine the source of all present 4 

equity.  A practical solution is to identify general categories and assign one factor 5 

to each category.  My recommended flotation cost allowance is a weighted 6 

average cost factor designed to capture the average cost of various equity vintages 7 

and types of equity capital raised by the Company.   8 

Q.    Dr. Morin, can you please elaborate on the market pressure component of flotation 9 

cost? 10 

A. The indirect component, or market pressure component of flotation costs 11 

represents the downward pressure on the stock price as a result of the increased 12 

supply of stock from the new issue, reflecting the basic economic fact that when 13 

the supply of securities is increased following a stock or bond issue, the price 14 

falls.  The market pressure effect is real, tangible, measurable, and negative.  15 

According to the empirical finance literature the market pressure component of 16 

the flotation cost adjustment is approximately 1% of the gross proceeds of an 17 

issuance.  The announcement of the sale of large blocks of stock produces a 18 

decline in a company’s stock price, as one would expect given the increased 19 

supply of common stock.  20 

Q. Is a flotation cost adjustment required for an operating subsidiary like HECO that 21 

does not trade publicly? 22 

A. Yes, it is.  It is sometimes alleged that a flotation cost allowance is inappropriate if 23 

the utility is a subsidiary whose equity capital is obtained from its ultimate parent, 24 

in this case, HEI.  This objection is unfounded since the parent-subsidiary 25 
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relationship does not eliminate the costs of a new issue, but merely transfers them 1 

to the parent.  It would be unfair and discriminatory to subject parent shareholders 2 

to dilution while individual shareholders are absolved from such dilution.  Fair 3 

treatment must consider that, if the utility-subsidiary had gone to the capital 4 

markets directly, flotation costs would have been incurred. 5 

III. SUMMARY AND RECOMMENDATION ON COST OF EQUITY 6 

Q. Please summarize your results and recommendation.   7 

A. To arrive at my final recommendation, I performed four risk premium analyses.  8 

For the first two risk premium studies, I applied the CAPM and an empirical 9 

approximation of the CAPM using current market data.  The other two risk 10 

premium analyses were performed on historical and allowed risk premium data 11 

from electric utility industry aggregate data, using the current yield on long-term 12 

Treasury bonds.  I also performed DCF analyses on two surrogates for HECO’s 13 

electric utility business: a group of investment-grade vertically integrated electric 14 

utilities, and a group of companies that make up Moody’s Electric Utility Index.   15 

The results are summarized in the table below.  All results include flotation except 16 

the Allowed Risk Premium result. 17 

 18 
 19 
 20 
 21 
 22 
 23 
 24 

 25 
   26 
 27 

 28 
 29 

The central tendency of the results is 11.0% for the average risk utility, as 30 

indicated by the mean (11.0%), truncated mean (11.0%), median (11.1%), and 31 

                                                           STUDY                                             ROE 
CAPM 11.0% 
Empirical CAPM 11.3% 
Historical Risk Premium Electric 10.6% 
Allowed Risk Premium 10.2% 
DCF Vert. Integrated Electric Utilities Value Line Growth 10.5% 
DCF Vert. Integrated Electric Utilities Zacks Growth  11.9% 
DCF Moody's Electric Utilities Value Line Growth 11.3% 
DCF Moody's Electric Utilities Zacks Growth 11.1% 
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midpoint (11.1%) results, and the various results are very closely clustered around 1 

11%.   2 

      I stress that no one individual method provides an exclusive foolproof 3 

formula for determining a fair return, but each method provides useful evidence 4 

so as to facilitate the exercise of an informed judgment.  Reliance on any single 5 

method or preset formula is hazardous when dealing with investor expectations.  6 

Moreover, the advantage of using several different approaches is that the results 7 

of each one can be used to check the others.  Thus, the results shown in the above 8 

table must be viewed as a whole rather than each as a stand-alone.  It would be 9 

inappropriate to select any particular number from the summary table and infer 10 

the cost of common equity from that number alone.   11 

Q. Should the cost of equity estimates be further adjusted to account for HECO being 12 

riskier than the average electric utility? 13 

A. Yes.  The cost of equity estimates derived from the various comparable groups 14 

reflect the risk of the average electric utility.  To the extent that these estimates are 15 

drawn from a less risky group of companies, the expected equity return applicable 16 

to the riskier HECO is downward-biased.  In my judgment, a reasonable estimate 17 

of the risk differential is on the order of about 25 basis points and I have adjusted 18 

my recommendation slightly upward to 11.25% in order to account for HECO’s 19 

slightly higher relative risks, mainly due to its relatively small size and the 20 

presence of debt-equivalent purchased power obligations.   21 

Q. Please comment on HECO's financial risks. 22 

A. Financial risk stems from the method used by the firm to finance its investments 23 

and is reflected in its capital structure.  It refers to the additional variability 24 

imparted to income available to common shareholders by the employment of fixed 25 
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cost financing, that is, debt capital.  Although the use of fixed cost capital (debt 1 

and preferred stock) can offer financial advantages through the possibility of 2 

leverage of earnings, it creates additional risk due to the fixed contractual 3 

obligations associated with such capital.  Debt carries fixed charge burdens which 4 

must be supported by the company's earnings before any return can be made 5 

available to the common shareholder.  The greater the percentage of fixed charges 6 

in relation to the total income of the company, the greater the financial risk.   The 7 

use of fixed cost financing introduces additional variability into the pattern of net 8 

earnings over and above that already conferred by business risk.   9 

 Variations in operating earnings cause amplified variations in equity returns 10 

when debt financing is used.  The spread in equity returns is wider in the case of 11 

debt financing, and the greater the leverage, the greater the spread and the greater 12 

the cost of common equity. 13 

Q. Dr. Morin, how do purchased power contracts affect an electric utility’s financial 14 

risk profile?   15 

A. An electric utility with long-term purchased power contracts possesses higher 16 

financial risks than a utility without such contracts, all else remaining constant.  A 17 

company's obligations pursuant to long-term purchased power contracts are 18 

comparable to long-term debt and are treated as such by investors and bond rating 19 

agencies.  The same is true for leveraged lease arrangements.  In an article 20 

published in Standard and Poor’s The Global Sector Review, dated May 8, 2003, 21 

S&P updated its criteria for capital structure treatment of purchased power 22 

agreements (“PPA”), noting that industry changes warranted “recognition of a 23 

higher debt equivalent when capitalizing PPAs.”  S&P explained that this more 24 
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stringent treatment would be factored into its current policy of adjusting the 1 

debt/equity ratio of a company for debt equivalents: 2 

 The principal capital structure ratio analyzed is total debt to total debt plus 3 
equity.  However, analyzing debt leverage goes beyond the balance sheet 4 
and covers quasi-debt items and elements of hidden financial leverage.  5 
Non-capitalized leases, debt guarantees, receivables financing and 6 
purchased power contracts are all considered debt equivalents and are 7 
reflected as debt in calculating capital structure ratios.  8 

  The risk perceptions of the investment community and bond rating agencies 9 

are such that incremental long-term fixed obligations associated with acquiring 10 

energy through off-system purchases increase a utility’s financial risk.   Clearly, if 11 

a company’s purchased power contract obligations are converted to a debt 12 

equivalent, that company’s effective debt ratio increases, and so does its risk.  13 

Q. Does financial theory provide a reasonable and consistent method of adjusting for 14 

the increased risk and return associated with purchased power contracts? 15 

A. Yes, it does.  The cost of equity for a company with substantial purchased power 16 

contracts is higher because that company’s effective leverage is higher than 17 

otherwise would be the case.  It is a rudimentary tenet of basic finance that the 18 

greater the amount of financial risk borne by common shareholders, the greater 19 

the return required by shareholders in order to be compensated for the added 20 

financial risk imparted by the greater use of senior debt financing and/or debt 21 

equivalents.  In other words, the greater the effective debt ratio, the greater the 22 

return required by equity investors.   23 

  Several researchers have studied the empirical relationship between the cost 24 

of capital and effective capital-structure changes.  Comprehensive and rigorous 25 

empirical studies of the relationship between cost of capital and leverage for 26 
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public utilities are summarized in Morin, Regulatory Finance, Public Utilities 1 

Report, Inc., Arlington, VA, 1994, Chapter 17.   2 

  The results of empirical studies and theoretical studies indicate that equity 3 

costs increase from as little as 34 to as much as 237 basis points when the debt 4 

ratio increases by ten percentage points.  The average increase is 138 basis points 5 

from the theoretical studies and 76 basis points from the empirical studies, or a 6 

range of 7.6 to 13.8 basis points per one percentage point increase in the debt 7 

ratio.  The more recent studies indicate that the upper end of that range is more 8 

indicative of the effect on equity costs. 9 

Q. Can you provide a numerical example of the manner in which debt equivalents 10 

increase the cost of equity? 11 

A. Yes, I can.   Consider an electric utility with a capital structure consisting of 50% 12 

debt capital and 50% common equity capital without any debt equivalents, and 13 

whose cost of common equity has been determined to be 11%.  For illustrative 14 

purposes, let us assume that long-term purchased power contracts raise the 15 

company’s effective debt ratio from 50% to 55%, indicating a significant increase 16 

in financial risk.  An upward adjustment to the initial cost of common equity 17 

estimate of 11.0% would be required to reflect this additional risk.  Since the 18 

capital structure difference amounts to 5%, that is, 55% - 50% =  5%, the required 19 

upward adjustment to the cost of equity ranges from 7.6 to 13.8 basis points times 20 

5, which equals 38 to 69 basis points.  The midpoint of this range is about 55 basis 21 

points.  Therefore, in this particular example, the initial cost of equity of 11% 22 

would have to be adjusted upward by 55 basis points, raising the cost of equity 23 

from 11.00% to 11.55%, in order to reflect the weaker effective capital structure 24 

engendered by the purchased power contract debt equivalents. 25 
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Q. How does the inclusion of purchased power contracts affect HECO’s debt ratio? 1 

A. HECO’s 2009 estimated year-end capital structure consists of approximately 44% 2 

debt, unadjusted for purchased power contracts.  According to Standard & Poor’s 3 

debt equivalent calculations (see Company witness Sekimura’s testimony, HECO 4 

T-20, for details), the inclusion of HECO’s purchased power contracts as debt 5 

equivalent raises HECO’s debt ratio from about 44% to approximately 56%, a 6 

substantial increase that raises the Company’s financial risk.  7 

 Q. Dr. Morin, did you also consider HECO’s small size in arriving at your 8 

recommendation? 9 

 A. Yes, I did.  HECO possesses small revenue and asset bases, both in absolute 10 

terms and relative to other utilities.  Investment risk increases as company size 11 

diminishes, all else remaining constant.  The size phenomenon is well documented 12 

in the finance literature.  Small companies have very different returns than large 13 

ones and on average those returns have been higher.  The greater risk of small 14 

stocks does not fully account for their higher returns over many historical periods.  15 

The average small stock premium is well in excess of that of the average stock, 16 

more than could be expected by risk differences alone, suggesting that the cost of 17 

equity for small stocks is considerably larger than for large capitalization stocks.   18 

In addition to earning the highest average rates of return, small stocks also have 19 

the highest volatility, as measured by the standard deviation of returns.   20 

Q. What is your conclusion with respect to HECO’s overall investment risk? 21 

A. The net result of these distinctive risk factors is that HECO possesses slightly 22 

above average investment risk relative to U.S. electric utilities.  Therefore, I have 23 

adjusted the initial cost of equity of 11.0% based on the industry average upward 24 

by a conservative 25 basis points, raising the cost of equity from 11.0% to 25 
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11.25%.  This adjustment reflects the Company’s smaller size and weaker than 1 

average effective capital structure engendered by the debt-like purchased power 2 

contracts, somewhat offset by my assumption of the continuation of the 3 

Company’s current energy cost adjustment clause in the same manner as in the 4 

past, which I discuss further in my testimony. 5 

Q. Dr. Morin, what capital structure assumption underlies your recommended return 6 

on HECO’s common equity capital? 7 

A. My recommended return on common equity for HECO is predicated on the 8 

adoption of a test year capital structure consisting of approximately 54% common 9 

equity capital unadjusted for purchased power debt equivalents.   10 

Q. Dr. Morin, can you please comment on the impact of the Commission’s Energy 11 

Cost Adjustment Clause (“ECAC”) on the Company’s business risk and on your 12 

recommended return? 13 

A. Yes, certainly.  Because of the Company’s predominantly oil-based generating 14 

capacity, a dominant element of business risk peculiar to HECO is a significant 15 

reliance on fuel oil and the potential risks associated with variations in the price of 16 

oil.  Mitigating this aspect of HECO’s business risk is the Commission’s 17 

continuation of a favorable ECAC, decreasing the Company’s risk of not 18 

recovering its substantial fuel costs.    19 

  The ECAC serves to reimburse HECO for prudently-incurred energy costs 20 

in a manner that minimizes the negative financial effects caused by regulatory lag.  21 

Consideration of energy costs in a manner that lowers uncertainty and risk 22 

represents the mainstream position on this issue across the United States.  23 

Accordingly, the financial community relies on the presence of energy cost 24 

recovery mechanisms to protect investors from the variability of fuel and 25 
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purchased power costs that can have a substantial impact on the credit profile of a 1 

utility, even when prudently managed.  To illustrate, it is my understanding that 2 

bond rating agencies would place considerably more weight on the Company’s 3 

purchased power contracts as debt equivalents in the absence of ECAC, thus 4 

weakening the Company’s financial integrity.  The ECAC mitigates a portion of 5 

the risk and uncertainty related to the day-to-day management of a regulated 6 

utility’s operations.  Conversely, the absence of such protection is factored into 7 

the Company’s credit profile as a negative element which in turn raises its cost of 8 

capital, as discussed above.    9 

  The approval of energy cost recovery mechanisms by regulatory 10 

commissions is widespread in the utility business.  Approval of fuel adjustment 11 

clauses, purchased water adjustment clauses, and purchased gas adjustment 12 

clauses has become widespread.  All else remaining constant, such clauses reduce 13 

investment risk on an absolute basis and constitute sound regulatory policy. 14 

  I believe that in the absence of the Commission renewal of the ECAC 15 

requested by HECO in this proceeding, not only would HECO’s financial 16 

condition deteriorate, but its credit ratings would likely be under review for 17 

possible downgrade, its customers would be at risk of having to pay higher rates 18 

due to access to capital becoming more expensive for HECO, and my 19 

recommended return would be significantly higher.  This situation would have a 20 

substantial negative effect on HECO and its customers because of the magnitude 21 

of the energy cost component in its cost of service.  22 

  I encourage the Commission to maintain HECO’s ECAC, and I believe that 23 

approval of HECO’s request for continued approval of its ECAC is fair to HECO, 24 

its customers, and investors.   I believe that the ECAC deals with the cost of fuel 25 
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and purchased energy, as well as with the mix of resources, which can vary 1 

month-to-month and which can represent a considerable financial outlay, on a 2 

consistent basis, without need for recurring regulatory proceedings that are time-3 

consuming, costly, and, significantly, create uncertainty within the financial 4 

community. 5 

Q.     How does the Commission’s approval of the tracking mechanism in Interim 6 

Decision and Order No. 23749 in Docket No. 2006-0386 (HECO’s 2007 test year 7 

rate case) influence your recommendation? 8 

A.    In the 2007 rate case interim decision, the Company was granted interim approval 9 

to implement pension and postretirement benefits other than pensions (OPEB) 10 

tracking mechanisms.  My recommendation is based on approval of these tracking 11 

mechanisms in the Commission’s final decision, as it provides assurances that the 12 

Company’s pension and OPEB costs recovered through rates are based on the net 13 

periodic pension cost (NPPC) and net periodic pension benefit cost (NPBC), as 14 

reported for financial reporting purposes, the amounts contributed to the pension 15 

and OPEB trust funds are equal to actual NPPC and NPBC and are recoverable 16 

through rates, and clarifies the future treatment of any charges that would 17 

otherwise be recorded to equity.    18 

Q.     Dr. Morin, do you have any general comment on recently enacted regulatory 19 

policies?  20 

A.    Yes, I do.  It is important that any reward/penalty regulatory mechanism, such as the 21 

standards for achieving minimum alternative energy targets that are currently under 22 

consideration by the Commission, be symmetrical in its apportionment of gains and 23 

losses between shareholders and ratepayers.  While the preferred alternative is 24 

symmetry, if investors are to bear losses in failing to achieve alternative energy 25 
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resources targets but not reap any gains for exceeding such targets, the effect on the 1 

policy's lack of symmetry on investor returns must be considered.  Although I am 2 

not recommending such a premium at this time, a reasonable remedy is to add a risk 3 

premium that compensates investors for the limited upside returns/unlimited 4 

downside returns asymmetry versus comparable-risk companies, or at least err on 5 

the upper side of a ROE zone of reasonableness.  Assuming some plausible 6 

probability distribution of investor equity returns both with and without the 7 

reward/penalty mechanism, the added premium is required to offset the plan's lack 8 

of upside potential and produce the same average return that would prevail under 9 

orthodox regulation.  The “heads I win, tails you lose” effect on investor returns is 10 

discussed in Chapter 6 of my book The New Regulatory Finance. 11 

Q. Dr. Morin, what is your final conclusion regarding HECO's cost of common 12 

equity capital? 13 

A. Based on the results of all my analyses, the application of my professional 14 

judgment, and the risk circumstances of HECO, it is my opinion that a just and 15 

reasonable return on the common equity capital of HECO’s electric utility 16 

operations in the State of Hawaii at this time is 11.25%. 17 

Q. If capital market conditions change significantly between the date of filing your 18 

prepared testimony and the date oral testimony is presented, would this cause you 19 

to revise your estimated cost of equity? 20 

A. Yes.  Interest rates and security prices do change over time, and risk premiums 21 

change also, although much more sluggishly.  If substantial changes were to occur 22 

between the filing date and the time my oral testimony is presented, I will update 23 

my testimony accordingly. 24 

Q. Is there a relationship between financial risk and the authorized ROE? 25 
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A. There certainly is.  The strength of that relationship is amplified for smaller 1 

utilities like HECO.  A low authorized ROE increases the likelihood the utility 2 

will have to rely increasingly on debt financing for its capital needs.  This creates 3 

the specter of a spiraling cycle that further increases risks to both equity and debt 4 

investors; the resulting increase in financing costs is ultimately borne by the 5 

utility's customers through higher capital costs and rates of returns. 6 

Q. Is HECO's financial risk impacted by the authorized rate of return on equity? 7 

A. Yes, it is.  A low return on equity increases the likelihood that HECO will have to 8 

rely on debt financing for its capital needs.  As the Company relies more on debt 9 

financing, its capital structure becomes more leveraged.  Since debt payments are 10 

a fixed financial obligation to the utility, this decreases the operating income 11 

available for dividend growth.  Consequently, equity investors face greater 12 

uncertainty about the future dividend potential of the firm.  As a result, the 13 

company's equity becomes a riskier investment.  The risk of default on the 14 

Company's bonds also increases, making the utility's debt a riskier investment.   15 

This increases the cost to the utility from both debt and equity financing and 16 

increases the possibility the Company will not have access to the capital markets 17 

for its outside financing needs, or if so, at prohibitive costs. 18 

Q. Does this conclude your direct testimony? 19 

A. Yes, it does. 20 
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AGL Resources 

AT & T Communications 

Alagasco - Energen 

Alaska Anchorage Municipal Light & Power 

Alberta Power Ltd. 

Allete 

Ameren 

American Water Works Company 

Ameritech 

Arkansas Western Gas 

Baltimore Gas & Electric – Constellation Energy 

Bangor Hydro-Electric 

B.C. Telephone 

B C GAS 

Bell Canada 
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Central Telephone  
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Commonwealth Telephone Co. 
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First Energy 

Florida Water Association 
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Fortis 

Garmaise-Thomson & Assoc., Investment Consultants 
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General Public Utilities 
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Georgia Power Company 
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Minister of Natural Resources Province of Quebec 

Minnesota Power & Light 
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Mississippi Power Company 

Missouri Gas Energy 
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Pepco Holdings 
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        Alternative Regulatory Frameworks 
             Utility Directors’ Workshop 
             Shareholder Value Creation for Utilities 
                        Fundamentals of Utility Finance in a Restructured Environment    
  Contemporary Issues in Utility Finance 
 
    - Georgia State University College of Business, Management 
       Development Program, faculty member, 1981-1994. 
 
 
EXPERT TESTIMONY & UTILITY CONSULTING AREAS OF EXPERTISE 
  

 Corporate Finance 

Rate of Return 

 Capital Structure 

 Generic Cost of Capital 

 Costing Methodology 

 Depreciation 

 Flow-Through vs Normalization 

 Revenue Requirements Methodology 

 Utility Capital Expenditures Analysis 
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 Risk Analysis 

 Capital Allocation 

 Divisional Cost of Capital, Unbundling 

 Incentive Regulation & Alternative Regulatory Plans 

            Shareholder Value Creation 

 Value-Based Management 

REGULATORY BODIES 
�  
Alabama Public Service Commission 

Alaska Public Utility Commission 

Alberta Public Service Board 

Arizona Corporation Commission 

Arkansas Public Service Commission 

British Columbia Board of Public Utilities 

California Public Service Commission 

Canadian Radio-Television & Telecommunications Comm. 

Colorado Public Utilities Board 

Delaware Public Utility Commission 

District of Columbia Public Service Commission 

Federal Communications Commission 

Federal Energy Regulatory Commission 

Florida Public Service Commission 

Georgia Public Service Commission 

Georgia Senate Committee on Regulated Industries 

Hawaii Public Utilities Commission 

Illinois Commerce Commission 

Indiana Utility Regulatory Commission 

Iowa Board of Public Utilities 

Louisiana Public Service Commission 

Maine Public Service Commission 
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Manitoba Board of Public Utilities 

Michigan Public Service Commission 

Minnesota Public Utilities Commission 

Mississippi Public Service Commission 

Missouri Public Service Commission 

Montana Public Service Commission 

National Energy Board of Canada 

Nevada Public Service Commission 

New Brunswick Board of Public Commissioners 

New Hampshire Public Utility Commission 

New Jersey Board of Public Utilities 

New Mexico Public Regulatory Commission 

New York Public Service Commission 

Newfoundland Board of Commissioners of Public Utilities 

North Carolina Utilities Commission 

Ohio Public Utilities Commission 

Oklahoma State Board of Equalization 

Ontario Telephone Service Commission 

Ontario Energy Board 

Pennsylvania Public Service Commission 

Quebec Natural Gas Board 

Quebec Regie de l’Energie 

Quebec Telephone Service Commission 

South Carolina Public Service Commission 

Tennessee Regulatory Authority 

Texas Public Utility Commission 

Utah Public Service Commission 

Virginia Public Service Commission 

Washington Utilities & Transportation Commission 
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West Virginia Public Service Commission 

 

    SERVICE AS EXPERT WITNESS 
 
 
          Southern Bell, So. Carolina PSC, Docket #81-201C 

          Southern Bell, So. Carolina PSC, Docket #82-294C 

          Southern Bell, North Carolina PSC, Docket #P-55-816 

          Metropolitan Edison, Pennsylvania PUC, Docket #R-822249 

          Pennsylvania Electric, Pennsylvania PUC, Docket #R-822250 

          Georgia Power, Georgia PSC, Docket # 3270-U, 1981 

          Georgia Power, Georgia PSC, Docket # 3397-U, 1983 

          Georgia Power, Georgia PSC, Docket # 3673-U, 1987 

          Georgia Power, F.E.R.C., Docket # ER 80-326, 80-327 

          Georgia Power, F.E.R.C., Docket # ER 81-730, 80-731 

          Georgia Power, F.E.R.C., Docket # ER 85-730, 85-731 

          Bell Canada, CRTC 1987 

          Northern Telephone, Ontario PSC 

          GTE-Quebec Telephone, Quebec PSC, Docket 84-052B 

          Newtel., Nfld. Brd of Public Commission PU 11-87 

          CN-CP Telecommunications, CRTC 

          Quebec Northern Telephone, Quebec PSC 

          Edmonton Power Company, Alberta Public Service Board 

          Kansas Power & Light, F.E.R.C., Docket # ER 83-418 

          NYNEX, FCC generic cost of capital Docket #84-800 

          Bell South, FCC generic cost of capital Docket #84-800 

          American Water Works - Tennessee, Docket #7226 

          Burlington-Northern - Oklahoma State Board of Taxes 

          Georgia Power, Georgia PSC, Docket # 3549-U 

          GTE Service Corp., FCC Docket #84-200 

          Mississippi Power Co., Miss. PSC, Docket U-4761 
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          Citizens Utilities, Ariz. Corp. Comm., D #  U2334-86020 

          Quebec Telephone, Quebec PSC, 1986, 1987, 1992 

          Newfoundland L & P, Nfld. Brd. Publ Comm. 1987, 1991 

          Northwestern Bell, Minnesota PSC,  #P-421/CI-86-354 

          GTE Service Corp., FCC Docket #87-463 

          Anchorage Municipal Power & Light, Alaska PUC, 1988 

          New Brunswick Telephone, N.B. PUC, 1988 

          Trans-Quebec Maritime, Nat'l Energy Brd. of Cda, '88-92 

          Gulf Power Co., Florida PSC, Docket #88-1167-EI 

          Mountain States Bell, Montana PSC, #88-1.2 

          Mountain States Bell, Arizona CC, #E-1051-88-146 

          Georgia Power, Georgia PSC, Docket # 3840-U, l989 

          Rochester Telephone, New York PSC, Docket # 89-C-022 

          Noverco - Gaz Metro, Quebec Natural Gas PSC, #R-3164-89 

          GTE Northwest, Washington UTC, #U-89-3031 

          Orange & Rockland, New York PSC, Case 89-E-175 

          Central Illinois Light Company, ICC, Case 90-0127 

          Peoples Natural Gas, Pennsylvania PSC, Case  

          Gulf Power, Florida PSC, Case # 891345-EI  

          ICG Utilities, Manitoba BPU, Case 1989 

          New Tel Enterprises, CRTC, Docket #90-15 

          Peoples Gas Systems, Florida PSC 

          Jersey Central Pwr & Light, N.J. PUB, Case ER 89110912J 

          Alabama Gas Co., Alabama PSC, Case 890001 

          Trans-Quebec Maritime Pipeline, Cdn. Nat'l Energy Board 

          Mountain Bell, Utah PSC, 

          Mountain Bell, Colorado PUB 

          South Central Bell, Louisiana PS 

          Hope Gas, West Virginia PSC 
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          Vermont Gas Systems, Vermont PSC 

          Alberta Power Ltd., Alberta PUB 

          Ohio Utilities Company, Ohio PSC 

          Georgia Power Company, Georgia PSC  

          Sun City Water Company 

          Havasu Water Inc.  

          Centra Gas (Manitoba) Co. 

          Central Telephone Co. Nevada  

          AGT Ltd., CRTC 1992 

          BC GAS, BCPUB 1992 

          California Water Association, California PUC 1992 

          Maritime Telephone 1993 

          BCE Enterprises, Bell Canada, 1993 

          Citizens Utilities Arizona gas division 1993 

          PSI Resources 1993-5 

          CILCORP gas division 1994 

          GTE Northwest Oregon 1993 

          Stentor Group 1994-5 

          Bell Canada 1994-1995  

          PSI Energy 1993, 1994, 1995, 1999 

          Cincinnati Gas & Electric 1994, 1996, 1999, 2004 

          Southern States Utilities, 1995 

          CILCO 1995, 1999, 2001 

          Commonwealth Telephone 1996 

          Edison International 1996, 1998 

          Citizens Utilities 1997  

          Stentor Companies 1997 

          Hydro-Quebec 1998 

          Entergy Gulf States Louisiana 1998, 1999, 2001, 2002, 2003 
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          Detroit Edison, 1999, 2003 

          Entergy Gulf States, Texas, 2000, 2004 

          Hydro Quebec TransEnergie, 2001, 2004 

          Sierra Pacific Company, 2000, 2001, 2002, 2007 

          Nevada Power Company, 2001 

          Mid American Energy, 2001, 2002 

          Entergy Louisiana Inc. 2001, 2002, 2004 

          Mississippi Power Company, 2001, 2002, 2007 

          Oklahoma Gas & Electric Company, 2002 -2003 

Public Service Electric & Gas, 2001, 2002 

NUI Corp (Elizabethtown Gas Company), 2002 

Jersey Central Power & Light, 2002 

San Diego Gas & Electric, 2002 

New Brunswick Power, 2002 

Entergy New Orleans, 2002 

 Hydro-Quebec Distribution 2002 

 PSI Energy 2003 

 Fortis – Newfoundland Power & Light 2002 

 Emera – Nova Scotia Power 2004 

 Hydro-Quebec TransEnergie 2004 

 Hawaiian Electric 2004 

 Missouri Gas Energy 2004 

 AGL Resources 2004 

 Arkansas Western Gas 2004 

 Public Service of New Hampshire 2005 

 Hawaiian Electric Company 2005 

 Delmarva Power & Light Company 2005 

 Union Heat Power & Light 2005 

 Puget Sound Electric Co 2006 
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 Cascade Natural Gas 2006 

 Entergy Arkansas 2006-7 

 Bangor Hydro 2006-7 

 Delmarva 2006-7 

 Potomac Electric Power Co. 2006, 2007 

 Detroit Edison Co. 2007 

 Nevada Power Co. 2007 

 Hawaiian Electric Co. 2006-7 

 Hawaii Electric Light Co. 2007 

 Maui Electric Co. 2007 

 Ameren Union Electric 2008 

 Consolidated Edison of New York 2007-2008 

 Orange & Rockland 2007 

 Niagara Mohawk Power Corp 2008 

 Allete (Minnesota Power) 2007-2008 

 Sierra Pacific Power 2007-2008 

PROFESSIONAL AND LEARNED SOCIETIES 
 
 
          - Engineering Institute of Canada, 1967-1972 

          - Canada Council Award, recipient 1971 and 1972 

          - Canadian Association Administrative Sciences, 1973-80 

          - American Association of Decision Sciences, 1974-1978 

          - American Finance Association, 1975-2002 

          - Financial Management Association, 1978-2002 
 
 
ACTIVITIES IN PROFESSIONAL ASSOCIATIONS AND MEETINGS 
 
 
   - Chairman of meeting on "New Developments in Utility Cost of 
     Capital", Southern Finance Association, Atlanta, Nov. 1982 
 
   - Chairman of meeting on "Public Utility Rate of Return", 
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     Southeastern Public Utility Conference, Atlanta, Oct. 1982 
 
   - Chairman of meeting on "Current Issues in Regulatory 
     Finance", Financial Management Association, Atlanta, 
     Oct. 1983 
   
   - Chairman of meeting on "Utility Cost of Capital", Financial  
     Management Association, Toronto, Canada, Oct. 1984. 
 
   - Committee on New Product Development, FMA, 1985  
 
   - Discussant, "Tobin's Q Ratio", paper presented at Financial 
     Management Association, New York, N.Y., Oct. 1986 
 
   - Guest speaker, "Utility Capital Structure: New 
     Developments", National Society of Rate of Return 
     Analysts 18th Financial Forum, Wash., D.C. Oct. 1986 
 
   - Opening address, "Capital Expenditures Analysis: Methodology 
     vs Mythology," Bellcore Economic Analysis Conference, Naples 
     Fla., 1988. 
 

 - Guest speaker, "Mythodology in Regulatory Finance",  
      Society of Utility Rate of Return Analysts (SURFA), Annual Conference, 
      Wash., D.C. February 2007. 
 
 
PAPERS PRESENTED:  
 

 
"An Empirical Study of Multi-Period Asset Pricing," annual meeting of Financial 
Management Assoc., Las Vegas Nevada, 1987. 
 
 
"Utility Capital Expenditures Analysis: Net Present Value vs Revenue Requirements", 
annual meeting of Financial Management Assoc., Denver, Colorado, October 1985. 
 
 
"Intervention Analysis and the Dynamics of Market Efficiency", annual meeting of 
Financial Management Assoc., San  Francisco, Oct. 1982 
 
 
"Intertemporal Market-Line Theory: An Empirical Study,"  annual meeting of Eastern 
Finance Assoc., Newport, R.I. 1981 
 
 
"Option Writing for Financial Institutions: A Cost-Benefit   Analysis", 1979 annual 
meeting Financial Research Foundation 
 
"Free-lunch on the Toronto Stock Exchange", annual meeting of Financial Research 
Foundation of Canada, l978.  
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"Simulation System Computer Software SIMFIN", HP International Business Computer 
Users Group, London, 1975. 
 
 
"Inflation Accounting: Implications for Financial Analysis."  Institute of Certified Public 
Accountants Symposium, 1979. 
 

 
OFFICES IN PROFESSIONAL ASSOCIATIONS 

 
 
- President, International Hewlett-Packard Business 
  Computers Users Group, 1977 
  
 
- Chairman Program Committee, International HP Business 
  Computers Users Group, London, England, 1975 
 
 
- Program Coordinator, Canadian Assoc. of Administrative  
  Sciences, 1976 
 
 
- Member, New Product Development Committee, Financial 
  Management Association, 1985-1986 
 
 
- Reviewer:  Journal of Financial Research 
                               
                    Financial Management 
    
                    Financial Review 
       
                    Journal of Finance 

 
 

PUBLICATIONS 
 
 
"Risk Aversion Revisited", Journal of Finance, Sept. 1983 
 
 
"Hedging Regulatory Lag with Financial Futures," Journal of Finance, May 1983. (with 
G. Gay, R. Kolb) 
 
 
"The Effect of CWIP on Cost of Capital," Public Utilities Fortnightly, July 1986. 
 
 
"The Effect of CWIP on Revenue Requirements" Public Utilities Fortnightly, August 
1986. 
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"Intervention Analysis and the Dynamics of Market Efficiency," Time-Series 
Applications, New York: North Holland, 1983.  (with K. El-Sheshai) 
 
 
"Market-Line Theory and the Canadian Equity Market," Journal of Business 
Administration, Jan. l982, M. Brennan, editor 
 

 
"Efficiency of Canadian Equity Markets," International Management Review, Feb. 1978. 
 
 
"Intertemporal Market-Line Theory: An Empirical Test," Financial Review, Proceedings 
of the Eastern Finance Association, 1981. 
 
 

 
 
 
BOOKS 

 
 
Utilities' Cost of Capital, Public Utilities Reports Inc., Arlington, Va., 1984.  
 
 
Regulatory Finance, Public Utilities Reports Inc., Arlington, Va., 2004 
 
 
Driving Shareholder Value, McGraw-Hill, January 2001. 
 
 
The New Regulatory Finance, Public Utilities Reports Inc., Arlington, Va., 2006. 
 

 
MONOGRAPHS 

 
 
Determining Cost of Capital for Regulated Industries, Public Utilities Reports, Inc., and 
The Management Exchange Inc., 1982 - 1993. (with V.L. Andrews) 
 
 
Alternative Regulatory Frameworks, Public Utilities 
Reports, Inc., and The Management Exchange Inc., 1993.   (with V.L. Andrews) 
 
 
Risk and Return in Capital Projects, The Management Exchange Inc., 1980.  (with B. 
Deschamps) 
 
 
Utility Capital Expenditure Analysis, The Management Exchange Inc., 1983. 
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Regulation of Cable Television: An Econometric Planning Model, Quebec Department of 
Communications, 1978. 
 
 
“An Economic & Financial Profile of the Canadian Cablevision Industry,” Canadian 
Radio-Television & Telecommunication Commission (CRTC), 1978. 
 
 
Computer Users' Manual: Finance and Investment Programs, University of Montreal 
Press, 1974, revised 1978. 
 
 
Fiber Optics Communications: Economic Characteristics, Quebec Department of 
Communications, 1978. 
 
 
"Canadian Equity Market Inefficiencies", Capital Market Research Memorandum, 
Garmaise & Thomson Investment Consultants, 1979. 
 
 

MISCELLANEOUS CONSULTING REPORTS 
  
 
“Operational Risk Analysis: California Water Utilities,” Calif. Water Association, 1993. 
 
 
"Cost of Capital Methodologies for Independent Telephone Systems", Ontario Telephone 
Service Commission, March 1989. 
 
 
"The Effect of CWIP on Cost of Capital and Revenue Requirements", Georgia Power 
Company, 1985. 
 
 
"Costing Methodology and the Effect of Alternate Depreciation and  Costing Methods on 
Revenue Requirements and Utility Finances", Gaz Metropolitan Inc., 1985. 
 
 
"Simulated Capital Structure of CN-CP Telecommunications: A Critique", CRTC, 1977. 
 
 
"Telecommunications Cost Inquiry: Critique,” CRTC,1977. 
 
 
"Social Rate of Discount in the Public Sector", CRTC Policy Statement, 1974. 
 
 
"Technical Problems in Capital Projects Analysis", CRTC Policy Statement, 1974. 
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RESEARCH GRANTS 
 
 
"Econometric Planning Model of the Cablevision Industry",  International Institute of 
Quantitative Economics, CRTC. 
 
 
"Application of the Averch-Johnson Model to Telecommunications Utilities", Canadian 
Radio-Television Commission. (CRTC) 
 
 
"Economics of the Fiber Optics Industry", Quebec Dept. of Communications. 
 
 
"Intervention Analysis and the Dynamics of Market Efficiency", Georgia State Univ. 
College of Business, 1981. 
 
 
"Firm Size and Beta Stability", Georgia State University College of Business, 1982. 
 
 
"Risk Aversion and the Demand for Risky Assets", Georgia State University College of 
Business, 1981. 
 
 
Chase Econometrics, Interactive Data Corp., Research Grant, $50,000 per annum, 1986-
1989. 
 



(1) (2)

Line No. Company Name Beta

1 ALLETE 0.95
2 Alliant Energy 0.80
3 Amer. Elec. Power 0.85
4 Ameren Corp. 0.80
5 Cleco Corp. 1.00
6 CMS Energy Corp. 1.15
7 DPL Inc. 0.75
8 DTE Energy 0.75
9 Edison Int'l 0.85
10 Empire Dist. Elec. 0.85
11 Energy East Corp. 0.75
12 Entergy Corp. 0.85
13 FPL Group 0.75
14 Hawaiian Elec. 0.70
15 IDACORP Inc. 0.90
16 MGE Energy 0.90
17 Northeast Utilities 0.75
18 PG&E Corp. 0.80
19 Pinnacle West Capital 0.80
20 PNM Resources 0.85
21 Portland General 0.85
22 Progress Energy 0.80
23 Puget Energy Inc. 0.80
24 Southern Co. 0.70
25 TECO Energy 0.85
26 UniSource Energy 0.60
27 Westar Energy 0.85
28 Wisconsin Energy 0.80
29 Xcel Energy Inc. 0.75

31 AVERAGE 0.82

Source: VLIA 05/2008

Integrated Electric Utilities Beta Estimates
S&P Electric Utilities
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              Moody's Electric Utilities

(1) (2)

Line No. Company Name Beta

1 Amer. Elec. Power 0.85
2 CH Energy Group 0.90
3 Consol. Edison 0.75
4 Constellation Energy 0.90
5 DPL Inc. 0.75
6 DTE Energy 0.75
7 Dominion Resources 0.75
8 Duke Energy
9 Energy East Corp. 0.75

10 Exelon Corp. 0.85
11 FirstEnergy Corp. 0.80
12 IDACORP Inc. 0.90
13 NiSource Inc. 0.90
14 OGE Energy 0.80
15 PPL Corp. 0.90
16 Progress Energy 0.80
17 Public Serv. Enterprise 0.90
18 Southern Co. 0.70
19 TECO Energy 0.85
20 Xcel Energy Inc. 0.75

22 AVERAGE 0.82

Source: VLIA  05/2008

Integrated Electric Utilities Beta Estimates
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(1) (2) (3) (4)

Earnings Dividend Book Value
Line Growth Growth Growth
No. Company Name 5-Year 5-Year 5-Year

1 ALLETE
2 Allegheny Energy 23.5 -6.5
3 Alliant Energy 3.0 -10.5 0.5
4 Amer. Elec. Power 3.0 -9.0
5 Ameren Corp. -1.5 5.5
6 Aquila Inc. -26.0
7 Avista Corp. -3.0 3.5 2.0
8 Black Hills -3.0 3.5 7.0
9 CH Energy Group -0.5 1.5

10 CMS Energy Corp. 24.0 -6.5
11 Cen. Vermont Pub. Serv. -2.5 1.0 2.0
12 CenterPoint Energy -5.5 -15.5 -18.5
13 Cleco Corp. -2.0 0.5 7.0
14 Consol. Edison 0.5 1.0 3.0
15 Constellation Energy 9.0 1.0 4.5
16 DPL Inc. -1.0 1.0 2.5
17 DTE Energy -1.0 3.0
18 Dominion Resources 3.0 1.5 1.5
19 Duke Energy
20 Edison Int'l 17.5
21 El Paso Electric 4.5 8.0
22 Empire Dist. Elec. 2.0 2.0
23 Energy East Corp. -3.0 5.0 6.0
24 Entergy Corp. 9.5 12.5 3.0
25 Evergreen Energy Inc
26 Exelon Corp. 12.5 23.0 4.0
27 FPL Group 6.5 6.5 7.5
28 FirstEnergy Corp. 3.5 4.0 4.5
29 Florida Public Utilities 4.0 3.0 9.0
30 G't Plains Energy 4.5
31 Hawaiian Elec. -3.0 2.0
32 IDACORP Inc. -7.0 -8.5 2.5
33 Integrys Energy 5.0 2.5 10.5
34 MDU Resources 14.0 5.5 11.5

Electric Utilities Historical Growth Rates
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(1) (2) (3) (4)

Earnings Dividend Book Value
Line Growth Growth Growth
No. Company Name 5-Year 5-Year 5-Year

35 MGE Energy 3.5 1.0 7.5
36 Maine & Maritimes Corp -29.0 -28.5 -0.5
37 NSTAR 3.5 3.5 4.0
38 NiSource Inc. -5.5 -2.5 2.0
39 NorthWestern Corp
40 Northeast Utilities 8.5 10.0 2.5
41 OGE Energy 8.5 5.5
42 Otter Tail Corp. 0.5 2.0 7.5
43 PG&E Corp. 16.5
44 PNM Resources -5.0 9.5 5.0
45 PPL Corp. 6.5 13.0 15.0
46 Pepco Holdings -5.0 0.5
47 Pinnacle West Capital -2.5 5.5 3.5
48 Portland General
49 Progress Energy -4.5 2.5 3.0
50 Public Serv. Enterprise 1.5 1.0 6.5
51 Puget Energy Inc. -1.0 -9.5 2.5
52 SCANA Corp. 4.0 6.5 4.0
53 Sempra Energy 10.0 3.5 16.5
54 Sierra Pacific Res. -5.5
55 Southern Co. 3.5 2.5 3.0
56 TECO Energy -11.0 -11.0 -9.0
57 U.S. Energy Sys Inc -6.5
58 UIL Holdings -6.0 -1.0
59 UNITIL Corp. 1.0 1.5
60 UniSource Energy 3.0 15.5 8.5
61 Vectren Corp. 5.5 3.5 4.5
62 Westar Energy 32.0 -5.0 -4.5
63 Wisconsin Energy 9.0 -1.0 7.0
64 Xcel Energy Inc. -2.0 -8.5 -1.5

66 AVERAGE 2.3 1.1 3.0

Source: Value Line Investment Analyzer 05/2008

Electric Utilities Historical Growth Rates
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                   Investment - Grade Integrated Electric
               DCF Analysis: Value Line Growth Projections

(2) (3)

Current Projected
Dividend EPS

Line No. Company Name Yield Growth

1 ALLETE 4.1 2.5
2 Alliant Energy 3.7 6.0
3 Amer. Elec. Power 3.8 6.0
4 Ameren Corp. 5.5 3.5
5 Cleco Corp. 3.7 7.5
6 CMS Energy Corp. 2.7 11.0
7 DPL Inc. 3.9 11.0
8 DTE Energy 5.1 4.5
9 Edison Int'l 2.4 5.0
10 Empire Dist. Elec. 6.0 10.0
11 Energy East Corp. 5.3 0.5
12 Entergy Corp. 2.6 8.0
13 FPL Group 2.6 9.5
14 Hawaiian Elec. 4.9 5.0
15 IDACORP Inc. 3.7 3.0
16 MGE Energy 4.0 5.5
17 Northeast Utilities 3.1 15.0
18 PG&E Corp. 4.0 5.0
19 Pinnacle West Capital 6.1 1.5
20 PNM Resources 6.1 -2.0
21 Portland General 4.1 7.0
22 Progress Energy 5.8 3.5
23 Puget Energy Inc. 3.6 5.0
24 Southern Co. 4.6 5.5
25 TECO Energy 4.9 4.0
26 UniSource Energy 3.0 3.5
27 Westar Energy 4.9 2.0
28 Wisconsin Energy 2.4 9.0
29 Xcel Energy Inc. 4.5 7.5

30 Notes:
31   Column 2, 3: Value Line Investment Analyzer, 05/2008

(1)
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                   Investment - Grade Integrated Electric
               DCF Analysis: Value Line Growth Projections

(1) (2) (3) (4) (5) (6)

Current Projected % Expected 
Line Dividend EPS Divid Cost of
No. Company Name Yield Growth Yield Equity ROE

1 ALLETE 4.1 2.5 4.2 6.7 6.9
2 Alliant Energy 3.7 6.0 3.9 9.9 10.1
3 Amer. Elec. Power 3.8 6.0 4.0 10.0 10.2
4 Ameren Corp. 5.5 3.5 5.7 9.2 9.5
5 Cleco Corp. 3.7 7.5 4.0 11.5 11.7
6 CMS Energy Corp. 2.7 11.0 3.0 14.0 14.1
7 DPL Inc. 3.9 11.0 4.3 15.3 15.6
8 DTE Energy 5.1 4.5 5.3 9.8 10.1
9 Edison Int'l 2.4 5.0 2.5 7.5 7.6
10 Empire Dist. Elec. 6.0 10.0 6.6 16.6 17.0
11 Energy East Corp. 5.3 0.5 5.3 5.8 6.1
12 Entergy Corp. 2.6 8.0 2.8 10.8 11.0
13 FPL Group 2.6 9.5 2.9 12.4 12.5
14 Hawaiian Elec. 4.9 5.0 5.1 10.1 10.4
15 IDACORP Inc. 3.7 3.0 3.8 6.8 7.0
16 MGE Energy 4.0 5.5 4.2 9.7 9.9
17 Northeast Utilities 3.1 15.0 3.5 18.5 18.7
18 PG&E Corp. 4.0 5.0 4.2 9.2 9.4
19 Pinnacle West Capital 6.1 1.5 6.2 7.7 8.0
20 Portland General 4.1 7.0 4.4 11.4 11.6
21 Progress Energy 5.8 3.5 6.0 9.5 9.8
22 Puget Energy Inc. 3.6 5.0 3.8 8.8 9.0
23 Southern Co. 4.6 5.5 4.8 10.3 10.6
24 TECO Energy 4.9 4.0 5.1 9.1 9.4
25 UniSource Energy 3.0 3.5 3.1 6.6 6.8
26 Westar Energy 4.9 2.0 5.0 7.0 7.2
27 Wisconsin Energy 2.4 9.0 2.6 11.6 11.7
28 Xcel Energy Inc. 4.5 7.5 4.8 12.3 12.6

30 AVERAGE 4.1 6.0 4.3 10.3 10.5

31 Notes:
  Column 1, 2, 3: Value Line Investment Analyzer, 05/2008
  Column 4 = Column 2 times (1 + Column 3/100)
  Column 5 = Column 4 +  Column 3
  Column 6 = (Column 4 /0.95) +  Column 3
  PNM Resources eliminated: negative growth projection.
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      Integrated Electric Utilities
DCF Analysis: Analysts' Growth Forecasts

(2) (3)
Current Analysts'

Dividend Growth
Line No. Company Name Yield Forecast

1 ALLETE 4.1 5.0
2 Alliant Energy 3.7 7.0
3 Amer. Elec. Power 3.8 5.4
4 Ameren Corp. 5.5 5.0
5 Cleco Corp. 3.7 9.5
6 CMS Energy Corp. 2.7 10.5
7 DPL Inc. 3.9 8.0
8 DTE Energy 5.1 6.3
9 Edison Int'l 2.4 8.3

10 Empire Dist. Elec. 6.0
11 Energy East Corp. 5.3
12 Entergy Corp. 2.6 13.3
13 FPL Group 2.6 10.1
14 Hawaiian Elec. 4.9 4.2
15 IDACORP Inc. 3.7 6.0
16 MGE Energy 4.0
17 Northeast Utilities 3.1 10.0
18 PG&E Corp. 4.0 7.8
19 Pinnacle West Capital 6.1 6.7
20 PNM Resources 6.1 8.5
21 Portland General 4.1 7.0
22 Progress Energy 5.8 4.6
23 Puget Energy Inc. 3.6 6.0
24 Southern Co. 4.6 4.7
25 TECO Energy 4.9 7.3
26 UniSource Energy 3.0
27 Westar Energy 4.9 5.0
28 Wisconsin Energy 2.4 9.6
29 Xcel Energy Inc. 4.5 5.4

31 Notes:
  Column 1, 2: Value Line Investment Analyzer, 05/2008
  Column 3: Zacks long-term earnings growth forecast, 05/2008

(1)
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(1) (2) (3) (4) (5) (6)
Current Analysts' % Expected 

Line Dividend Growth Divid Cost of
No. Company Name Yield Forecast Yield Equity ROE

1 ALLETE 4.1 5.0 4.3 9.3 9.5
2 Alliant Energy 3.7 7.0 3.9 10.9 11.1
3 Amer. Elec. Power 3.8 5.4 4.0 9.4 9.6
4 Ameren Corp. 5.5 5.0 5.8 10.8 11.1
5 Cleco Corp. 3.7 9.5 4.0 13.5 13.8
6 CMS Energy Corp. 2.7 10.5 3.0 13.5 13.6
7 DPL Inc. 3.9 8.0 4.2 12.2 12.4
8 DTE Energy 5.1 6.3 5.4 11.8 12.0
9 Edison Int'l 2.4 8.3 2.6 10.8 11.0

10 Entergy Corp. 2.6 13.3 3.0 16.2 16.4
11 FPL Group 2.6 10.1 2.9 13.0 13.2
12 Hawaiian Elec. 4.9 4.2 5.1 9.3 9.5
13 IDACORP Inc. 3.7 6.0 3.9 9.9 10.1
14 Northeast Utilities 3.1 10.0 3.4 13.4 13.5
15 PG&E Corp. 4.0 7.8 4.3 12.0 12.2
16 Pinnacle West Capital 6.1 6.7 6.5 13.2 13.5
17 PNM Resources 6.1 8.5 6.6 15.1 15.5
18 Portland General 4.1 7.0 4.4 11.4 11.6
19 Progress Energy 5.8 4.6 6.0 10.6 10.9
20 Puget Energy Inc. 3.6 6.0 3.8 9.8 10.0
21 Southern Co. 4.6 4.7 4.8 9.5 9.7
22 TECO Energy 4.9 7.3 5.2 12.6 12.9
23 Westar Energy 4.9 5.0 5.1 10.1 10.4
24 Wisconsin Energy 2.4 9.6 2.6 12.2 12.3
25 Xcel Energy Inc. 4.5 5.4 4.8 10.2 10.4

27 AVERAGE 4.1 7.2 4.4 11.6 11.9

Notes:
  Column 1, 2: Value Line Investment Analyzer, 05/2008
  Column 3: Zacks long-term earnings growth forecast, 05/2008
  Column 4 = Column 2 times (1 + Column 3/100)
  Column 5 = Column 4 +  Column 3
  Column 6 = (Column 4 /0.95) +  Column 3

  Note: No growth forecast available for Empire Distric,
            Energy East, MGE Energy, Unisourcr

      Integrated Electric Utilities
DCF Analysis: Analysts' Growth Forecasts

HECO-1905 
DOCKET NO. 2008-0083 
PAGE 2 OF 2



(2) (3)

Current Projected
Dividend EPS

Line No. Company Name Yield Growth

1 Amer. Elec. Power 3.8 6.0
2 CH Energy Group 5.9 1.5
3 Consol. Edison 5.5 4.5
4 Constellation Energy 2.3 13.5
5 DPL Inc. 3.9 11.0
6 DTE Energy 5.1 4.5
7 Dominion Resources 3.8 9.5
8 Duke Energy 4.9
9 Energy East Corp. 5.3 0.5

10 Exelon Corp. 2.3 9.0
11 FirstEnergy Corp. 2.9 8.5
12 IDACORP Inc. 3.7 3.0
13 NiSource Inc. 5.0 5.0
14 OGE Energy 4.2 4.5
15 PPL Corp. 2.8 14.0
16 Progress Energy 5.8 3.5
17 Public Serv. Enterprise 2.9 10.5
18 Southern Co. 4.6 5.5
19 TECO Energy 4.9 4.0
20 Xcel Energy Inc. 4.5 7.5

Notes:
  Column 1, 2, 3: Value Line Investment Analyzer, 05/2008
   No growth forecast available for Duke Energy

(1)

Moody's Electric Utilities
DCF Analysis: Value Line Growth Projections
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(1) (2) (3) (4) (5) (6)

Current Projected % Expected 
Dividend EPS Divid Cost of

Line No. Company Name Yield Growth Yield Equity ROE

1 Amer. Elec. Power 3.8 6.0 4.0 10.0 10.2
2 CH Energy Group 5.9 1.5 6.0 7.5 7.8
3 Consol. Edison 5.5 4.5 5.8 10.3 10.6
4 Constellation Energy 2.3 13.5 2.6 16.1 16.2
5 DPL Inc. 3.9 11.0 4.3 15.3 15.6
6 DTE Energy 5.1 4.5 5.3 9.8 10.1
7 Dominion Resources 3.8 9.5 4.1 13.6 13.8
8 Energy East Corp. 5.3 0.5 5.3 5.8 6.1
9 Exelon Corp. 2.3 9.0 2.5 11.5 11.7

10 FirstEnergy Corp. 2.9 8.5 3.2 11.7 11.8
11 IDACORP Inc. 3.7 3.0 3.8 6.8 7.0
12 NiSource Inc. 5.0 5.0 5.3 10.3 10.5
13 OGE Energy 4.2 4.5 4.4 8.9 9.2
14 PPL Corp. 2.8 14.0 3.2 17.2 17.3
15 Progress Energy 5.8 3.5 6.0 9.5 9.8
16 Public Serv. Enterprise 2.9 10.5 3.2 13.7 13.9
17 Southern Co. 4.6 5.5 4.8 10.3 10.6
18 TECO Energy 4.9 4.0 5.1 9.1 9.4
19 Xcel Energy Inc. 4.5 7.5 4.8 12.3 12.6

21 AVERAGE 4.2 6.6 4.4 11.0 11.3

Notes:
  Column 1, 2, 3: Value Line Investment Analyzer, 05/2008
  Column 4 = Column 2 times (1 + Column 3/100)
  Column 5 = Column 4 +  Column 3
  Column 6 = (Column 4 /0.95) +  Column 3
  No Value Line growth forecasts available for Duke Energy

DCF Analysis: Value Line Growth Projections
Moody's Electric Utilities
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(2) (3)

Current Analysts'
Dividend Growth

Line No. Company Name Yield Forecast

1 Amer. Elec. Power 3.8 5.4
2 CH Energy Group 5.9
3 Consol. Edison 5.5 3.2
4 Constellation Energy 2.3 18.0
5 DPL Inc. 3.9 8.0
6 DTE Energy 5.1 6.3
7 Dominion Resources 3.8 10.3
8 Duke Energy 4.9 5.8
9 Energy East Corp. 5.3

10 Exelon Corp. 2.3 11.5
11 FirstEnergy Corp. 2.9 6.5
12 IDACORP Inc. 3.7 6.0
13 NiSource Inc. 5.0 3.0
14 OGE Energy 4.2 4.0
15 PPL Corp. 2.8 16.3
16 Progress Energy 5.8 4.6
17 Public Serv. Enterprise 2.9 14.3
18 Southern Co. 4.6 4.7
19 TECO Energy 4.9 7.3
20 Xcel Energy Inc. 4.5 5.4

Notes:
  Column 1, 2: Value Line Investment Analyzer, 5/2008
  Column 3: Zacks long-term earnings growth forecast, 5/2008
   No growth forecast available for CH E Energy, Energy East

(1)

      Moody's Electric Utilities
DCF Analysis: Analysts' Growth Forecasts
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(1) (2) (3) (4) (5) (6)

Current Analysts' % Expected 
Dividend Growth Divid Cost of

Line No Company Name Yield Forecast Yield Equity ROE

1 Amer. Elec. Power 3.8 5.4 4.0 9.4 9.6
2 Consol. Edison 5.5 3.2 5.7 8.9 9.2
3 Constellation Energy 2.3 18.0 2.7 20.7 20.9
4 DPL Inc. 3.9 8.0 4.2 12.2 12.4
5 DTE Energy 5.1 6.3 5.4 11.8 12.0
6 Dominion Resources 3.8 10.3 4.2 14.5 14.7
7 Duke Energy 4.9 5.8 5.2 11.0 11.3
8 Exelon Corp. 2.3 11.5 2.6 14.1 14.2
9 FirstEnergy Corp. 2.9 6.5 3.1 9.6 9.8

10 IDACORP Inc. 3.7 6.0 3.9 9.9 10.1
11 NiSource Inc. 5.0 3.0 5.2 8.2 8.4
12 OGE Energy 4.2 4.0 4.4 8.4 8.6
13 PPL Corp. 2.8 16.3 3.2 19.5 19.6
14 Progress Energy 5.8 4.6 6.0 10.6 10.9
15 Public Serv. Enterprise 2.9 14.3 3.3 17.7 17.8
16 Southern Co. 4.6 4.7 4.8 9.5 9.7
17 TECO Energy 4.9 7.3 5.2 12.6 12.9
18 Xcel Energy Inc. 4.5 5.4 4.8 10.2 10.4

20 AVERAGE 4.0 7.8 4.3 12.1 12.4

22 Median 11.1

Notes:
  Column 1, 2: Value Line Investment Analyzer, 05/2008
  Column 3: Zacks long-term earnings growth forecast, 05/2008
  Column 4 = Column 2 times (1 + Column 3/100)
  Column 5 = Column 4 +  Column 3
  Column 6 = (Column 4 /0.95) +  Column 3
  No growth forecast available for CH Energy, Energy East

          Moody's Electric Utilities
          DCF Analysis: Analysts' Growth Forecasts
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INTRODUCTION 1 

Q. Please state your name and business address. 2 

A. My name is Tayne S. Y. Sekimura and I am the Senior Vice President, Finance 3 

and Administration of Hawaiian Electric Company, Inc. (“HECO” or the 4 

“Company”).  My business address is 900 Richards Street, Honolulu, Hawaii, 5 

96813.  HECO-2000 provides my educational background and work experience. 6 

Q. What is the purpose of your testimony in this proceeding? 7 

A. The primary purpose of my testimony is to recommend a fair and reasonable rate 8 

of return on the Company’s rate base for test year 2009.  I will discuss the 9 

business and financial risks faced by the Company and explain how the risks 10 

impact the Company’s cost of capital.  I will explain the basis for HECO’s capital 11 

structure and the derivation of its composite cost of capital.  I will provide details 12 

supporting the Company’s sources, proportions, and costs of investor funds.  13 

Further, my testimony will discuss how the Company’s Energy Cost Adjustment 14 

Clause (“ECAC”) addresses the financial factors that Act 1621 mandates and 15 

recommends to the Commission a rate of return on common equity, based on the 16 

testimony of Dr. Roger Morin, Professor of Finance, Georgia State University, 17 

College of Business, who has developed an estimate of the return on common 18 

equity he deems to be fair and reasonable. 19 

  Another purpose of my testimony is to explain why it is not necessary to 20 

conduct a comprehensive analysis for this docket of the impact of Hawaiian 21 

Electric Industries, Inc. (“HEI”) on HECO’s cost of capital [in regard to Decision 22 

and Order (“D&O”) No. 152252].   23 

  In addition, my testimony includes an estimate of the savings to customers 24 
                                                           
1 Hawaii Revised Statutes (“H.R.S.”) Section 269-16 (g). 
2 Decision and Order No. 15225, filed in Docket No. 7591 on December 10, 1996. 



HECO T-20 
DOCKET NO. 2008-0083 
PAGE 2 OF 70 

 

 

resulting from the use of special purpose revenue bond financing, as required by 1 

Hawaii law.3   2 

RATE OF RETURN ON RATE BASE 3 

Q. What is the purpose of the rate of return on rate base? 4 

A. The rate of return on rate base is used to calculate the revenues necessary to fairly 5 

compensate investors for the use of their money invested in assets that are used or 6 

useful in providing service to the utility's customers. 7 

Q. What is the fair rate of return on rate base for test year 2009? 8 

A. A fair rate of return on rate base for HECO for test year 2009 is 8.81% as 9 

calculated on HECO-2001. 10 

Q. Why is 8.81% a fair return on rate base for test year 2009? 11 

A. A rate of return on rate base of 8.81% for HECO is fair because it satisfies the 12 

three requirements for fairness established by the Bluefield and Hope cases. 13 

  The requirements for "fairness," as set forth in Bluefield Water Works & 14 

Improvements Co. v. Public Service Commission of West Virginia (262 U.S. 679, 15 

1923) and in Federal Power Commission v. Hope Natural Gas Company (320 16 

U.S. 391, 1944), are that the return should: 17 

1) Be commensurate with returns on investments in other enterprises 18 

having corresponding risks and uncertainties; 19 

2) Provide a return sufficient to cover the capital costs of the business, 20 

including service on the debt and dividends on the stock; and 21 

3) Provide a return sufficient to assure confidence in the financial 22 

integrity of the enterprise so as to maintain its credit and capital-23 

attracting ability. 24 

 A return on rate base of 8.81% for HECO for test year 2009 will satisfy these 25 
                                                           
3 H.R.S. Section 39-A-208(b).  
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requirements for fairness. 1 

Q. Are these criteria consistent with the criteria used by the Commission in prior rate 2 

cases? 3 

A. Yes.  These criteria were used by the Commission in numerous HECO rate case 4 

decisions4, as well as numerous Hawaii Electric Light Company, Inc. (“HELCO”) 5 

and Maui Electric Company, Limited (“MECO”) rate case decisions. 6 

Q. How should a fair return on rate base be developed in these proceedings? 7 

A. A percentage return on rate base that is at least equal to the Company's composite 8 

cost of capital would be a fair rate of return in this docket. 9 

Q. Why must a fair rate of return on rate base be at least equal to HECO's composite 10 

cost of capital? 11 

A. The composite cost of capital represents the carrying cost of the money received 12 

from investors to finance the rate base.  In order to adequately compensate those 13 

who have invested in the Company, HECO needs to be allowed a reasonable 14 

opportunity to earn at least its composite cost of capital. 15 

 Further, a rate of return on rate base at least equal to the Company's 16 

composite cost of capital would satisfy the three requirements of a fair return, 17 

provided that the Company is given a realistic opportunity to actually earn the 18 

return.  A finding by the Commission of a return on rate base at least equal to the 19 

Company's composite cost of capital would allow the Company to cover the 20 

capital costs of the business; it would provide a return on investment 21 

commensurate with returns on other investments having corresponding risks; and 22 

it would provide assurances to the financial community of the Company's 23 

financial integrity (or financial strength). 24 
                                                           
4 Decision and Order (“D&O”) No. 24171 (Docket No.04-0113, HECO 2005 test year), D&O No. 14412 
(Docket No. 7766, HECO 1995 test year), D&O No. 13762 (Docket No. 7700, HECO 1994 test year), and 
D&O No. 11699 (Docket No. 6998, HECO 1992 test year) 
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Q. What were the Company’s actual rates of return on rate base and on common 1 

equity for the last few years? 2 

A. The Company’s actual rates of return on simple average rate base and on simple 3 

average common equity as filed with the Commission have been: 4 

 Return on Rate Base Return on Common Equity 5 

2005 6.20% 6.92% 6 

2006 6.78% 7.61% 7 

2007 4.92% 4.52% 8 

Q. The Commission set interim and final rates in HECO’s 2005 test year rate case 9 

(Docket No. 04-0113) based on a 8.66% rate of return on rate base (“ROR”) and a 10 

10.7% rate of return on common equity (“ROE”)5 and set interim rates in HECO’s 11 

2007 test year rate case (Docket No. 2006-0386) based on a 8.62% ROR and 12 

10.7% ROE.6  Why have the returns that HECO has actually earned been so much 13 

lower than those used to establish rates in its recent rate cases?  14 

A. There have been a number of reasons.  First, although interim rate orders in 15 

HECO’s most recent rate cases7 have generally been supportive and within 16 

legislatively mandated deadlines, the lag between the start of the test year and the 17 

interim rate relief has not allowed HECO the opportunity to actually earn the 18 

allowed return in the test year.  This was due in part to the Company filing its rate 19 

case applications in November 2004 and December 2006, which resulted in the 20 

Commission issuing interim decision and orders in September 2005 and October 21 

2007.  This lag resulted in the first three quarters of the test year with less than 22 
                                                           
5 Interim D&O No. 22050 dated September 27, 2005; Amended Proposed D&O No. 23768 dated October 
25, 2007; D&O No. 24171 dated May 1, 2008.    
6 Interim D&O No. 23749 dated October 22, 2007. 
7 Interim D&O No. 22050 in Docket No. 04-0113 (HECO 2005 test year rate case) dated September 27, 
2005 and Interim D&O No. 23749 in Docket No. 2006-0386 (HECO 2007 test year rate case) dated 
October 22, 2007. 
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adequate cost recovery because HECO incurred higher costs that were not covered 1 

by sales growth.  Because there was no “catch-up” for the first three quarters with 2 

interim orders, annual returns were inadequate.   3 

 Although one could argue that the failure to achieve adequate returns was 4 

due to the timing of HECO’s rate case applications, it would have been difficult 5 

for the Company to achieve its authorized returns even if it had filed its rate case 6 

applications earlier. As explained by Mr. Robert Alm in HECO T-1, even if the 7 

Company were to file its rate case at the earliest date allowed under the 8 

Commission’s rules, as it has done in this rate case (i.e., six months before the 9 

beginning of the test year), the statutory deadline for an interim decision would be 10 

May or June.8  Because of this structural lag, it would be difficult for the 11 

Company to achieve its authorized return in the test year even if it were to file its 12 

rate case application at the earliest allowed date since by May, at least a third of 13 

the year will have passed.  The Company would encourage the Commission to 14 

consider issuing its interim decision earlier than the statutory deadline if the 15 

parties are able to complete the procedural steps in time for the Commission to 16 

take such action.  The operations of the Company are complex and in previous 17 

rate cases, there has been substantial discovery on the Company's testimonies, 18 

exhibits, workpapers and other documentation submitted in response to 19 

information requests.  However, the Company and the other parties have worked 20 

towards addressing and dispensing with issues as soon as practicable in recent rate 21 

cases and could potentially enable the Commission to render an interim decision 22 
                                                           
8 Section 6-61-87(4) of the Hawaii Administrative Rules states:  “… (A) If an application is filed within 
the first six months of any year, the test year shall be from July 1 of the same year through June 30 of the 
following year; or (B) If an application is filed within the last six months of any year, the test year shall be 
from January 1 through December 31 of the following year…”  Section 269-16 of the Hawaii Revised 
Statutes states that the Commission must render its interim decision within ten months; eleven months if 
evidentiary hearings are incomplete.  Ten or eleven months from the July 3, 2008 filing date of this 
application would be May 3, 2009 or June 3, 2009. 
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earlier than the statutory deadline.  An early interim decision would mitigate the 1 

financial impact of the structural lag in the current rate case process. 2 

 Second, kilowatt hour sales were lower than forecast in the rate cases, 3 

resulting in insufficient revenue dollars, which deteriorated returns.  Actual sales 4 

in 2005 and 2006 were less than the sales assumed in the 2005 rate case.  5 

Additionally, actual sales in 2007 were less than the sales assumed in the 2007 6 

rate case.9  Since rates were established based on the rate case sales assumptions, 7 

but actual sales were lower than the rate case sales assumptions, actual revenue 8 

dollars were less than the test year revenue requirements (adjusting for ECAC 9 

revenues which are based on actual sales).   10 

 Third, the financial dilemma that regulatory lag creates goes beyond the 11 

test year because costs are increasing faster than revenue is increasing.  In 2006, 12 

HECO received a full year of the 2005 test year interim rate increase but still was 13 

unable to achieve its authorized returns.  Likewise, in 2008, the Company will 14 

have a full year of the 2007 test year interim rate increase, but faces higher O&M 15 

costs than what were included in the test year revenue requirement.  As long as 16 

cost increases outpace sales growth and revenues are based on sales, the Company 17 

will be in an endless cycle of catch-up, struggling to achieve a fair return on its 18 

utility property.   19 

Q. What can be done to allow the Company to have a realistic opportunity to earn a 20 

fair return? 21 

A. Cost recovery needs to be timed with cost incurrence if the Company is to have a 22 

realistic opportunity to actually earn the return found to be fair by the 23 

Commission.  If traditional rate cases do not allow cost recovery to keep up with 24 

cost increases, then new mechanisms need to be developed.    25 
                                                           
9 See Dr. Willoughby's discussion of actual sales not meeting sales forecasts in HECO T-2. 
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COMPOSITE COST OF CAPITAL 1 

Q. What is the composite cost of capital? 2 

A. The composite cost of capital is the weighted average cost of short-term debt, 3 

long-term debt, hybrid securities, preferred stock, and common equity of the 4 

Company.  It represents the carrying cost of the money received from investors to 5 

finance the rate base. 6 

Q. How is the composite cost of capital calculated? 7 

A. The composite cost of capital is calculated by summing the weighted effective 8 

costs of each element of the capital structure.  The capital structure is made up of 9 

the short-term debt, long-term debt, hybrid securities, preferred stock, and 10 

common equity of the Company.  The overall cost of each of the elements is 11 

calculated taking into account such items as issuance costs to come up with an 12 

“effective” cost for each element.  The “effective” cost of each element of the 13 

capital structure is “weighted” in proportion to its percentage in the capital 14 

structure to come up with a weighted effective cost. 15 

Q. Has the same method been used by HECO, HELCO, and MECO in prior rate 16 

cases? 17 

A. Yes.  This method was used in Docket No. 2006-0386 (HECO 2007 test year), 18 

Docket No. 04-0113 (HECO 2005 test year), Docket No. 7766 (HECO 1995 test 19 

year), Docket No. 7700 (HECO 1994 test year), and Docket No. 6998 (HECO 20 

1992 test year) as well as numerous HELCO and MECO rate cases.   21 

Q. What is the Company's average estimated composite cost of capital for test year 22 

2009? 23 

A. The Company's estimated average composite cost of capital is 8.81% for test year 24 

2009, as shown on HECO-2001. 25 
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GOALS IN FINANCING 1 

Q. What are the Company’s overall goals in determining its financing? 2 

A. In determining its financing, the Company strives to balance:   3 

1) obtaining funds at the lowest reasonable cost, and 4 

2) preserving the financial strength of the company. 5 

Obtaining Funds at the Lowest Reasonable Cost 6 

Q. How does the Company obtain funds at the lowest reasonable cost? 7 

A. Low cost funds are obtained by:  1) issuing securities that are relatively low risk to 8 

investors and 2) minimizing the Company’s business and financial risks, to the 9 

extent the Company can control those risks and it is appropriate to do so in the 10 

context of the Company’s overall business plan. 11 

Q. What securities do investors consider to be relatively low risk? 12 

A. Investors consider debt issuances to be relatively low risk securities since there is 13 

assurance that the investor will be paid a stated rate at predetermined periods 14 

before other types of investors are able to get disbursements from the Company.  15 

Debt is usually the least costly source of funds for the Company. 16 

Q. Why doesn’t the Company obtain all of its financing from debt? 17 

A. Although debt is low risk to investors, it is relatively high risk to the Company.  18 

Higher proportions of debt would mean more fixed obligations and higher risk of 19 

default on debt covenants.  This would increase the cost of the debt since lenders 20 

would need more compensation for taking more risk if there are more fixed 21 

obligations.  Also, investors will not lend money to companies with no equity 22 

support.  Some level of equity support is necessary in order to access the debt 23 

market.  Therefore, the Company must balance the relatively lower cost debt with 24 

relatively higher cost equity in determining its capital structure. 25 
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Maintaining Financial Strength 1 

Q. Why is it important for the Company to maintain its financial strength? 2 

A. Investors are very sensitive to financial strength considerations when they decide 3 

where to invest their money.  If HECO’s financial strength is not maintained, 4 

more risk adverse investors will invest their money elsewhere.  This, in turn, will 5 

have negative implications for HECO’s customers because it will reduce the 6 

demand for the Company’s securities and will increase its cost of capital.  Further, 7 

under adverse market conditions, it may be difficult to attract capital.  It is 8 

imperative from a customer standpoint, therefore, that HECO at least maintain its 9 

current financial strength.  HECO witness, Mr. Steven Fetter, elaborates on the 10 

importance of maintaining financial strength in HECO T-21.  Mr. Fetter was 11 

formerly Chairman of the Michigan Public Service Commission and formerly 12 

Group Head and Managing Director of the Global Power Group within Fitch 13 

Ratings (“Fitch”), a credit rating agency. 14 

Q. What are some of the specific current challenges which the Company faces that 15 

make it particularly imperative that the Company improve (or at a minimum 16 

maintain) its financial strength? 17 

A. First, the Company faces high capital requirements to maintain aging 18 

infrastructure, to add the new infrastructure necessary to reliably integrate 19 

renewable energy resources, and to establish the platform for customers to 20 

effectively manage their use of electricity.  In order to raise capital at a reasonable 21 

cost, the Company needs to demonstrate the ability to repay investors at expected 22 

rates of return.    23 

Second, the Company has significant power purchase obligations which will 24 

increase as new and renewed purchase power contracts are entered into.  The 25 

Company recently issued a request for proposals for up to approximately 100 26 
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megawatts of renewable energy on Oahu.  HECO’s financial strength (as 1 

measured by the Company’s ability to fulfill its obligations to suppliers and meet 2 

the return expectations of investors) is key to attracting bidders for new renewable 3 

energy developments because independent power producers rely on the 4 

Company’s credit in order to finance their projects.   5 

Q. How is financial strength measured? 6 

A. One of the principal measures of a company’s financial strength is its credit rating.  7 

Credit ratings are issued by independent rating agencies, such as Standard & 8 

Poor’s (“S&P”), Moody’s Investors Services (“Moody’s”), and Fitch.  A credit 9 

rating is an impartial opinion of the general creditworthiness of a company (issuer 10 

credit rating), or the creditworthiness of a company with respect to a particular 11 

security (issue-specific credit rating), such as secured debt which provides 12 

investors with the backing of tangible assets as security.  Credit rating agencies 13 

evaluate the investment risk in commercial paper, secured and unsecured debt, 14 

hybrid securities, and preferred stock.  The rating for each security reflects the 15 

investment risk in that security, given the rating agency’s overall evaluation of the 16 

financial condition of the company and the particular characteristics of the 17 

individual security. 18 

Q. What are the Company’s current credit ratings? 19 

A. The Company currently has corporate credit ratings of BBB by S&P10 and Baa1 20 

by Moody’s11. 21 

Q. What is your assessment of these credit ratings? 22 

A. The BBB rating by S&P is of particular concern because that rating puts the 23 
                                                           
10 S&P Ratings Direct “Hawaiian Electric Co. Inc.” dated May 23, 2008 filed as HECO-2008.  
11 Moody’s Credit Opinion:  Hawaiian Electric Company, Inc. dated December 10, 2007 filed as HECO-
2009. 
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Company only one notch above the minimum “investment grade credit rating”.12  1 

Prior to May 2007, S&P's corporate credit rating of HECO had been BBB+.  In 2 

May 2007, S&P downgraded HECO to BBB.  In May 2008, S&P maintained 3 

HECO's BBB credit rating, but lowered its business risk profile assessment from 4 

“excellent” to “strong”.  I discuss the significance of the business risk profile later 5 

in my testimony.  Although the lowering of HECO's business risk profile has not 6 

directly impacted HECO's credit rating, it generally suggests a potential 7 

weakening.   8 

Q. Why is it important for the Company to maintain credit ratings that are above the 9 

lowest “investment grade” 13 credit rating level (i.e., above BBB- for S&P and 10 

above Baa3 for Moody’s)? 11 

A. Maintaining a credit rating that is above the “investment grade” floor will allow 12 

some comfort that the Company can maintain at least an “investment grade” credit 13 

rating if the Company were to face an operational or financial setback that could 14 

cause a rating downgrade.  Under such a circumstance, it is important to maintain 15 

at least an “investment grade” credit rating for the following reasons: 16 

1) Maintaining at least an “investment grade” credit rating helps to minimize 17 

electric rates by lowering the cost of capital to the Company.  A credit rating 18 

is a measure of credit risk.  All other things being equal, a company with 19 

less risk will have a lower cost of capital.   20 

2) Maintaining at least an “investment grade” credit rating gives the Company 21 

the ability to consistently attract new capital on reasonable terms, whatever 22 

the current state of the financial markets.  The Company raises its capital in 23 

a competitive market.  The supply and demand for investors’ funds change 24 
                                                           
12 S&P’s rating of BBB- or higher is considered “investment grade”. 
13 S&P’s rating of BBB- or higher or Moody’s rating of Baa3 or higher.   
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as economic conditions change.  Under ideal conditions, financing is 1 

available for most companies.  Under adverse economic conditions, 2 

however, companies with credit ratings below “investment grade”, or junk 3 

bond status, may find it difficult, if not impossible, to raise new capital.  A 4 

good credit rating assures the financial community that the company is 5 

financially sound, so that investors will continue to have an interest in 6 

purchasing the company’s securities.  For example, many companies 7 

(including HECO) restrict their investment portfolios to investments in 8 

companies that have ratings that are at least “investment grade.” Continuous 9 

access to capital markets is critical for a capital-intensive company such as 10 

HECO that has an obligation to provide utility services.  11 

Q. How do the Company’s current credit ratings impact its ability to integrate more 12 

renewable energy into its system? 13 

A. The Company’s credit rating is relatively low given the significant challenges it 14 

faces.  HECO must work to improve its credit rating in order to:  1) ensure access 15 

to the capital markets at a reasonable cost necessary to maintain existing service 16 

and to invest in infrastructure necessary to integrate more renewable energy in 17 

HECO’s system and 2) attract renewable developers from which HECO can 18 

procure more renewable energy.  19 

Q. How do rating agencies determine credit ratings? 20 

A. In order to determine a company’s credit rating, the rating agencies evaluate a 21 

wide range of qualitative and quantitative factors that affect the company’s credit 22 

quality.  This assessment considers both the business risks and the financial risks 23 

of the company.   24 

Business Risks 25 

Q. What factors do the rating agencies consider in assessing business risk? 26 
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A. Business risk considerations cited by Standard & Poor’s14 include five basic areas 1 

of analysis:  regulation, markets, operations, competitiveness, and management. 2 

Q. What business risks does the Company face? 3 

A. The Company faces numerous business risks.15  I will discuss several business 4 

risks underlying each of the five basic factors which help define HECO’s business 5 

profile. 6 

1. REGULATION 7 

Regulation is a critical aspect that underlies a utility’s 8 

creditworthiness, and decisions by the regulators can profoundly affect 9 

financial performance.  Regulators have authority over the majority of the 10 

industry’s returns.  From an investor’s standpoint, regulators’ decisions 11 

regarding rates of return, equity allowed and rate base growth can play a 12 

large role in the economic value of an investment.  Moreover, recent years 13 

have exhibited a dramatic resurgence in the importance of regulation 14 

through the eyes of investors in connection with:  1) expanding capital 15 

expenditure programs (e.g., new capacity and upgrades); 2) environmental 16 

compliance requirements; 3) a dearth of rate cases in the 1990s and early 17 

2000s; and 4) large amounts of new equity capital to be required by the 18 

industry.  As a result, regulation has become a major factor – and to many 19 

investors, the single most important factor – in utility investment-related 20 

decision making. 21 

1) Energy Cost Adjustment Clause (“ECAC”) 22 

For many years, the Company has been allowed the use of an ECAC.  23 
                                                           
14 S&P article, “Key Credit Factors:  Assessing U.S. Vertically Integrated Utilities’ Business Risk 
Drivers” dated September 14, 2006 filed in Docket No. 2006-0386 (HECO 2007 TY rate case) as HECO-
1908. 
15 “Forward-Looking Statements” from HEI and HECO Form 10-Q for the quarterly period ended March 
31, 2008 filed as HECO-2010. 
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The ECAC is an automatic adjustment provision in HECO’s rate schedules 1 

that allows HECO to automatically increase or decrease rates to reflect 2 

changes in the Company’s costs of fuel and purchased energy above or 3 

below the expense levels included in base charges, without a rate 4 

proceeding.  In 2006, new legislation16 required that the Commission 5 

evaluate the continued use of ECAC in each rate proceeding in which it was 6 

requested by the Company.  The Company’s investors are clearly concerned 7 

by the legislative action.  I will discuss the financial implications of this 8 

legislation in greater detail later in my testimony. 9 

2) Regulatory Action 10 

The Company has numerous regulatory actions pending before the 11 

Commission that will impact the credit rating agencies’ assessment of 12 

HECO’s regulatory risk.  Regulatory decisions that suggest the utility will 13 

not have regulatory support increase the Company’s risk profile, and thus 14 

place into jeopardy HECO’s current credit ratings.  A downgrade of those 15 

ratings would increase the Company’s cost of capital, and thus, ultimately, 16 

the rates that customers are required to pay.  The Company must continue to 17 

obtain regulatory rulings that:  1) give the Company a realistic opportunity 18 

to earn a fair return, 2) provide full cost recovery of prudently incurred costs 19 

on which the Company’s investors make no profit, 3) assure cost recovery 20 

of and on necessary capital investments, and 4) provide a fair return on 21 

prudent investments. 22 

First, in order to have a realistic opportunity to earn a return 23 

determined to be fair in a rate case, the Company needs cost recovery to 24 
                                                           
16 Act 162 added a provision in HRS Section 269-16 reiterating the Commission’s discretion to evaluate 
any automatic fuel rate adjustment clause requested by a utility.  
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align with cost incurrence because sales are not growing and therefore 1 

cannot offset the increases in costs.  The Company currently faces rapidly 2 

rising operations and maintenance (“O&M”) costs and rising capital 3 

expenditures.  Closer matching of cost incurrence with cost recovery can 4 

result within the traditional rate case process or in between the timing of rate 5 

cases.  The Company’s proposal for a step increase when the Campbell 6 

Industrial Park Generating Unit (“CIP1 Generating Unit Step”) enters into 7 

service will allow the Company the opportunity to achieve actual returns on 8 

a timely basis consistent with the return levels authorized within this rate 9 

case.   10 

Beyond traditional rate cases, the use of surcharge mechanisms would 11 

provide funds toward the costs and capital investments necessary to achieve 12 

the renewable standards established by policymakers.  For example, 13 

renewable infrastructure costs will increase the need for capital investment 14 

which may negatively impact credit quality, but a surcharge will 15 

demonstrate regulatory support and result in more immediate cost recovery 16 

which could reduce investors’ perceptions of risk.  This may help to 17 

maintain the Company’s current cost of capital, and mitigate a potential 18 

degradation in credit quality caused by increasing capital requirements.  19 

S&P has the following view of cost recovery mechanisms which track RPS 20 

costs: 21 

“Also favorable for credit is the fact that statutory requirements that 22 
typically create RPS often require regulatory approval for the recovery 23 
of these costs in customer rates.  Mechanisms that track RPS costs for 24 
recovery from the customer, rather than incorporate RPS as part of 25 
general resource procurement, are, in our view, more credit protective 26 
for utilities, as are explicit RPS surcharges on customer bills that 27 
provide price transparency and distance the utility from charges that 28 
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are state mandated.”17 1 

Second, assurances of timely cost recovery of prudently incurred 2 

expenses will lower the Company’s business risk. Continued assurance of 3 

recovery of the Company’s fuel and purchased power energy expenses 4 

maintain investor risk perceptions which view the existing ECAC very 5 

favorably.  The existing ECAC lowers risks and results in lower capital 6 

costs and lower revenue requirements.  This translates into lower rates for 7 

customers.   8 

Increased assurance of future recovery of all purchased power costs 9 

would also reduce investor risk perceptions relating to purchased power.  10 

Over the years, S&P’s perceptions of risk associated with HECO’s power 11 

purchase obligations have grown, and negatively impact HECO’s credit 12 

quality.  Later in my testimony, I address the potential benefit to ratepayers 13 

of a purchased power cost recovery mechanism.  14 

In HECO’s 2007 test year rate case (Docket No. 2006-0386), the 15 

parties agreed to pension and post-retirement benefit other than pension 16 

(“OPEB”) tracking mechanisms.  The tracking mechanisms were approved 17 

by the Commission on an interim basis.  Discussions with the credit rating 18 

agencies confirm that the regulatory assurance of cost recovery of pension 19 

and OPEB costs is helpful to credit quality and they are anticipating 20 

regulatory approval of the tracking mechanisms in the final rate order.  21 

Third, mechanisms which support timely return on and return of 22 

capital investments are supportive of credit quality.  The Company foresees 23 

increasing needs for capital investment to maintain the reliability of the 24 

existing system as well as to support renewable development.  In order to 25 
                                                           
17 S&P Ratings Direct “The Race for the Green:  How Renewable Portfolio Standards Could Affect U.S. 
Utility Credit Quality” dated March 10, 2008 filed as HECO-2011. 
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raise the necessary capital to make these investments, the Company needs 1 

assurances of recovery of the investment and adequate returns on 2 

investment. 3 

Finally, rates must be established on an adequate rate of return on rate 4 

base so that the Company has the opportunity to meet investor return 5 

expectations.  Investors will not provide the capital HECO needs unless they 6 

are confident that their investment will meet return expectations.   7 

In summary, HECO needs regulatory rulings which provide the 8 

Company the opportunity to realistically and consistently earn the rate of 9 

return deemed fair in order to help maintain its current credit standing.  10 

Rulings which are delayed, inconsistent with prior decisions, or create 11 

uncertainty in the Company’s future financial results could be detrimental to 12 

the rating agencies’ assessment of the Company’s business risk, the 13 

Company’s credit quality, and the financial health of the Company. 14 

3) Renewables 15 

Federal and State policies, enacted and currently under consideration, 16 

mandate higher use of renewable resources.  The Renewable Portfolio 17 

Standards law (“RPS”), as amended by the Legislature in 2004 and in 2006, 18 

requires HECO (in aggregate with HELCO and MECO) to obtain certain 19 

percentages of sales from renewable electrical energy resources (“REs”).18  20 

REs include electrical energy generated using renewable energy sources, 21 

and electrical energy savings brought about by renewable displacement 22 

technologies (such as solar water heating) or energy efficiency measures.  23 
                                                           
18 Each electric utility company that sells electricity for consumption in the state shall establish a 
renewable portfolio standard of:  10% by end of 2010, 15% by end of 2015, and 20% by end of 2020.  At 
least fifty percent of the RPS targets shall be met by electrical energy generated using renewable energy 
as the source.    
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S&P’s assessment of the impact of RPS on the industry is: 1 

“Largely through legislation, the political process has engineered 2 
RPS, but it is the utilities that will ultimately be responsible for 3 
implementing the standards.  We question whether state legislatures, 4 
or citizens (in the case of Colorado or Washington, where voter 5 
mandates initiated RPS), understand the full cost impact of the RPS 6 
programs on customer bills over the next 20 years.  An equally 7 
important credit concern is the extent that utilities will be held 8 
responsible if unforeseen events prevent them from reaching targets.  9 
The willingness of regulatory commissions to adopt flexible 10 
compliance guidelines that exempt utilities from penalties if 11 
unexpected delays occur in meeting interim or final targets can 12 
mitigate this concern.  And many states do have “off-ramps” that 13 
allow utilities to ratchet back RPS if they prove to be uneconomic.”19  14 

In January 2008, the State of Hawaii and United States Department of 15 

Energy (“DOE”) signed a memorandum of understanding establishing the 16 

Hawaii Clean Energy Initiative (“HCEI”)20  The stated purpose of the HCEI 17 

is to establish a long-term partnership between the State of Hawaii and DOE 18 

that will result in a fundamental and sustained transformation in the way in 19 

which renewable energy efficiency resources are planned and used in the 20 

State.  The results of HCEI may surpass the requirements of existing RPS 21 

requirements.  The potential impacts on the Company’s financial integrity of 22 

these initiatives are unknown, which creates investor uncertainty.  Thus, 23 

uncertainty regarding how and if the Company will be able to finance and 24 

recover its investment in renewable energy resources in order to meet the 25 
                                                           
19 S&P Ratings Direct “The Race for the Green:  How Renewable Portfolio Standards Could Affect U.S. 
Utility Credit Quality” dated March 10, 2008 filed as HECO-2011.  
20 The announced implementation plan for the HCEI involves the creation of working groups to address, 
among other things:  (1) the use of renewable energy at remote locations; (2) transmission and distribution 
improvements, grid management improvements, and energy storage to ensure that the existing and future 
infrastructure facilitates optimal use of renewable energy resources and readily adapts to and incorporates 
new developments in system planning and transmission technologies while maintaining system reliability; 
(3) the development of innovative public and private financing vehicles for alternative energy sources and 
clean technologies at the state and county levels; and (4) design and enactment of comprehensive 
regulatory mechanisms that provide appropriate incentives for all stakeholders in the energy supply chain 
to proactively transition to a renewable energy-based future. 
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requirements of the RPS, or HCEI, increases the Company’s financial risk. 1 

In July 2007, Act 234 of the 2007 Hawaii State Legislature became 2 

law and requires a statewide reduction of greenhouse gas (“GHG”) 3 

emissions by January, 1, 2020 to levels at or below the statewide GHG 4 

emission levels in 1990.  It also establishes a task force, comprised of 5 

representatives of state government, business (including the electric 6 

utilities), the University of Hawaii and environmental groups, which is 7 

charged with preparing a work plan and regulatory approach for 8 

"implementing the maximum practically and technically feasible and cost-9 

effective reductions in greenhouse gas emissions from sources or categories 10 

of sources of greenhouse gases" to achieve 1990 statewide GHG emission 11 

levels.  The electric utilities are participating in the Task Force, as well as in 12 

initiatives aimed at reducing their GHG emissions.  Because the full scope 13 

of the Task Force report remains to be determined and regulations 14 

implementing Act 234 have not yet been promulgated, the Company cannot 15 

predict the impact of Act 234. However, S&P has this current industry-wide 16 

assessment of potential greenhouse gas emission limitations impact on 17 

credit quality: 18 

“In short, Standard & Poor’s Ratings Services believes climate 19 
change-related costs will have a minimal overall effect on electric 20 
utility ratings if policymakers attempt to accomplish greenhouse gas 21 
reductions as efficiently as possible over a time span that allows rates 22 
to absorb those costs on a politically palatable schedule.  To put it in 23 
the negative, credit quality will suffer if legislatures impose CO2 24 
limits in such a way as to disrupt resource planning by utilities, 25 
overwhelm the necessary technological advances, and require rate 26 
increases at a time when ratepayers are already suffering from rising 27 
market and commodity prices.”21 28 

                                                           
21 S&P Ratings Direct “The Credit Cost Of Going Green For U.S. Electric Utilities” dated March 7, 2008 
filed as HECO-2012. 
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2. MARKETS 1 

Assessing market dynamics begins with an economic and 2 

demographic evaluation of the service area in which the Company operates. 3 

1) Economy 4 

  The Company’s operating results are influenced by the volatility of 5 

the national and state economy and their impact on the economy of the 6 

island of Oahu.  Tourism, the largest component of Hawaii’s economy, can 7 

fluctuate significantly as a result of terrorist acts across the globe, the 8 

geopolitical and war situation, and national and international economic 9 

conditions.  In addition, a large portion of the Company’s revenues comes 10 

from the large military presence in the state.  The impact of having such a 11 

large single customer sector is that it potentially creates volatility in the 12 

Company’s revenues resulting from the nation’s decisions with respect to 13 

military bases and deployment.   14 

Recent airline closures, high travel costs, and national economic 15 

uncertainty all play into uncertainty in Hawaii’s economy.  In its credit 16 

assessment of HECO dated May 23, 200822, S&P states:  “…recent 17 

revisions to the state’s economic indicators show a distinct slowdown.  18 

Lower economic activity will reduce electric sales and revenues, all else 19 

equal.”   20 

2) DSM Programs 21 

The Company recognizes the need for and benefit to Hawaii of 22 

reducing Hawaii’s dependence on fuel oil and central station generation to 23 

meet the electricity needs of our customers.  Since 1996, HECO has 24 

implemented energy efficiency demand-side management (“DSM”) 25 
                                                           
22 S&P Ratings Direct “Hawaiian Electric Co. Inc.” dated May 23, 2008 filed as HECO-2008. 
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programs, which have provided incentives to its customers to implement 1 

measures that reduce the use of electricity or use electricity more efficiently.  2 

Companies incur risks when they encourage customers to reduce the use of 3 

their product, which is the case for HECO where DSM Programs are 4 

designed to influence the utility customer’s uses of energy to produce 5 

desired changes in demand.   6 

In 2006, Act 162 gave the Commission the authority, if it deems 7 

appropriate, to redirect all or a portion of the funds currently collected by 8 

the utilities through their current utility DSM surcharge into a Public 9 

Benefits Fund, for the purpose of supporting customer DSM programs 10 

approved by the PUC.23  In September 2007, the PUC opened a docket to 11 

select a third party administrator and to refine details of the new market 12 

structure.  The loss of control, accountability, constancy, consistency and 13 

continuity resulting from third-party administration of Energy 14 

Efficiency/DSM programs could create uncertainty with respect to HECO’s 15 

operations, and in particular, with respect to the Company’s obligation to 16 

provide reliable service to its customers.  For example, if a third-party 17 

administrator were to administer and implement the DSM programs, then 18 

the utilities would need to rely on the DSM impact projections from the 19 

third-party administrator for Integrated Resource Planning.  The transition to 20 

third-party administration at a time when the Company’s programs have 21 

been working very effectively (not to mention cost-effectively) may create 22 

substantial uncertainty and jeopardize the program infrastructure that has 23 

been developed over the past 10 years, possibly resulting in lost 24 

opportunities to install energy efficient measures and in resources being 25 
                                                           
23 Session Laws of Hawaii, 2006. 
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expended in an unproductive manner (e.g., unavoidable duplication of costs 1 

during the transition, learning curve inefficiencies, vendor responsibility 2 

scoping, request-for-proposal processing, contract negotiations, and delay in 3 

the acquisition of demand-side resources needed to meet a substantial 4 

portion of HECO’s future capacity needs).    5 

3. OPERATIONS 6 

When assessing a utility’s operations, creditors focus on the 7 

Company’s ability to provide reliable and safe electric service, the cost to 8 

achieve those goals, and the ability to recover those investments. 9 

1) Capital Investments 10 

The Company is projecting a need for new utility infrastructure to 11 

improve reliability and to support growth.  Construction of generation and 12 

transmission facilities will face many challenges due to public sentiment, 13 

politics, and permitting requirements.  The processes to get all the approvals 14 

needed to install these capital additions take many years and therefore put 15 

investor funds at risk for extended periods. 16 

Further, the Company needs to support an increase in the base level of 17 

capital expenditures, as well as capital expenditures growing beyond 18 

traditional requirements, in order to support renewable investments and 19 

customer options.  In HECO T-17, Ms. Nagata discusses the Company’s 20 

growing capital expenditure needs. Alternative recovery mechanisms (such 21 

as the Renewable Infrastructure Program Surcharge) will help to align cost 22 

incurrence with cost recovery and may facilitate raising capital at a 23 

reasonable cost.  Additionally, the Company is considering mechanisms 24 

which can help alleviate the negative cash flow related to new capital 25 

investments.  For example, inclusion of construction work in progress in 26 
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rate base with immediate rate recovery of that return on rate base may 1 

facilitate the Company’s ability to raise capital.    2 

          Although the Commission’s prior approval of construction projects 3 

(see Ms. Nagata’s discussion in HECO T-17 regarding General Order No. 7) 4 

helps to reduce the Company’s business risk, it does not eliminate it 5 

completely.  There have been cases where the Company has had to make a 6 

substantial commitment of funds prior to Commission approval under 7 

paragraph 2.3.(g)(2) of General Order No. 7 in order to maintain the 8 

schedule for a project essential to reliable service.  Construction projects 9 

may encounter circumstances, which were unforeseen at the time the project 10 

was approved, that increase the cost of the project.  When these types of cost 11 

increases are challenged in later cost recovery proceedings, the utility must 12 

re-defend its decision to proceed with the project in a backward looking 13 

review process benefited by hindsight. 14 

 Being an island environment, Hawaii has no inter-ties to other sources 15 

of electricity and must build its own resources to meet its needs.  This 16 

increases the significance of making investment in capacity and reliability, 17 

and underscores the importance of maintaining access to capital markets to 18 

be able to tap the financial resources when needed for such capital 19 

investment.  The Company must be able to construct the facilities and to 20 

finance them in order to continue to provide reliable electric service. 21 

2) Purchased Power 22 

The Company expects to purchase approximately 42% of its energy 23 

from independent power producers (“IPPs”). 24  Power purchase agreements 24 

(“PPAs”) have been entered into based on the Company’s obligations under 25 
                                                           
24 See HECO-402. 
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the Public Utility Regulatory Policies Act of 1978 (“PURPA”) and state 1 

laws and rules encouraging the purchase of power from non-fossil fuel 2 

producers and qualifying facilities under PURPA, and are filed with the 3 

Commission for its review and approval.  The contracts are obligations that 4 

generally must be paid before investors receive any compensation for the 5 

use of their funds.  HECO investors receive no compensation for the PPAs, 6 

but have earnings potential at risk if power purchase costs are not fully 7 

recovered in rates (through base rates or the ECAC).  I discuss the 8 

implications of power purchase obligations in greater detail later in my 9 

testimony.  10 

3) Compliance with Environmental Laws and Regulations 11 

In general, the electric industry faces increasingly stringent 12 

environmental laws and regulations which regulate the operation and 13 

modification of existing facilities, the construction and operation of new 14 

facilities, and the proper cleanup and disposal of hazardous waste and toxic 15 

substances.  The Company is at risk for the direct cost of compliance as well 16 

as the economic consequences of any impact on operations.   17 

4) Competitive Bidding Proceeding 18 

 On December 8, 2006, the Commission issued D&O No. 23121 in 19 

Docket No. 03-0372 which included a framework to govern competitive 20 

bidding.  Competitive bidding may result in additional power purchase 21 

contracts.  Additional power purchase contracts will increase the financial 22 

risks to the Company either through the recognition as actual debt (i.e., a 23 

lease or consolidation) or as imputed debt, which I discuss further later in 24 

my testimony.  This additional debt or imputed debt will increase the 25 

financial risk of the Company. 26 
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 Because competitive bidding for new generation in Hawaii is a new 1 

process, it creates uncertainty.  The competitive bidding framework 2 

provides high-level guidance to the process, however details in execution 3 

can significantly impact the planning to meet system needs, reliability, and 4 

cost recovery of parallel efforts.  There are many special considerations in 5 

evaluating bids that arise from the fact that Oahu is an island that cannot 6 

import power.  In a competitive bidding environment, HECO must assess 7 

the performance risks associated with each bid.  Contractual remedies for 8 

non-performance need to go beyond financial consequences, and need to 9 

result in the supply of electricity when it is needed.  Further, the utility will 10 

undertake parallel efforts to assure a back-up plan.  If the parallel plan is 11 

terminated too early, the end result may be a generation shortfall.  If the 12 

parallel plan is pursued too long, costs may be incurred which may be 13 

viewed as unnecessary in a backward looking review process benefited by 14 

hindsight.     15 

4. COMPETITIVENESS 16 

Although competition in the generation sector in Hawaii has been 17 

moderated by the scarcity of generation sites, various permitting processes 18 

and lack of interconnection to other electric utilities, HECO faces 19 

competition from IPPs and customer self-generation, with or without 20 

cogeneration.  21 

1) Rising Prices 22 

Fuel oil prices continue to increase, driving the cost of electricity 23 

higher.  Higher fuel oil prices also result in renewable energy sources being 24 

relatively economical.  High fuel oil prices and high-cost renewable energy 25 

result in higher electricity costs.  Higher cost of HECO’s electricity drives 26 
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customers to find means of reducing their energy costs, through energy 1 

conservation or through alternative energy sources.   2 

2) Bypass Risk -- Distributed Generation (“DG”), Self-Generation 3 

Customers today have more access to alternative energy sources (i.e., 4 

self-generation, distributed generation, photovoltaic installations), which are 5 

causes for concern for the Company.  As these technologies become more 6 

economically attractive for customers, the customers may reduce their 7 

reliance on, and in some cases may disconnect from, the system, which 8 

could put the Company at risk of lost revenues and possible stranded assets. 9 

5. MANAGEMENT 10 

Evaluating management is of paramount importance to the credit 11 

rating agencies’ analysis because management decisions affect all areas of a 12 

company’s operations and financial health. 13 

 1) Commitment to Credit Quality 14 

The Company recognizes that rating agencies’ and investors’ 15 

assessment of management has an impact on the Company’s credit rating.  16 

Thus management is committed to maintaining credit quality and strives to 17 

keep the financial community abreast of the Company’s goals, objectives, 18 

and strategies at its meeting with the rating agencies.   19 

Act 162:  Energy Cost Adjustment Clause 20 

Q. Has there been any change in investor concerns relating to the Company’s fuel 21 

and purchased power expenses? 22 

A. Yes.  As I mentioned previously, for many years the Company has been allowed 23 

the use of an ECAC.  The ECAC allows HECO to automatically increase or 24 

decrease rates to reflect changes in the Company’s costs of fuel and purchased 25 

energy above or below the expense levels included in base charges, without a rate 26 
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proceeding.  In 2006, new legislation required that the Commission evaluate the 1 

continued use of ECAC in each rate proceeding in which it was requested by the 2 

Company.  The Company’s investors are clearly concerned by the legislative 3 

action.  In its credit assessment of HECO dated May 23, 200825, S&P cites the 4 

existing ECAC as a major rating factor strength, but then further cites any 5 

potential change to the existing ECAC as a major rating factor weakness: 6 

“The current ECAC design is under consideration by the Hawaii 7 
Public Utilities Commission (‘PUC’) in all three of HECO’s pending 8 
utility rate cases; a material change to the ECAC could harm the 9 
company’s financial condition.” and 10 

“Actions that weaken the ECAC’s ability to protect utility credit 11 
quality would be of concern.” 12 

Q. Please briefly describe the Company’s existing ECAC mechanism. 13 

A. The ECAC is an automatic adjustment provision in the utility’s rate schedules that 14 

allows the utility (through the application of the “ECA factor”) to automatically 15 

increase or decrease charges to reflect the change in the Company’s energy costs 16 

of fuel and purchased energy above or below the levels included in the base 17 

charges without a rate proceeding.  A rate case proceeding determines the base 18 

electricity rates into which are embedded test year levels of fuel prices, payment 19 

rates for purchased energy and a test year resource mix.  The ECAC mechanism, 20 

expressed in cents per kilowatt-hour, allows the Company to recover or return 21 

costs due to subsequent changes in (1) fuel and purchased energy costs, (2) the 22 

resource mix between utility-owned generation, utility-DG and purchased energy, 23 

(3) the resource mix among the utility plants, and (4) the resource mix among 24 

purchased energy producers.  A rate proceeding also establishes a fixed efficiency 25 

factor, or sales heat rate, for the utility central station generation, which provides 26 

an incentive to operate the units as efficiently as possible.  The ECA factor is filed 27 
                                                           
25  S&P Ratings Direct “Hawaiian Electric Co. Inc.” dated May 23, 2008 filed as HECO-2008. 



HECO T-20 
DOCKET NO. 2008-0083 
PAGE 28 OF 70 

 

 

with the Commission monthly and sets the rate adjustment for the subsequent 1 

month.  See Mr. Alan Hee’s discussion in HECO T-10. 2 

Q. Please describe the investor perspective of the Company’s existing ECAC 3 

mechanism. 4 

A. HECO’s investors view the Company’s existing ECAC mechanism very favorably 5 

because it significantly reduces the risks associated with HECO’s business.  6 

Dependence on imported fuel oil and the associated fuel price fluctuation are 7 

significant risks in HECO’s business.  The monthly revenue adjustment for fuel 8 

and purchased energy price changes results in timely recovery of fuel oil and 9 

purchased energy costs, which significantly reduces the business risk profile.  10 

Thus, the existing ECAC has a positive credit quality impact. 11 

 In its credit assessment of HECO, S&P has in the past cited “an excellent 12 

fuel adjustment clause” as strengthening credit quality, and in part offsetting 13 

“reliance on fuel oil”, “significant purchased power obligations”, and “high 14 

prices” which weaken credit quality.   15 

Q. Are there other investor risks associated with fuel and purchased power? 16 

A. Yes.  As explained earlier in my testimony, the Company has significant power 17 

purchase obligations (e.g., the Company expects to purchase approximately 42% 18 

of its energy from IPPs) which are considered in evaluations of the Company’s 19 

credit.  The reliance on purchased power creates debt-like obligations, which are 20 

of concern to investors.  Further, there have been changes in the accounting 21 

treatment of the power purchase obligations and there is uncertainty as to how 22 

these changes may impact investor views of these obligations.  I discuss the 23 

impact of purchased power on the Company’s credit quality in greater detail later 24 

in my testimony.   25 

 Second, the Company is exposed to financial variability due to changes in 26 
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fuel efficiency.  In a rate case proceeding, fuel expense is established based on 1 

fuel efficiency factors, which are embedded in base electric rates.  Mr. Sakuda 2 

provides a complete description of the fuel efficiency calculation in HECO T-4.  3 

When actual heat rates are lower (better) than the heat rates embedded in base 4 

rates, fuel expense is lower and returns to shareholders are higher.  When actual 5 

heat rates are higher (worse) than the heat rates embedded in base rates, fuel 6 

expense is higher and returns to shareholders are lower.  This gives management 7 

incentive to optimize the generation dispatch and to maintain and operate the 8 

company-owned generation to maximize fuel efficiency.   9 

 Finally, the Company bears the costs or enjoys the benefits from cost 10 

savings resulting from changes in the carrying costs of fuel inventory.  The cost of 11 

fuel inventory fluctuates as fuel prices fluctuate.  Higher fuel prices result in 12 

higher inventory cost and higher costs of carrying inventory which reduce returns 13 

to shareholders.  Conversely, lower fuel prices result in lower inventory cost and 14 

lower costs of carrying inventory which contribute to shareholder returns.  There 15 

is not much near-term management control over these carrying costs since 16 

inventory volumes are constrained by operational requirements and inventory 17 

price is determined by fuel prices indexed to world oil prices embedded in long-18 

term fuel purchase contracts.  However, since the absolute amounts of inventory 19 

carrying costs are relatively small; this risk is not viewed as a significant business 20 

risk from an investor’s perspective.   21 

Q. How are investors currently compensated for the risks that they take relating to 22 

fuel and purchased power? 23 

A. In general, investors are not specifically compensated for the risks they take 24 

relating to fuel.  Although dependence on imported fuel oil increases business 25 

risks, the existing ECAC mechanism significantly mitigates this risk.  The risks 26 
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associated with changes in the fuel inventory carrying costs are generally not 1 

significant from an investor’s perspective and investors do earn a return on the 2 

fuel inventory included in rate base. 3 

 Investor risks associated with purchased power are considered in 4 

establishing the appropriate rate of return on equity.  In HECO T-19, Dr. Morin 5 

discusses the need for increased shareholder compensation resulting from 6 

purchased power. 7 

Q. Does the design of the current ECAC mechanism meet the requirements of Act 8 

162? 9 

A. Yes.  As discussed by Mr. Hee in HECO T-10, HECO’s current ECAC 10 

mechanism does meet the requirements of Act 162.  In the following section, I 11 

will elaborate on certain provisions of Act 162 relating to the impact of ECAC on 12 

investors.  13 

Q. Does the design of the current ECAC mechanism “fairly share the risk of fuel cost 14 

changes between the public utility and its customers”? 15 

A. Yes.  As discussed by Mr. Hee in HECO T-10, fuel cost changes include fuel 16 

price changes and fuel efficiency changes.  Under the existing ECAC, customers 17 

generally bear the risk of fuel price changes and shareholders generally bear the 18 

risk of fuel efficiency changes.  Customers pay less when actual fuel prices 19 

decline, and customers pay more when actual fuel prices escalate.  In establishing 20 

a fair rate of return on equity, the Company’s current ECAC is assumed to 21 

continue (see HECO T-19).  The concept that shareholders do not make any profit 22 

from fuel price changes is therefore embedded in the return on equity 23 

recommendation.  This is “fair” because shareholders do not require compensation 24 

for risks that they do not bear. 25 

Q. How is it “fair” that customers bear nearly all the risks and shareholders take 26 
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minimal risks associated with fuel price changes?  1 

A. It is “fair” because the required rate of return on common equity is lower due to 2 

the fact that shareholders take minimal risks associated with fuel price changes.  3 

As a result, customers benefit by having lower electric rates that are based on the 4 

relatively lower rate of return on common equity.  Also, it is wholly rational from 5 

an economic sense that customers pay the actual costs of fuel and purchased 6 

power necessary to ensure that they receive a reliable electricity supply.  7 

Q. If customers pay less when actual fuel prices decline, why does the ECAC 8 

revenue have a recent history of being positive (i.e., customers pay more than base 9 

rates)? 10 

A. The fuel oil prices used to establish base rates set the “base” in determining 11 

whether ECAC is positive or negative.  In recent years, fuel oil prices have been 12 

increasing and have exceeded the fuel prices embedded in base rates.  However, 13 

since under the current ECAC, customers will bear nearly all the costs associated 14 

with fuel price changes, it does not matter what portion of the fuel cost is reflected 15 

in base rates and what portion gets reflected in the ECAC.  The ECAC will adjust 16 

revenues to reflect the actual cost of fuel. 17 

 Also, currently, fuel price is not a driver for determining when a rate case is 18 

needed.  If base rates are set at a time when fuel prices are relatively low, the 19 

ECAC will be positive when fuel prices rise.  Conversely, if base rates are set at a 20 

time when fuel prices are relatively high, the ECAC will be negative and 21 

customers will receive reductions to account for that difference.   22 

Q. Does the design of the current ECAC mechanism “preserve, to the extent 23 

reasonably possible, the public utility’s financial integrity”? 24 

A. Yes.  The current ECAC mechanism is a strength in HECO’s business risk profile 25 

and contributes to the Company’s financial integrity.  The monthly timeliness of 26 
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the existing ECAC also minimizes the recovery time period, further reducing 1 

investor uncertainty with respect to recovery of fuel costs. 2 

 As I mentioned earlier, S&P has often cited the existing ECAC mechanism 3 

as a strength in HECO’s credit quality assessment.   4 

Q. Does the design of the current ECAC mechanism “minimize, to the extent 5 

reasonably possible, the public utility’s need to apply for frequent applications for 6 

general rate increases to account for the changes to its fuel costs”? 7 

A. Yes.  The current ECAC design virtually eliminates fuel price changes as a 8 

consideration as to when a rate case is necessary.  9 

Q. In HECO-1040, Mr. Alan Hee shows the impact on HECO’s 2009 test year ECAC 10 

revenues if there was a pass-through of 80%, 90% or 95% of the change in the 11 

cost of power to customers.  If the existing ECAC were to be modified to include 12 

80%, 90%, or 95% of the fuel and purchased energy costs, what would be the 13 

impact on the Company’s cost of capital? 14 

A. In order to “fairly share the risk of fuel cost changes between the public utility and 15 

its customers” and to “preserve, to the extent reasonably possible, the public 16 

utility’s financial integrity”, any modification to the existing ECAC to include 17 

80%, 90%, or 95% of the fuel and purchased energy costs would result in an 18 

increase in investors’ risks associated with fuel and purchased energy.  This 19 

increase in risks would require an increase in investor compensation through a 20 

higher cost of capital for bearing the increased risks.  Customers would ultimately 21 

bear the higher costs for this increase in cost of capital.  See Dr. Morin’s 22 

discussion in HECO T-19 and Mr. Fetter’s discussion in HECO T-21. 23 

Q. If the existing ECAC were to be modified to include 80%, 90%, or 95% of the 24 

fuel and purchased energy costs, what would be the impact on renewable energy 25 

development? 26 
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A. The financial strength of the utility as the off-taker of IPP renewable energy is a 1 

critical criterion that supports financing of renewable energy projects.  The 2 

presence of the ECAC contributes significantly to the financial strength of the 3 

Company, which in turn makes finding financing by renewable energy developers 4 

more likely.  If the ECAC was changed from a full pass-through to a partial pass-5 

through mechanism, the financial health of the Company would be undermined 6 

and this would make financing for renewable energy projects in the state more 7 

difficult. 8 

Q. What are your conclusions with respect to ECAC? 9 

A. The existing ECAC is a significant rate adjusting mechanism which helps HECO 10 

maintain its current standing with investors.  Fuel and purchased power costs are a 11 

significant portion of HECO’s expenses and therefore have tremendous financial 12 

impact.  It is essential that the potential implications of any change to the ECAC 13 

on bondholders and shareholders be carefully and thoroughly considered before 14 

implementation. 15 

Power Purchase Obligations 16 

Q. Please elaborate on how power purchase obligations impact the Company’s risk 17 

profile. 18 

A. The Company’s power purchase agreements increase the Company’s risk profile.  19 

In general, there are three ways that PPAs may affect the Company’s financial 20 

profile: 21 

1) Imputed debt treatment of the PPA, 22 

2) Capital lease obligation reflected as debt on HECO’s financial statements, 23 

and 24 

3) Consolidation of the seller (including the seller’s debt) on HECO’s financial 25 

statements resulting from FIN46R. 26 
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I will explain these three impacts in the following section. 1 

Imputed Debt 2 

Q. What is “imputed debt”? 3 

A. “Imputed debt” (also referred to as “implied debt”) refers to adjustments to the 4 

debt amounts reported on financial statements prepared under generally accepted 5 

accounting standards.  Certain obligations do not meet the GAAP criteria of 6 

“debt”, but have debt-like characteristics; therefore, credit rating agencies “impute 7 

debt and interest” in evaluating the financial ratios of a company. 8 

Q. How does S&P26 calculate the imputed debt for the PPAs? 9 

A. S&P takes the present value of the total fixed payments over the life of the 10 

contracts, using the company’s average cost of debt as the discount rate (6%) for 11 

the present value calculation.  It then determines a risk factor to apply to the 12 

contract to reflect the riskiness to the utility based on the terms of the contract and 13 

assurances of cost recovery.  In its credit assessment of HECO dated May 23, 14 

200827, S&P assigned a risk factor of 50% to HECO’s firm capacity power 15 

purchase contracts.  The risk factor is applied to the present value of the fixed 16 

payments under the contract to calculate the imputed debt:   17 

Risk Factor x Present Value of Fixed Contract Payments = Imputed Debt 18 

In addition, in 2007, S&P revised its methodology of calculating imputed 19 

debt to include “evergreen treatment” and “all-in energy pricing” of power 20 

purchase agreements.  21 
                                                           
26 Other credit rating agencies also consider the impacts of power purchase obligations; however, the 
Company utilizes the S&P methodology because S&P is most transparent on methodology they employ. 
S&P published its original PPA criteria in 1991, and provided updates in 1993, 2003 and 2007.  S&P 
“Buy versus Build:  Debt Aspects of Purchased-Power Agreements” dated May 8, 2003 was filed as 
HECO-2111 in Docket No. 04-0113, S&P “Request for Comments:  Imputing Debt to Purchased Power 
Obligations” dated November 1, 2006 was filed as HECO-1915 in Docket No. 2006-0386, and S&P 
Ratings Direct “Standard & Poor’s Methodology for Imputing Debt for U.S. Utilities’ Power Purchase 
Agreements” dated May 7, 2007 filed in response to DOD-IR-68 in Docket No. 2006-0386. 
27 See S&P Ratings Direct “Hawaiian Electric Co. Inc.” dated May 23, 2008 filed as HECO-2008. 
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   Under “evergreen treatment”, contracts expiring within 12 years are 1 

effectively assumed be renewed such that all PPAs have a minimum 12 year term 2 

for purposes of the imputed debt calculation.  The actual fixed payment terms are 3 

applied to the existing contract, then a proxy peaker unit capacity payment is 4 

applied to the unit capacity to calculate the estimated fixed payments for the 5 

period beyond the existing contract term to the 12 year minimum term. 6 

For power purchase contracts that have pricing based on a single, “all-in 7 

price” (such as the wind PPAs at HELCO and MECO), S&P applies a proxy 8 

peaking capacity rate to the capacity of the facility, adjusted for the estimated 9 

capacity factor (i.e.  the expected output/output capacity).  10 

Q. What is the basis for the 50% risk factor assigned by S&P?  11 

A. S&P explains in its May 2007 publication:  12 

“….some regulators use a utility's rate case to establish base rates that 13 
provide for the recovery of the fixed costs created by PPAs. Although we 14 
see this type of mechanism as generally supportive of credit quality, the fact 15 
remains that the utility will need to litigate the right to recover costs and the 16 
prudence of PPA capacity payments in successive rate cases to ensure 17 
ongoing recovery of its fixed costs. For such a PPA, we employ a 50% risk 18 
factor.  In cases where a regulator has established a power cost adjustment 19 
mechanism that recovers all prudent PPA costs, we employ a risk factor of 20 
25% because the recovery hurdle is lower than it is for a utility that must 21 
litigate time and again its right to recover costs.” 28 22 

Q. How are ratepayers impacted by the current levels of imputed debt? 23 

A. As a result of the imputed debt, HECO has increased the proportion of equity in 24 

its capital structure.  This increases the overall cost of capital and increases the 25 

revenue requirement. 26 

Q. How are ratepayers impacted by the current rate recovery structure for power 27 

purchase contracts? 28 
                                                           
28 S&P Ratings Direct “Standard & Poor’s Methodology of Imputing Debt for U.S. Utilities’ Power 
Purchase Agreements” dated May 7, 2007 filed as HECO-2013. 
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A. Under the current rate recovery structure, purchased energy is recovered through 1 

the ECAC and other purchased power expenses (capacity and O&M) are 2 

recovered in base rates.  Temporary rate adjustment mechanisms have allowed for 3 

rate recovery timed with when other purchased power expenses (capacity and 4 

O&M) were incurred until the costs were included in base rates.29  Ratepayers 5 

generally have paid for purchased power costs since test year purchased power 6 

expense is included in revenue requirements for each rate case.  HECO’s major 7 

PPAs were entered into in the late 1980’s and HECO has been purchasing firm 8 

capacity power for over 15 years.30  The purchased power costs have been 9 

evaluated and allowed in all the Company’s rate cases since the firm capacity in-10 

service date of each respective PPA.31  There has been no disallowance of 11 
                                                           
29 For example, in Interim D&O No. 11081 dated May 10, 1991, the Commission allowed an interim rate 
increase effective from the Kalaeloa in-service date until the Commission issued a final decision in the 
1990 test year rate case.  The Kalaeloa interim rate increase terminated with the issuance of D&O 11317 
dated October 17, 1991 in Docket No. 6531 (HECO 1990 test year rate case). 
30 HECO’s firm power purchase power agreements were entered into, approved, and in-service as follows: 

• HPOWER PPA is dated Mach 10, 1986 (amended March 7, 1990, amended to firm capacity on 
April 8, 1991).  The HPOWER PPA and amendments were was approved in D&O 8698 dated 
March 31, 1986 in Docket No. 5514 and D&O No. 1170 dated June 30, 1992 in Docket No. 
6983.  HPOWER firm capacity commercial operation date was May 22, 1990. 

• Kalaeloa PPA is dated October 14, 1988 (amended on June 15, 1989, February 9, 1990, 
December 10, 1991, October 1, 1999, and October 12, 2004).  The Kalaeloa PPA and 
amendments were approved in D&O 10369 dated October 16, 1989, D&O No. 10824 dated 
October 31,1990, and D&O 11494 dated February 24, 1992 in Docket No. 6378; D&O No. 
17647 dated Mach 30, 2000 in Docket No. 00-0001 and D&O No. 21820 dated May 13, 2005 in 
Docket No. 04-0320.  Kalaeloa commercial operation date was May 23, 1991. 

• AES PPA is dated March 15, 1988 (amended August 28, 1989 and May 8, 2003).  AES PPA and 
amendments were approved in D&O No. 10296 dated July 28, 1989 and D&O No. 10448 dated 
December 29, 1989 in Docket No. 6177; D&O 10448 dated December 29, 1989 in Docket No. 
6177; and D&O No. 20292 dated July 1, 2003 in Docket No. 03-0126.  AES commercial 
operation date was September 1, 1992.   

31 Purchase power costs were evaluated in the following rate cases: 
• 1990 test year (Docket No. 6531, D&O No. 11317 dated October 17, 1991): HPOWER, Kalaeloa 
• 1992 test year (Docket No. 6998, D&O No. 11699 dated June 30, 1992):  HPOWER, Kalaeloa, 

AES   
• 1994 test year (Docket No. 7700, D&O No. 13704 dated December 28, 1994 as amended by 

Order 13718 dated January 5, 1995):  HPOWER, Kalaeloa, AES 
• 1995 test year (Docket No. 7766, D&O No. 14412 dated December 11, 1995):  HPOWER, 

Kalaeloa, AES   
• 2005 test year (Docket No. 04-0113, D&O No. 24171 dated May 1, 2008):  HPOWER, Kalaeloa, 

AES 
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purchased power costs in any rate case.  However, the amount actually incurred as 1 

purchased power expense varies from what is included in base rates and investors 2 

bear the risk of fluctuation between the actual purchased power cost and the 3 

purchased power cost embedded in rates.   4 

Q. Why is the risk factor 50% if ratepayers are bearing all the purchased power 5 

costs? 6 

A. Although the purchased power costs have been allowed in all rate cases, S&P 7 

makes it clear that where purchased power costs are evaluated in each general rate 8 

case, the rating agency believes that recovery is at risk in each rate case.  Since 9 

they view that recovery is at risk in each rate case, it leads the agency to assign the 10 

50% risk factor.  Further, although purchased power energy costs are currently 11 

recovered through base rates and the ECAC, other purchased power costs (for 12 

capacity and O&M) are recovered in base rates only.  13 

Q. What can be done to reduce the risk factor applied by S&P?  14 

A. A purchased power cost recovery mechanism which gives great assurance of cost 15 

recovery of all purchased power costs would reduce S&P’s concerns and could 16 

result in a lowering of S&P’s purchased power imputed debt risk factor from 50% 17 

to 25%.  I will discuss the impact of a lower imputed debt risk factor in a later 18 

section of my testimony. 19 

Q. How would recovery of all purchased power costs through a purchased power cost 20 

recovery mechanism impact ratepayers? 21 

A. Purchased power energy costs currently are recovered through the ECAC, which 22 

would not change.  Because purchased power capacity and O&M costs are 23 

generally stable costs, there should not be any significant or immediate rate 24 

impact.  In the long-term however, ratepayers could potentially benefit through: 25 
                                                                                                                                                                           

• 2007 test year (Docket No. 2006-0386, final D&O pending):  HPOWER, Kalaeloa, AES 
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1) relatively lower borrowing rates (and investors’ rate of return 1 

requirements), or 2 

2) relatively higher debt proportions in the Company’s capital structure, or 3 

3) some combination of the two.   4 

Decreased cost of capital could result from reduced risks, which lower 5 

return requirements to investors.  This would also result in lower rates for 6 

customers.  Later in my testimony, I present the Company’s theoretical financial 7 

ratios based on an assumed 25% risk factor used to calculate imputed debt.  These 8 

theoretical financial ratios are evaluated based on S&P’s ratings criteria and 9 

demonstrate the potential improvement in credit rating.    10 

Alternatively, the Company could utilize the increase in borrowing capacity 11 

resulting from the reduction in risk associated with purchased power.  The 12 

increase in borrowing capacity could be applied to financial leverage (i.e., 13 

proportionately increasing lower cost debt and decreasing higher cost equity).  If a 14 

lower portion of the Company’s capital structure is comprised of equity, the 15 

overall cost of capital would be lower, all other assumptions being unchanged.  16 

Q. How would recovery of all purchased power costs through a purchased power cost 17 

recovery mechanism impact investors? 18 

A. If the Commission were to allow the Company to recover all purchased power 19 

costs through a purchased power cost recovery mechanism, it would either 20 

decrease the Company’s risk profile or increase the Company’s borrowing 21 

capacity or some combination thereof.  The greater the certainty of cost recovery, 22 

the more positive the impact on the Company’s risk profile.  Recovery though a 23 

cost recovery mechanism will reduce the cost recovery risk, but will not eliminate 24 

it, since there would always be a risk of future changes to a recovery mechanism.  25 

Reduced risks could result in lower return requirements to investors.   26 
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Q. Has the Company proposed a purchased power cost recovery mechanism in the 1 

past? 2 

A. Yes.  In HECO’s 1994 test year rate case (Docket No. 7700), HECO requested 3 

recovery through a purchased power non-fuel adjustment clause.  HELCO also 4 

requested a similar clause in its 1994 test year rate case (Docket No. 7764). 5 

Q. What were the positions of the other parties in response to HECO’s request? 6 

A. The Division of Consumer Advocacy did not object to HECO’s request.  The 7 

Department of Defense objected and took the position that the treatment was 8 

single-issue ratemaking.   9 

Q. How did the Commission rule on HECO’s proposed purchased power non-fuel 10 

adjustment clause? 11 

A. HECO’s request was denied in D&O 13718 dated January 5, 1995.  In denying the 12 

purchased power non-fuel adjustment clause, the Commission stated:  “The 13 

proposed clause promotes single-issue ratemaking.  Single-issue ratemaking does 14 

not account for potential changes in other cost items that may affect the 15 

relationship between costs and the returns earned by the company.  An increase in 16 

certain purchased power costs may well be offset by increased productivity within 17 

HECO’s own operations or by increased sales.  Moreover, the automatic 18 

adjustment clause would not allow the commission to review such relationships.  19 

Rather, rates would rise merely because of a rise in a particular expense, without 20 

consideration of possible savings in other areas of the company’s own 21 

operations.”32  Consistent with the ruling at HECO, HELCO’s request for a 22 

purchased power non-fuel adjustment clause was also denied in D&O 13762 dated 23 

February 10, 1995.     24 

Q. What has changed since the Commission’s rejection of the purchased power 25 
                                                           
32 Order No. 13718 dated January 5, 1995 in Docket No. 7700. 
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non-fuel adjustment clause in 1995? 1 

A. The benefits to ratepayers of assuming the risks of the purchased power costs via a 2 

purchased power cost recovery mechanism may now outweigh the issue of single-3 

issue ratemaking and the need for ongoing review of the contracts.  Since 1995, 4 

the PPAs have been shown to be prudent.  Whereas in the early 1990’s, the 5 

Company had just recently entered into its PPAs, so the need for continuing 6 

evaluation of the agreements may have been warranted.  The major contracts are 7 

now over halfway through the contract terms33 and have proven to be prudent and 8 

reasonable.   9 

In contrast, the negative impact on credit quality has grown over the years.  10 

In the 1995 test year rate case (Docket No. 7766), HECO estimated an average 11 

test year imputed debt of $179 million.34  In this test year, HECO estimates an 12 

average test year imputed debt of $431 million35 for the same three PPAs. This 13 

increase in imputed debt theoretically costs ratepayers approximately $16 million 14 

in annual revenue requirement (all other things, including rate of return on equity, 15 

being constant).36  The imputed debt increase is attributable to the change in 16 

S&P’s view of imputed debt rather than changes in the power purchase 17 

agreements.  Had there been no change in S&P’s imputed debt methodology, 18 

purchased power imputed debt would have decreased because the remaining 19 

contract obligation declines over time.37  S&P imputes more debt now than ever 20 
                                                           
33 Contract term, termination date, and years remaining are as follows: 

• HPOWER:  25 year contract term; termination July 2015; 7 years remaining 
• Kalaeloa:  25 year contract term; termination May 2016; 8 years remaining 
• AES:  30 year contract term; termination August 2022; 14 years remaining 

34 Docket No. 7766, 1995 test year rate case, HECO-WP-1709, page 13 of 15. 
35 HECO-WP-2016 page 14 of 18. 
36 HECO-WP-2016 page 18 of 18. 
37 Between 1995 and 2008, the significant contract changes resulted in approximately $2.9 million 
decrease in annual payments to AES and approximately $3.2 million increase in annual capacity 
payments to Kalaeloa (due to a 28 MW increase in capacity).  The net impact on imputed debt of these 
contract changes was not significant. 
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before, which negatively impacts the Company’s financial risk profile and credit 1 

quality.          2 

EITF 01-8 -- Leases  3 

Q. What is EITF 01-8? 4 

A. EITF 01-8 specifies criteria under which service contracts, such as PPAs, are 5 

determined to be lease arrangements and subject to the requirements of Statement 6 

of Accounting Standards No. 13, “Accounting for Leases”.  See KPMG 7 

publication entitled “Lease Arrangements Have Broadened” in Docket No. 04-8 

0113 (HECO 2005 test year rate case), HECO-2113, pages 1 to 3, filed on 9 

November 12, 2004. 10 

Q. How has EITF 01-8 impacted HECO? 11 

A. EITF 01-8 applies prospectively to arrangements agreed to, modified, or acquired 12 

after May 28, 200338.  Therefore, EITF 01-8 affects contemplated new 13 

arrangements and contemplated modifications to existing arrangements.  The 14 

major threat to HECO’s capital structure is the possibility that a PPA will be 15 

deemed an “arrangement containing a lease” and that the lease may be deemed to 16 

be a capital lease.  Capital leases are considered a form of debt which would result 17 

in additional leverage being included in HECO’s capital structure.   18 

  Of its existing PPAs, the Kalaeloa contract is not considered within the 19 

scope of the EITF 01-8 due to its levels of steam sales, and reassessments of the 20 

AES Hawaii and HPOWER contracts have not been triggered.39  Any amendment 21 
                                                           
38 The consensus in this Issue should be applied to (a) arrangements agreed to or committed to, if earlier, 
after the beginning of an entity’s next reporting period beginning after May 28, 2003, (b) arrangements 
modified after the beginning of an entity’s next reporting period beginning after May 28, 2003, and (c) 
arrangements acquired in business combinations initiated after the beginning of an entity’s next reporting 
period beginning after May 28, 2003.  EITF 01-8 par. 16. 
39 A reassessment of whether the arrangement contains a lease after the inception of the arrangement shall 
be made only if (a) there is a change in the contractual terms, (b) a renewal option is exercised or an 
extension is agreed to by the parties to the arrangement, (c) there is a change in the determination as to 
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to the existing contracts would trigger a reassessment under EITF 01-8.  If it is 1 

probable that the arrangement would be deemed a lease, and probable that the 2 

lease would be deemed a capital lease, the costs of rebalancing HECO’s capital 3 

structure would be taken into consideration in evaluating the cost of the 4 

amendment. 5 

  Additionally, potential new arrangements are evaluated to determine 6 

whether they may be capital lease arrangements.  If a potential agreement is likely 7 

to be a capital lease, its implications on the debt ratio will be considered and the 8 

potential costs of utilizing the Company’s debt capacity would be considered in 9 

the evaluation of the agreement’s costs.  10 

FIN 46R -- Consolidation  11 

Q. What is FIN 46R? 12 

A. FIN 46R is an interpretation of Accounting Research Bulletin No. 51, 13 

“Consolidated Financial Statements”.  It changed the criteria used to determine 14 

whether and how certain relationships should be reported on consolidated 15 

financial statements.  The primary objective of FIN 46R is to provide guidance on 16 

the identification of, and financial reporting for, entities over which control is 17 

achieved through means other than voting rights.  Entities meeting certain specific 18 

criteria are deemed “variable interest entities” (“VIE”).  If an entity is determined 19 

to be a VIE, HECO must determine whether or not HECO is the “primary 20 

beneficiary”.  “Primary beneficiary” is the enterprise that will absorb a majority of 21 

the entity’s expected losses, if they occur, or receive a majority of the entity’s 22 

expected residual returns, if they occur, or both.  The primary beneficiary must 23 

consolidate the VIE.  See summary section of FIN 46R in Docket No. 04-0113 24 
                                                                                                                                                                           
whether or not fulfillment is dependent on specified property, plant, or equipment, or (d) there is a 
substantial physical change to the specified property, plant, or equipment.  EITF 01-8, par.13. 
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(HECO 2005 TY rate case), HECO-2114, pages 1 to 3, filed on November 12, 1 

2004. 2 

Q. How does FIN 46R impact HECO’s accounting treatment of PPAs? 3 

A. Assessment of the potential impact of FIN 46R on HECO’s PPAs is ongoing.  4 

HECO has requested information from the IPPs with whom it has existing PPAs.  5 

Of the three largest IPPs:  6 

1. HPOWER was determined to be excluded from the scope of FIN 46R40, 7 

2. AES Hawaii, Inc. (“AES Hawaii” or “AES”) has declined to provide 8 

information41, and  9 

3. Kalaeloa Partners, L.P. (“Kalaeloa”) was evaluated under FIN 46R and 10 

HECO determined that consolidation of the Kalaeloa PPA is not required. 11 

 Additionally, the potential impact of FIN46R is considered before any new 12 

arrangements are entered into or any modifications are made to existing contracts.  13 

Under FIN 46R, HECO is not required to apply FIN 46R to contracts entered into 14 

before December 31, 2003, if HECO has made an exhaustive effort to obtain the 15 

necessary information to evaluate the seller.  This provision does not apply to new 16 

or modified contracts. 17 

Q. What is the potential impact of consolidation of a seller on HECO’s financial 18 

statements as a result of FIN 46R? 19 

A. The consolidation of any significant IPP (new or existing) could have a material 20 
                                                           
40 FIN 46R specifies that entities deemed “governmental organization” are not within the scope of FIN 
46R.  HPOWER is a governmental organization as defined by FIN 46R. 
41 FIN 46R specifies:  “An enterprise with an interest in a variable interest entity or potential variable 
interest entity created before December 31, 2003, is not required to apply this Interpretation to that entity 
if the enterprise, after making an exhaustive effort is unable to obtain the information necessary to (1) 
determine whether the entity is a variable interest entity, (2) determine whether the enterprise is the 
variable interest entity’s primary beneficiary, or (3) perform the accounting required to consolidate the 
variable interest entity for which it is determined to be the primary beneficiary.  This inability to obtain 
the necessary information is expected to be infrequent, especially if the enterprise participated 
significantly in the design or redesign of the entity.” 
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effect on HECO’s consolidated financial statements, including the recognition of a 1 

significant amount of assets and liabilities.  The debt of the seller will be shown as 2 

debt on HECO’s balance sheet and the equity of the seller will be shown as 3 

minority interests.  This will negatively impact HECO’s financial ratios.  4 

Furthermore, if such a consolidated IPP were operating at a loss and had 5 

insufficient equity, the potential recognition of such losses could be cause for 6 

investor concern, thus increasing the Company’s business risk.   7 

Q. What is the potential impact of consolidation of a seller on HECO’s ability to 8 

comply with Securities and Exchange Commission (“SEC”) reporting 9 

requirements? 10 

A. If consolidation under FIN 46R is required, HECO management must assess the 11 

IPP’s internal controls over financial reporting in order to comply with section 12 

404 of the Sarbanes-Oxley Act of 2002.  The Company’s independent certified 13 

public accountant (“CPA”) must also certify management’s internal control 14 

assessment process as well as perform its own testing of internal controls.  HECO 15 

has publicly-traded securities registered with the SEC and must provide financial 16 

statements certified by a CPA in its registration statements filed with the SEC.  17 

The inability to provide certified financial statements (including attestation to 18 

internal controls) may result in SEC action against the Company.  19 

Summary of Business Risks  20 

Q. How do HECO’s business risks impact its capital structure? 21 

A. Increased business risks have increased the pressure to reduce financial risk in 22 

order to maintain the Company’s credit rating.  Since HECO cannot control much 23 

of the business risk it faces, HECO must be resolute in controlling its financial 24 

risk.  The primary means of reducing its financial risk is by increasing or, at 25 

minimum, maintaining the proportion of equity in its capital structure. 26 
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Financial Risk 1 

Q. What do rating agencies consider in evaluating financial risk? 2 

A. Financial risk considerations include financial characteristics, financial policy, 3 

profitability, capital structure, cash flow protection and financial flexibility. 4 

Financial Ratios 5 

Q. How do rating agencies measure financial risk? 6 

A. To assess the financial risk of a company, the rating agencies examine a number 7 

of measures, including the following42: 8 

1) Funds from operations/total debt – measure of ability to pay total debt from 9 

operational revenues. 10 

2) Funds from operations/interest coverage – measure of ability to pay interest 11 

from operational revenues. 12 

3) Total debt to total capital – measure of the financial leverage used by the 13 

company. 14 

Q. How does S&P use these ratios in determining the Company’s credit rating? 15 

A. Financial ratios are used, along with qualitative analyses, to determine a financial 16 

risk profile: 17 

 18 
Financial Risk Indicative Ratios – U.S. Utilities 
(Fully adjusted, historically demonstrated, and expected to consistently 
continue) 
 Cash flow Debt leverage 

 (FFO/debt)(%) (FFO/interest)(x) 
(Total 
debt/capital)(%) 

Modest 40-60 4.0-6.0 25-40 
Intermediate 25-45 3.0-4.5 35-50 
Aggressive 10-30 2.0-3.5 45-60 
Highly leveraged Below 15 2.5 or less Over 50 

The financial risk profile evaluated in combination with the business risk profile is 19 
                                                           
42 Discussion is focused on ratios as calculated by S&P because they are more transparent as to how they 
calculate the ratios and how the ratios impact credit ratings. 
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indicative of a given rating: 1 

 2 
Business Risk/Financial Risk 
 Financial Risk Profile 
Business Risk 
Profile Minimal Modest Intermediate Aggressive 

Highly 
leveraged 

Excellent AAA AA A BBB BB 
Strong AA A A- BBB- BB- 
Satisfactory A BBB+ BBB BB+ B+ 
Weak BBB BB- BB+ BB- B 
Vulnerable BB B+ B+ B B- 

Further, S&P is quick to note that the rating indicated by the assigned business 3 

and financial risk profiles are evaluated in conjunction with other qualitative 4 

factors in determining its credit rating.43 5 

Q. What business risk and financial risk profile has S&P currently assigned to 6 

HECO? 7 

A. S&P currently classifies HECO as “strong” business risk and “aggressive” 8 

financial risk.44  This profile indicates an implied rating of BBB- based on the 9 

table above, representing a midpoint for a utility with those designations, the full 10 

range being BBB, BBB-, and BB+.  However, S&P has other considerations in 11 

their credit rating analysis and has assigned HECO a corporate credit rating at the 12 

top of that range at BBB (one notch higher than BBB-).  A graphic presentation of 13 

the ratings scale is presented in HECO-2016. 14 

Q. What are HECO’s theoretical ratios based on the test year projections? 15 

A. HECO’s theoretical ratios are provided on HECO-2016.   16 

Q. What are the implications of HECO’s theoretical ratios for the 2009 test year? 17 

A. A comparison of HECO’s theoretical ratios to the financial guidelines applicable 18 
                                                           
43 S&P Ratings Direct “U.S. Utilities Ratings Analysis Now Portrayed in the S&P Corporate Ratings 
Matrix” dated November 30, 2007 filed as HECO-2014. 
44 S&P Ratings Direct “U.S. Regulated Electric Utilities, Strongest to Weakest” dated June 2, 2008 filed 
as HECO-2015. 
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to HECO is shown on HECO-2016.   1 

Without rate relief (at current rates), HECO’s credit ratings with its business 2 

profile of “strong” would line up as follows within S&P’s financial risk 3 

parameters: 4 

• The funds from operations/total debt ratio of 12% is indicative of a BB+ 5 

rating; 6 

• The funds from operations/interest coverage ratio of 3.0x is indicative of a 7 

rating on the borderline between BBB and BBB-; 8 

• The total debt/total capital ratio of 56% is indicative of a rating of BB+. 9 

In general, without rate relief, S&P’s financial guidelines would point to a BBB- 10 

credit rating for the Company, one notch below its current corporate credit rating. 11 

With rate relief (with the CIP1 Generating Unit step increase):  12 

• The funds from operations/total debt ratio of 17% would be indicative of a 13 

BBB- rating;    14 

• The funds from operations/interest coverage ratio of 3.9x would be indicative 15 

of a BBB+ rating;  16 

• No change to the total debt/total capital ratio of 56% would be indicative of a 17 

BB+ rating.  18 

A “strong” business risk profile with these theoretical financial ratios would likely 19 

be at the BBB rating level, consistent with HECO’s current rating status.  Because 20 

the total debt/total capital ratio is not directly impacted by rate relief, it does not 21 

change and continues to be a drag on the Company’s credit profile.  Improvement 22 

in this ratio could result from a reduction in imputed debt.  Ratios based on a 23 

reduction in imputed debt are presented later in my testimony.  The funds from 24 

operations/total debt and funds from operations interest coverage ratios show clear 25 

improvement resulting from rate relief.  Rate relief is necessary to at least support 26 
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the Company’s current BBB credit rating.  S&P’s financial evaluation will be 1 

based on the Company’s actual financial results; therefore, timely rate relief and 2 

mechanisms which align cost recovery with cost incurrence will improve the 3 

Company’s potential to realize actual financial results consistent with what is 4 

allowed in this rate case.   5 

Q. How does the Company’s capital structure affect its financial risk? 6 

A. Companies that have more debt (less equity) are deemed to have higher financial 7 

risk than companies that have less debt (more equity).   8 

Q. What adjustments to debt amounts reported on the Company’s financial 9 

statements do credit rating agencies make? 10 

A. S&P has indicated that they make adjustments in two areas: 11 

1) Imputed debt for PPAs and operating leases 12 

The credit rating agencies have determined that certain obligations of the 13 

Company that are not reported as liabilities on the Company’s balance sheet 14 

should be reflected as debt in the ratios used to evaluate the Company’s risk 15 

profile.  In order to capture the risks associated with these obligations, the 16 

credit rating agencies calculate “imputed debt.”  In HECO’s case, the credit 17 

rating agencies impute debt for its PPAs and long-term operating lease 18 

obligations.  Earlier in my testimony, I described the S&P methodology for 19 

calculating imputed debt related to PPAs and the significant impact it has on 20 

the ratios analyzed by S&P in determining the Company’s credit rating. 21 

2) Equity credit for hybrid securities and debt adjustment for preferred stock 22 

Hybrid securities and preferred stock have certain features that are equity-23 

like and certain features that are debt-like.  In calculating ratios, S&P treats 24 

hybrids as debt, but gives some equity credit for the hybrids.  The equity 25 

aspects of the hybrids decline over time.  Further, S&P generally accords 26 
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some debt treatment to preferred stock, depending on the features of the 1 

issuance.    2 

Q. What is the impact of the imputed debt for the PPAs on HECO’s total debt to total 3 

capitalization ratio? 4 

A. The imputed debt for HECO’s PPAs increases its December 31, 2009 total debt to 5 

total capitalization ratio from 44%45 to 56%46. 6 

Q. What can be done to mitigate this negative impact on HECO’s total debt to total 7 

capitalization ratio? 8 

A. Based on discussions with S&P, greater assurance of cost recovery of all 9 

purchased power costs may reduce the risk factor that they apply to HECO’s 10 

power purchase contracts.  It appears unlikely that they would completely 11 

eliminate the imputed debt, however reduction to a 25% risk factor may be 12 

possible. 13 

Q. What would be the impact if a purchased power cost recovery mechanism reduced 14 

S&P’s risk factor designation for HECO’s existing power purchase agreements 15 

from 50% to 25%? 16 

A. As I discussed earlier, the use of a purchased power cost recovery mechanism may 17 

reduce S&P’s risk factor for the Company’s power purchase agreements from 18 

50% to 25%.  The reduction in risk factor would reduce the imputed debt.  The 19 

reduction in imputed debt could be used to:  1) improve credit quality or 2) 20 

increase the proportions of debt in the Company’s capital structure, or 3) some 21 

combination of the two.   22 

If all the reduction in the risk factor was used to improve credit quality, it 23 

would improve all three ratios, 47 as adjusted by S&P.  The Company’s funds from 24 
                                                           
45 HECO-WP-2016 pages 5 and 10 of 18. 
46 HECO-2016. 
47 WP-2016, pages 11 to 13 of 18. 



HECO T-20 
DOCKET NO. 2008-0083 
PAGE 50 OF 70 

 

 

operations/total debt ratio would improve from 17% to 21%, and would be 1 

consistent with a BBB- rating.  The Company’s funds from operations/interest 2 

coverage ratio would improve from 3.9x to 4.6x and equate to a rating in the A 3 

category.  The Company’s total debt/total capitalization (with adjustment for 4 

purchased power imputed debt) would decline from 56% to 51%, consistent with 5 

a BBB- rating.  In general, with the requested rate relief and if the imputed debt 6 

risk factor were decreased to 25%, HECO’s financial ratios improve significantly 7 

as shown on HECO-2016 so as to easily sustain the Company’s current BBB 8 

rating, with the potential for further improvement.  Improvement in HECO’s 9 

credit ratings could lower the Company’s cost of capital, which translates into 10 

lower rates.    11 

 Alternatively, the reduction in risk factor (decrease in imputed debt) could 12 

be used to increase the proportion of actual debt in HECO’s capital structure.  13 

This would decrease the proportion of equity.  This would lower the weighted 14 

average cost of capital.   15 

Target Capital Structure 16 

Q. Why is it important for the Company to establish and maintain a sound capital 17 

structure? 18 

A. Whereas the Company has little control over many of the business risks it faces, 19 

the capital structure impact on financial risk is a risk that the Company can largely 20 

control. 21 

Q. What is the Company’s target capital structure? 22 

A. The Company hopes to manage its capital structure to maintain a ratio of 23 

combined preferred stock and common equity to total capitalization of about 58% 24 

for book purposes.   25 

Q. How did the Company establish its capital structure target? 26 
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A. The capital structure target was established to at least maintain HECO’s existing 1 

credit ratings.  HECO has ongoing discussions and periodic meetings with the 2 

credit rating agencies in order to stay informed of investor perceptions of the 3 

Company.  Feedback from the rating agencies was key in establishing this target. 4 

Q. How does the target capital ratio compare to what was allowed by the 5 

Commission in HECO’s 1995 test year rate case, Docket No. 7766? 6 

A. In D&O No. 14412 in Docket No. 7766, the Commission established rates based 7 

on a capital structure of:   8 

Short-term Debt    5.46% 9 
Long-term Debt  38.76% 10 
Preferred Stock    6.98% 11 
Common Equity.  48.81% 12 

Over the years since 1995, HECO’s business and financial risks have 13 

increased.  In response to the increase in risks, HECO has found it necessary for 14 

the proportion of equity to increase.  On several occasions over the past several 15 

years, HECO has received indications from the rating agencies that lower credit 16 

ratings were being considered unless HECO was able to increase its equity in the 17 

capital structure. 18 

Q. How does the target capital ratio compare to the final D&O issued by the 19 

Commission on May 1, 2008 in HECO’s 2005 test year rate case (Docket No. 04-20 

0113)? 21 

A. In the D&O No. 24171, Docket No. 04-0113, the Commission established rates 22 

based on a capital structure of: 23 

Short-term Debt    3.25% 24 
Long-term Debt  36.81% 25 
Hybrid Securities    2.37% 26 
Preferred Stock    1.78% 27 
Common Equity  55.79%  28 

The combined preferred stock and common equity proportions from HECO’s 29 
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2005 test year rate case was 57.57% (1.78% + 55.79% = 57.57%).  The target of 1 

58% combined preferred stock and common equity is a slight increase in the 2 

proportion of combined preferred stock and common equity over what was used to 3 

determine rates in HECO’s 2005 test year rate case. 4 

SOURCES OF INVESTOR FUNDS 5 

Q. What are the Company’s sources of capital funds? 6 

A. The Company has the following sources of capital funds:   7 

1) Short-Term Borrowings, 8 

2) Long-Term Borrowings, 9 

3) Hybrid Securities, 10 

4) Preferred Stock, and 11 

5) Common Stock. 12 

Q. Please describe the Company’s short-term borrowings. 13 

A. The Company’s short-term borrowings are from HELCO, MECO, HEI, or 14 

through the issuance of commercial paper.  Funds are borrowed from other 15 

corporate entities for terms from a few days up to one year.  Access to 16 

commercial paper markets is generally limited to borrowers that have sufficiently 17 

high credit ratings.  As I discussed earlier in my testimony, maintaining HECO’s 18 

credit rating is essential to assure continued access to the commercial paper 19 

market. 20 

Q. Please describe the Company’s long-term borrowings. 21 

A. The Company’s long-term borrowings consist of revenue bonds issued by the 22 

State of Hawaii.  The proceeds of the revenue bond issuances are loaned to HECO 23 

by the State.  HECO is obligated to repay the interest and principal of the bonds.  24 

Interest income to revenue bondholders is generally not taxable for Federal and 25 

State of Hawaii income tax purposes, therefore investors are willing to accept 26 
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lower interest rates than taxable investments.  Ratepayers benefit through the 1 

lower cost source of funds, as will be more fully described later in my testimony 2 

when I discuss the revenue bond savings calculations. 3 

Q. Please describe the revenue bond issuance that is reflected in the Company’s long-4 

term borrowings for the 2009 test year.  5 

A. At the time the estimates were prepared, the Company assumed it would issue $60 6 

million of revenue bonds, at a 6.5% interest rate.  An application for the approval 7 

of the revenue bond financing is expected to be filed with the Commission later 8 

this year. 9 

Q. Please describe the Company’s hybrid securities. 10 

A. Hybrid securities have some debt-like features and some equity-like features, 11 

hence the name “hybrid”.  HECO’s hybrid securities consist of junior 12 

subordinated deferrable interest debentures (“QUIDS”).  The QUIDS are sold to 13 

trusts which exist for the purpose of issuing cumulative quarterly income 14 

preferred securities (“QUIPS”).  The QUIPS have features similar to the QUIDS 15 

and are sold to third parties.  An illustration of the transaction is shown in 16 

HECO-2117 of Docket No. 04-0113 (HECO 2005 test year rate case) filed on 17 

November 12, 2004.  QUIDS have a lower after-tax cost than preferred stock 18 

because the periodic interest payments are deductible from taxable income, as are 19 

interest payments on traditional long-term debt.  The equity-like features of the 20 

QUIDS are that they are deeply subordinated, have long maturity, and have a 21 

feature that permits the deferral of payments for a period of time. 22 

Q. Please describe the Company’s preferred stock. 23 

A. Preferred stock issuances have stated dividend rates and may have sinking fund 24 

redemption provisions.  Preferred dividends must be paid before dividends to the 25 

common shareholder can be paid. 26 
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Q. Please describe the preferred stock issuance that is reflected in the Company’s 1 

long-term borrowings for the 2009 test year.  2 

A. At the time the estimates were prepared, the Company assumed it would issue $80 3 

million of preferred stock, at an 8.5% dividend rate.  An application for the 4 

approval of the preferred stock financing is expected to be filed with the 5 

Commission later this year. 6 

Q. Please describe the Company’s common equity. 7 

A. As a wholly-owned subsidiary of HEI, the Company’s common equity balance 8 

consists of the funds invested by its shareholder as well as income earned by the 9 

shareholder, but not distributed to it (retained earnings).   10 

CAPITAL STRUCTURE 11 

Q. How did you estimate the balances of each of the sources of investor funds? 12 

A. We started with the recorded balances as of December 31, 2007, and estimated 13 

changes in 2008 and 2009. 14 

Q. How were the changes estimated? 15 

A. The estimate of changes was derived from the sources and uses of investor funds 16 

(e.g., earnings and capital expenditures) and new issuances of external financing. 17 

Q. How is HECO’s external financing plan determined? 18 

A. The Company’s external financing plan is structured to achieve the sound capital 19 

structure discussed earlier in my testimony.  20 

Short-Term Borrowing Balance 21 

Q. What is the average short-term borrowing balance for test year 2009? 22 

A. The Company estimates average short-term borrowings of $22 million.  The 23 

calculation of the average balance is shown on HECO-2002. 24 

Q. How was the average annual short-term debt amount for test year 2009 computed? 25 

A. The average short-term debt amount was computed by averaging the estimated 26 
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short-term debt balances at the end of 2008 and 2009. 1 

Q. How was the year-end 2008 and 2009 short-term debt balance estimated? 2 

A. We started with the recorded short-term debt balance as of December 31, 2007.  3 

An adjustment was made for the estimated change in 2008 to come to an 4 

estimated year-end 2008 balance.  The estimated year-end 2008 balance was then 5 

adjusted for estimated changes in 2009 to come to an estimated year-end 2009 6 

balance. 7 

Long-Term Borrowing Balance 8 

Q. What is the average long-term borrowing balance for test year 2009? 9 

A. The Company estimates average long-term borrowings of $562 million for the 10 

2009 test year.  The detailed list of revenue bond issuances, and other adjustments 11 

that constitute the average balance, are shown on HECO-2003. 12 

Q. How was the average annual long-term debt amount for test year 2009 computed? 13 

A. The average long-term debt amount was computed by averaging the net proceeds 14 

of long-term debt at the end of 2008 and 2009. 15 

Q. How were the year-end 2008 and 2009 net proceeds of long-term debt balances 16 

estimated? 17 

A. We began with the long term debt balance as of December 31, 2007.  Based on the 18 

expected financing needs of the Company, the terms of the debt currently 19 

outstanding, and the prevailing interest rates, we anticipate that HECO would 20 

have one revenue bond issuance of $60 million in 2009.    21 

We then calculated the net proceeds as of year-end 2008 and 2009.  The net 22 

proceeds are equal to the face amount, or par value, of the securities, less any 23 

unamortized balances of:  24 

1) issuance costs,  25 

2) issuance discounts,  26 
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3) revenue bond investment differentials, and  1 

4) redemption costs. 2 

Q. What are issuance costs? 3 

A. Issuance costs are costs incurred as a result of selling securities.  They include 4 

legal costs, insurance costs, printing costs, underwriters’ fees, and other 5 

miscellaneous costs of issuing the securities, including the issuance cost related to 6 

the Company’s syndicated credit facility. 7 

Q. What is the syndicated credit facility (“SCF”)? 8 

A. The SCF is a single credit agreement with a group of eight lenders that 9 

collectively aggregate $175 million in revolving commitments to lend to HECO 10 

under the single credit agreement.  The SCF issuance costs are being amortized 11 

over a 5-year period (equivalent to the 5-year term of the SCF agreement). 12 

Q. Why is the SCF issuance cost included in determining the net proceeds for long-13 

term debt in the cost of capital calculation? 14 

A. The SCF issuance cost relates to the cost of establishing financing for the 15 

Company.  Thus, the credit facility will be available for the Company to back-up 16 

its commercial paper program and borrow over the 5-year period. 17 

Q. What are issuance discounts? 18 

A. Issuing a security at a discount means that it was sold for less than its face value.  19 

At maturity, the full face value will be paid to the bondholder.  This approach is 20 

attractive to certain buyers who are willing to take the security at a lower effective 21 

interest rate in order to get the capital appreciation from the discounted price to 22 

the par value at maturity. 23 

Q. Why are bonds sometimes sold at a discount? 24 

A. Selling at a discount can sometimes reduce the effective cost of the bonds, 25 

including the amortization of the issuance discount. 26 
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Q. What are revenue bond investment differentials? 1 

A. The proceeds from revenue bond sales are put in a construction fund administered 2 

by a Trustee.  “Drawdowns” from the fund are made for qualified projects.  The 3 

undrawn proceeds left in the construction fund are invested and earn interest 4 

income until they are needed to fund projects.  At the same time, interest 5 

payments must be made to the revenue bond holders for all of the revenue bonds, 6 

including those bonds that provided money still in the construction fund.  The 7 

investment differential is effectively the difference between the earnings and the 8 

interest costs of the undrawn proceeds in the construction fund. 9 

Q. What are the possible types of revenue bond investment differentials? 10 

A. Revenue bond investment differentials can result in any of these situations: 11 

1) “net expense”, or negative investment differential -- interest income is less 12 

than the interest expense associated with the undrawn proceeds; 13 

2) “net income”, or positive investment differential -- interest income is more 14 

than the interest expense associated with the undrawn proceeds; or 15 

3) No investment differential -- net expense equals net income. 16 

HECO-WP-2003 p. 4 shows details of the revenue bond investment differentials. 17 

Q. What are redemption costs? 18 

A. Redemption costs are incurred as a result of redeeming securities early (before 19 

their maturity dates) in order to achieve cost savings by replacing existing 20 

securities with less expensive securities.  When the Company redeems a security 21 

before its maturity date, it is usually required to pay to the holder of the security 22 

its par value plus an additional amount called a redemption premium.  23 

Redemption costs include redemption premiums and other miscellaneous costs 24 

such as legal and trustee fees. 25 

Q. What are “drawndown amounts”? 26 
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A. The proceeds from revenue bond sales are put in a construction fund administered 1 

by a Trustee.  “Drawdowns” from the fund are made for qualified expenditures.  2 

“Drawndown amounts” refer to the disbursements from the fund to the Company. 3 

Q. Why are some funds left undrawn? 4 

A. Funds are left in the construction fund when there are no qualified expenditures to 5 

support the disbursement from the fund or it is not economic to support the 6 

disbursement from the fund with a specific project due to tax consequences.   7 

Q. Why does HECO sometimes sell bonds before it needs the money? 8 

A. HECO sometimes sells the bonds before it needs the money for several reasons:  9 

1) to obtain as much low cost tax-exempt financing as it can before possible 10 

changes in legislation curtail the availability of this form of financing; 11 

2) to secure an allocation of revenue bonds from the limited amount of revenue 12 

bond “cap” that the State of Hawaii Department of Budget and Finance 13 

receives each year; and 14 

3) to save costs; it generally costs less to do less frequent, larger sales, instead 15 

of several smaller sales. 16 

However, HECO would sell bonds only if it is projecting an eventual need for the 17 

funds.   18 

Q. Why are the net proceeds used to determine the average balance? 19 

A. We use the net proceeds because the net amount is all the funds from those 20 

security sales that provide cash available to be invested in assets. 21 

Hybrid Securities Balance 22 

Q. What is the average hybrid security balance for test year 2009? 23 

A. The Company estimates average hybrid securities of $28 million.  The hybrid 24 

security issuance that constitutes the average balance is shown on HECO-2004. 25 

Q. How was the average annual hybrid security amount for test year 2009 computed? 26 
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A. The average hybrid security amount was computed by averaging the net proceeds 1 

of hybrid securities at the end of 2008 and 2009. 2 

Q. How were the year-end 2008 and 2009 net proceeds of hybrid security balances 3 

estimated? 4 

A. We began with the balance as of December 31, 2007.  HECO does not anticipate 5 

any redemptions or new issuances to impact the hybrid securities balance in the 6 

remainder of 2008 or in 2009. 7 

We then calculated the net proceeds as of year-end 2008 and 2009.  The net 8 

proceeds for hybrid securities are equal to the face amount of the QUIDS less the 9 

investment in the trust subsidiary, less any unamortized balances of issuance costs 10 

and redemption costs. 11 

Preferred Stock Balance 12 

Q. What is the average preferred stock balance for test year 2009? 13 

A. The Company estimates average preferred stock of $59 million.  The detailed list 14 

of preferred stock issuances and adjustments which constitute the average balance 15 

is shown on HECO-2005. 16 

Q. How was the average annual preferred stock amount for test year 2009 computed? 17 

A. The average preferred stock amount was computed by averaging the net proceeds 18 

of preferred stock at the end of 2008 and 2009. 19 

Q. How were the year-end 2008 and 2009 net proceeds of preferred stock balances 20 

estimated? 21 

A. We began with the December 31, 2007 balances.  The Company anticipates a new 22 

issuance of $80 million of preferred stock in 2009.  In addition, the amortization 23 

of unamortized costs adjusts the 2008 and 2009 balances.  The net proceeds are 24 

equal to the face amount, or par value, of the preferred stock, less any 25 

unamortized balances of issuance costs.  26 
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Q. Why is the Company proposing to issue preferred stock in 2009? 1 

A. The Company proposes to issue preferred stock because maintaining a preferred 2 

stock component in the Company’s capital structure balances the costs and risks 3 

of the capital components.  Preferred stock is a cheaper form of financing than 4 

equity, but does not negatively impact the Company’s debt/total capitalization 5 

ratio as much as debt issuance does. 6 

Common Equity Balance 7 

Q. What is the average common equity balance for test year 2009? 8 

A. The Company estimates average common equity of $797 million.  The calculation 9 

of the average balance is shown on HECO-2006. 10 

Q. How was the average common equity amount for test year 2009 computed? 11 

A. The average common equity amount was computed by averaging the net proceeds 12 

of common equity for ratemaking at the end of 2008 and 2009. 13 

Q. How were the year-end 2008 and 2009 net proceeds of common equity balance 14 

estimated? 15 

A. We began with the recorded December 31, 2007 common equity balance.  The 16 

unamortized issuance cost of preferred stock and the accumulated other 17 

comprehensive income (“AOCI”) adjustment related to the non-qualified pension 18 

plans were restored (added back) to the recorded common equity balance.  The 19 

result is the common equity balance for ratemaking purposes as of December 31, 20 

2006.   21 

We then reflected the activity for 2008 and 2009 for the estimated net 22 

changes in accumulated retained earnings.  This calculation is shown in HECO-23 

2006. 24 

Restoration of Unamortized Preferred Stock Issuance Costs  25 

Q. Why is an amount of common equity equal to the unamortized preferred stock 26 
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issuance costs restored to the book common equity balance (included in 1 

“Restoration” on HECO-2006)? 2 

A. For financial statement purposes, the unamortized issuance costs of preferred 3 

stock are shown as a reduction to common equity.  For ratemaking purposes, 4 

however, they are shown as a deduction to preferred stock rather than common 5 

equity since these costs relate to preferred stock.  6 

Q. Has the Commission used this adjustment in the past in calculating the Company’s 7 

common equity balance? 8 

A. Yes.  In all final Decision and Orders for the Companies’ recent rate cases, the 9 

Commission used this adjustment to restore common equity. 10 

Capital Structure Summary 11 

Q. What capital structure is appropriate for the 2009 test year? 12 

A. An appropriate capital structure for the 2009 test year is comprised of: 13 

Short-term Debt    1.49% 14 
Long-term Debt  38.27% 15 
Hybrid Securities    1.89% 16 
Preferred Stock    4.05% 17 
Common Equity   54.30%  18 

 The combined preferred stock and common equity proportions (4.05% + 54.30% 19 

= 58.35%) meets the Company’s target capitalization of 58% combined preferred 20 

stock and common equity. 21 

CAPITAL COSTS 22 

Short-Term Borrowings 23 

Q. What is the estimated cost of short-term borrowings for the test year 2009? 24 

A. The cost of short-term borrowings for the test year 2009 is estimated to be 3.25%. 25 

Q. How was the cost of short-term borrowings determined? 26 

A. We began with the most recent Blue Chip Financial Forecast48 for three-month 27 
                                                           
48  Forecast dated June 1, 2008. 
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London Inter Bank Offered Rate (“LIBOR”) which forecasted quarterly rates for 1 

the first three quarters of 2009 of:  2.5%, 2.7%, and 3.0%.  We used the third 2 

quarter forecast as a proxy for the fourth quarter forecast since there was no fourth 3 

quarter forecast available.  We increased this three-month LIBOR rate by 40 basis 4 

points to reflect the typical spread between three-month LIBOR rates and HECO’s 5 

short-term borrowing rate, and thus rounded the estimate to 3.25%.   6 

Long-Term Borrowings 7 

Q. What is the estimated effective cost of long-term borrowings for the test year 8 

2009? 9 

A. The estimated effective cost of long-term borrowings for the test year 2009 is 10 

5.75%. 11 

Q. How was the effective cost of long-term borrowings determined? 12 

A. The effective cost of long-term borrowings was calculated by dividing (a) the total 13 

annual requirement for interest and the amortization of unamortized items by (b) 14 

the net proceeds received from the sale of the securities.  This calculation is 15 

shown on HECO-2003. 16 

Q. What makes up the annual requirements? 17 

A. The annual requirements consist of the annual interest expense, the annual 18 

amortization of various costs of issuing and carrying the security, and the annual 19 

insurance premiums.  The average annual requirements for the test year are shown 20 

in column (F) of HECO-2003. 21 

Q. How was the interest rate for the new revenue bond issuance estimated? 22 

A. We began with a current estimate (May 2008) from an investment banker of 23 

5.75%, added a percent (to reflect the forecasted rise in borrowing rates in 2009), 24 

and then adjusted the estimate downward to 6.5%.   25 

Q. What types of amortized costs are included in calculating the annual requirement? 26 
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A. Costs associated with financings that are incurred in only specific periods, but 1 

result in a benefit during the entire life of the security, are amortized.  Amortized 2 

costs include: 3 

1) issuance costs and issuance discounts,  4 

2) revenue bond investment differentials, and 5 

3) redemption costs, unamortized issuance costs for redeemed bonds, and 6 

unamortized investment income differential balances for redeemed bonds. 7 

Issuance Costs and Issuance Discounts 8 

Q. Why should ratepayers pay the costs of issuing bonds or issuing them at a 9 

discount? 10 

A. It is appropriate for ratepayers to pay for the issuance costs and issuance discounts 11 

because the ratepayers get the benefits from these actions.  12 

Revenue Bond Investment Differentials 13 

Q. How is the revenue bond investment differential treated for ratemaking purposes? 14 

A. The treatment of the revenue bond investment differential depends on whether 15 

there is net income or net expense. 16 

Q. When there is net income in the revenue bond investment differential, how is it 17 

accounted for in the effective cost of long-term debt? 18 

A. When there is net income, there are two possible situations: 19 

1) When net income does not have to be rebated to the IRS, the positive 20 

investment differential is amortized, effectively reducing the annual 21 

requirements of the bonds. 22 

2) When net income must be rebated to the IRS, the Company’s net proceeds 23 

available for use would be increased by any net income until it is rebated to 24 
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the IRS in five years.49  This was done for the Series 1988 revenue bonds.  1 

Since increased net proceeds, for the same annual requirement, means a 2 

lower effective cost of the bonds, customers would receive the benefit for 3 

the five years that any net income is held by the Company. 4 

Q. When there is net expense in the revenue bond investment differential, how does 5 

the revenue bond investment differential affect the annual requirements of the 6 

revenue bonds? 7 

A. When there is net expense, investment differentials are generally amortized (in 8 

proportion to the drawn funds) over the life of the revenue bonds. This effectively 9 

increases the annual requirements of the bonds. 10 

Redemption Costs and Unamortized Costs for Redeemed Bonds 11 

Q. Why should ratepayers pay the costs of redeeming bonds at a premium, 12 

unamortized issuance costs for redeemed bonds, and unamortized investment 13 

income differential balances for redeemed bonds? 14 

A. It is appropriate for ratepayers to pay for redemption premiums, unamortized 15 

issuance costs for redeemed bonds, and unamortized investment income 16 

differential balances for redeemed bonds because ratepayers get the benefits from 17 

the bond redemption.  When HECO pays a premium to refund a high interest rate 18 

bond early, the customers benefit from the lower rates of the new issuance. 19 

Q. Has the Commission included these types of costs in determining the effective 20 

costs of the Company’s securities in prior rate cases? 21 

A. Yes.  In all final Decision and Orders for the Companies’ recent rate cases, the 22 

Commission has included these types of costs in the effective cost calculation. 23 
                                                           
49 Generally, for revenue bonds issued after 1986, the net income must be rebated to the IRS (with some 
exceptions), with the first rebate payment due five years after the issue. 
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Hybrid Securities 1 

Q. What is the estimated cost of hybrid securities for the test year 2009? 2 

A. The estimated effective cost of hybrid securities for the test year 2009 is 7.41%. 3 

Q. How was the cost of hybrid securities determined? 4 

A. The effective cost of hybrid securities was calculated by dividing (a) the total 5 

annual requirement for interest and the amortization of unamortized items by (b) 6 

the net proceeds received from the sale of the securities.  This calculation is 7 

shown on HECO-2004. 8 

Preferred Stock 9 

Q. What is the estimated cost of preferred stock for the test year 2009? 10 

A. The estimated effective cost of preferred stock for the test year 2009 is 7.62%. 11 

Q. How was the cost of preferred stock determined? 12 

A. The effective cost of preferred stock was calculated by dividing (a) the total 13 

annual requirement for interest and the amortization of unamortized items by (b) 14 

the net proceeds received from the sale of the securities.  This calculation is 15 

shown on HECO-2005. 16 

Q. How was the dividend rate for the new preferred stock issuance estimated? 17 

A. We began with a current estimate (May 2008) from an investment banker of 18 

7.75%, added a percent (to reflect forecast rise in borrowing rates in 2009), and 19 

then adjusted the estimate downward to 8.5%.   20 

Common Equity 21 

Q. What would be a fair and reasonable rate of return on common stock equity to be 22 

used by the Commission in determining the revenue requirements in this docket? 23 

A. In HECO T-19, Dr. Roger Morin, a Professor of Finance and an expert in this 24 

area, has determined that a fair and reasonable return on common equity for 25 

HECO for test year 2009 would be 11.25%.  Dr. Morin did a comprehensive 26 
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analysis before arriving at his judgment on a fair and reasonable return on 1 

common equity for HECO.   2 

Q. Do you accept Dr. Morin’s conclusion that a fair return on common equity for 3 

HECO in this docket is 11.25%? 4 

A. Yes.  An allowed rate of return on equity of 11.25% should give the Company an 5 

opportunity to earn a fair and reasonable rate of return in the test year, assuming 6 

that the Company obtains adequate rate relief at the beginning of the test year.   7 

Capital Costs Summary 8 

Q. Ms. Sekimura, please summarize your testimony on costs of capital. 9 

A. The test year estimates of capital costs for the test year of:  short-term debt 3.25%, 10 

long-term debt 5.75%, hybrid securities 7.41%, preferred stock 7.62%, and 11 

common equity 11.25% are appropriate. 12 

DETAILED ANALYSIS OF HEI IMPACT NOT NEEDED 13 

Q. Has a comprehensive analysis of HEI’s impact on the Companies’ cost of capital 14 

been done before? 15 

A. Yes.  Dennis Thomas and Associates, an independent consultant, was hired to 16 

assist the Public Utilities Commission in its investigation of the effects of the 17 

relationship between HEI and HECO on the operations of HECO and its electric 18 

subsidiaries, HELCO and MECO, and their respective ratepayers.  In January 19 

1995, Dennis Thomas and Associates issued a report titled, “Review of the 20 

Relationship between Hawaiian Electric Industries and Hawaiian Electric 21 

Company” (the “Thomas Report”). 22 

Q. What did the Thomas Report conclude regarding the impact of HEI on the 23 

Companies’ cost of capital? 24 

A. The Thomas Report concluded the following: 25 

1) “Any impacts of diversification on the yield of HECO’s debt obligations 26 
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have likely been transitory and small.  Hence, there is no reason to believe 1 

that the debt costs reflected in HECO’s rates have been changed as a result 2 

of HEI’s past diversification activities.”  (Thomas Report, page 132) 3 

2) “Cost of equity witnesses in HECO rate cases have consistently based their 4 

estimates on HECO’s financial parameters and estimates for the cost of 5 

equity to comparable electric utilities . . . the policy of looking directly at 6 

HECO and comparable electric utilities, rather than HEI’s cost of equity, 7 

has served to insulate HECO’s ratepayers from any impact due to changes in 8 

HEI’s cost of equity.” (Thomas report, page 131) 9 

3) “ . . . diversification has not permanently raised or lowered the cost of 10 

capital incorporated into the rates that the utility’s customers pay.”  (Thomas 11 

Report, page 121) 12 

Q. Did the Commission adopt the Thomas Report? 13 

A. Yes.  The Commission adopted the Thomas Report in D&O No. 15225.  In its 14 

D&O, the Commission also adopted the Department of Defense’s 15 

recommendation that in rate proceedings the Companies “ . . . present 16 

comprehensive analysis of the impact that the holding company structure and 17 

investments in non-utility subsidiaries have on its cost of capital to the utility.”  18 

However, the Commission stated that it “ . . . will apply the recommendation on a 19 

case-by-case basis in the Utilities’ respective rate cases.” (emphasis added)  As a 20 

result, the Company’s understanding is that the Commission will determine 21 

whether a “comprehensive analysis of the impact that the holding company 22 

structure and investments in non-utility subsidiaries have” on the cost of capital of 23 

HECO should be done in this case. 24 

Q. In previous rate cases, what have the Companies done to address the issue as to 25 

whether such a comprehensive analysis should be done? 26 
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A. HECO, MECO and HELCO retained Mr. William E. Avera to address the issue in 1 

each of their latest rate cases [Docket No. 2006-0387 (MECO 2007 test year), 2 

Docket No. 2006-0386 (HECO 2007 test year), Docket No. 04-0113 (HECO 2005 3 

test year), Docket No. 97-0346 (MECO 1999 test year), Docket No. 05-0315 4 

(HELCO 2006 test year), Docket No. 99-0207 (HELCO 2000 test year), and 5 

Docket No. 97-0420 (HELCO 1999 test year)].  Mr. Avera was the Team Leader 6 

for Dennis Thomas and Associates with respect to those sections of the Thomas 7 

Report addressing cost of capital issues (including financial integrity and credit 8 

ratings).  Mr. Avera’s team assembled the material for Chapter 6 – Availability 9 

and Cost of Capital to HECO. 10 

Q. What was Mr. Avera’s conclusion? 11 

A. Mr. Avera’s conclusion is stated in each of his affidavits dated December 28, 12 

1997 (see MECO-1610 in Docket No. 97-0346), March 1, 1998 (see HELCO-13 

1610 in Docket No. 97-0420), October 7, 1999 (see HELCO-1710 in Docket No. 14 

99-0207), November 8, 2004 (see HECO-2118 in Docket No. 04-0113), May 1, 15 

2006 (see HELCO-1820 in Docket No. 05-0315), December 18, 2006 (see HECO-16 

1916 in Docket No. 2006-0386), and February 15, 2007 (see MECO-1720 in 17 

Docket No. 2006-0387).  In summary, through evaluations that focused primarily 18 

on events since the Thomas report was issued in January 1995, Mr. Avera arrived 19 

at the following conclusion: 20 

 “In conclusion, my review revealed no evidence that would alter the 21 
conclusions reached in the Thomas Report or indicate a fundamental change 22 
in investors’ perceptions of the relationship between HEI and HECO.  The 23 
comprehensive analyses conducted in preparing the Thomas Report required 24 
almost an entire year to complete and involved an exhaustive review of 25 
documents and extensive interviews with members of the investment 26 
community in Hawaii, on Wall Street, and in other financial centers.  Given 27 
that the findings of such a comprehensive review with respect to the 28 
availability and cost of capital to HEI and its utility subsidiaries would not 29 
be expected to be materially different from those adopted by the PUC in 30 
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December 1996, it is my opinion that the significant expenditure of time and 1 
money involved in conducting such a comprehensive review is not presently 2 
warranted.” 3 

Q. Did HECO, MECO and HELCO agree with Mr. Avera’s conclusions? 4 

A. Yes.  A “comprehensive” analysis, such as that done as part of the Thomas 5 

Report, was not conducted in connection with the HECO, MECO and HELCO 6 

rate cases. 7 

Q. Did the Commission require that a comprehensive analysis be conducted in any of 8 

those cases? 9 

A. None was required in the HECO 2005 test year rate case, MECO 1999 test year 10 

rate case, or the HELCO 2000 test year rate case.  Final orders in the HELCO 11 

2006 test year rate case and the HECO and MECO 2007 test year rate cases are 12 

currently pending.  The HELCO test year 1999 rate case was withdrawn in 1999. 13 

Q. What has HECO done to address the issue as to whether such a comprehensive 14 

analysis should be done in this case? 15 

A. HECO has again retained Mr. Avera. 16 

Q. What is Mr. Avera’s current conclusion? 17 

A. Mr. Avera’s conclusion is stated in his affidavit, a copy of which is attached as 18 

HECO-2017.   After conducting an evaluation that focused primarily on events 19 

since his last review in 2006, Mr. Avera concluded the same as in his past three 20 

affidavits – in part, “my review revealed no evidence that would alter the 21 

conclusions reached in the Thomas Report,” and “a comprehensive review is not 22 

presently warranted.” 23 

Q. Does HECO agree with Mr. Avera’s current conclusion? 24 

A. Yes.  A “comprehensive” analysis, such as that done as part of the Thomas 25 

Report, is not warranted in this case. 26 
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SAVINGS FROM REVENUE BONDS 1 

Q. H.R.S. Section 39A-208(b) requires that the Commission, in every rate case, make 2 

estimates of the savings to HECO’s customers resulting from the use of special 3 

purpose revenue bonds.  Have you prepared such an estimate for the Commission? 4 

A. Yes.  The savings estimate, along with an explanation of the savings calculation, 5 

is shown in HECO-2018. 6 

CONCLUSION 7 

Q. What is your conclusion regarding the fair rate of return on rate base for test year 8 

2009? 9 

A. My conclusion is that the rate of return on rate base found fair and reasonable by 10 

the Commission should not be less than its composite cost of capital, and that the 11 

Company's composite cost of capital in test year 2009 is expected to be 8.81%.  12 

The 8.81% composite cost of capital includes a rate of return on common equity 13 

of 11.25%, which is important to the maintenance of the Company's credit quality. 14 

Q. Does this conclude your testimony?  15 

A. Yes, it does.  16 
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(A) (B) = 
(A)/Total(A)

(C) (D) = 
(B)*(C)

WP Series 
Reference Amount

Percent of 
Total

Earnings 
Requirement

Weighted 
Earnings 

Requirements

Short-Term Debt WP-2002 21,951$        1.49% 3.25% 0.05%

Long-Term Debt WP-2003 561,940        38.27% 5.75% 2.20%

Hybrid Securities WP-2004 27,775          1.89% 7.41% 0.14%

Preferred Stock WP-2005 59,496          4.05% 7.62% 0.31%

Common Equity WP-2006 797,307        54.30% 11.25% 6.11%

Total Capitalization 1,468,469$    100.00% 8.81%

Estimated 2009 Test Year Composite Cost of Capital 8.81%

Totals may not add exactly due to rounding.

Capitalization

Hawaiian Electric Company, Inc.

Composite Embedded Cost of Capital
Test Year 2009 Average

($ Thousands)

Filename: HECO-2001 to 2007 & WPs 09 Cost of Cap.xls 2001 Composite
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($ Thousands)

WP Reference Total

Short-Term Borrowings as of December 31, 2007 WP-2002, p.1 (5,809)$            

2008 Estimated Net Change in Short-Term Borrowings HECO-2007 44,769             

Short-Term Borrowings as of December 31, 2008 38,960             (A)

2009 Estimated Net Change in Short-Term Borrowings HECO-2007 (34,018)            

Short-Term Borrowings as of December 31, 2009 4,942$             (B)

Test Year 2009 Average  = [(A)+(B)]/2 21,951$           

Earnings Requirement 3.25%

Annual Debt Requirement 713$               

Totals may not add exactly due to rounding.

Hawaiian Electric Company, Inc.

Short-Term Borrowings
Test Year 2009 Average

Filename: HECO-2001 to 2007 & WPs 09 Cost of Cap.xls 2002 STD
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Hawaiian Electric Company, Inc.

Embedded Cost of Long-Term Debt
Test Year 2009 Average

($ Thousands)

(A) (B) (C) = (A)*(B) (D) = 
WP-2003, p.2

(F) = (C)+(D)

Rate Net Proceeds Annual Interest

Annual 
Amortization 
& Insurance 

Premium
Annual 

Requirement

Special Purpose Revenue Bonds (Refunded Issue):
Series 1993 5.45% 50,000$          2,725$           89$               2,814$         
Series 1997A 5.65% 50,000 2,825 76 2,901
Refunding Series 1998A (1987) 4.95% 42,580 2,108 254 2,362
Refunding Series 1999B (1988) 5.75% 30,000 1,725 118 1,843
Series 1999C 6.20% 35,000 2,170 63 2,233
Refunding Series 1999D (1990A) 6.15% 16,000 984 115 1,099
Refunding Series 2000 (1990B&C) 5.70% 46,000 2,622 115 2,737
Series 2002A 5.10% 40,000 2,040 120 2,160
Refunding Series 2003B (1992) 5.00% 40,000 2,000 195 2,195
Refunding Series 2005A (1995A) 4.80% 40,000 1,920 158 2,078
Series 2007A 4.65% 100,000 4,650 127 4,777
Refunding Series 2007B (1996A&B) 4.60% 62,000 2,852 188 3,040
New Series 2009* 6.50% 30,000 1,950 10 1,960

581,580 30,571 1,628 32,199

Unamortized Costs, Revenue Bonds ** (19,081)

Unamortized Costs, First Mtg Bonds *** (494) 67                 67

Unamortized Costs, SCF **** (66) 37                 37

Test Year 2009 Average 561,940$       30,571$        1,732$          32,303$      

Effective Rate = Total(F)/Total(B) 5.75%

* New revenue bond issuance of $60 million expected in 2009.  Average test year balance of $30 million.

**

      
***  

****  

Totals may not add exactly due to rounding.

Long-Term Debt

Issuance costs, redemption costs, issuance discounts, and investment income differentials are included in this amount.  Refer to WP-
2003, p.1 for detail.

Unamortized costs relate to HECO's First Mortgage Bonds which were redeemed prior to December 31, 2007.  Refer to WP-2003, p.7 for 
First Mortgage Bonds unamortized costs.

Unamortized costs relate to HECO's share of the issuance costs for the Multi-year Syndicated Credit Facility (SCF).  Refer to WP-2003, 
p. 8 for SCF issuance costs.
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(A) (B) (C) = 
(A)*(B)

(D) = 
(A)*(B)

(E) (F) = 
(C)+(D)+(E)

Hybrid Security
Rate/ 

Return

2009 Test 
Year 

Average
Interest 
Expense

Equity in 
Net Income 

of Trust
Annual 

Amortization
Annual 

Requirement

Series 2004 6.50% 31,546$      2,051$        2,051$          

Investment in HECO Capital Trust III * 6.50% ** (1,546)         (101)$          (101)              

Unamortized Issuance Costs *** (2,225) 109$             109               

Test Year 2009 Average 27,775$      2,051$        (101)$          109$             2,059$          

Effective Rate = Total(F)/Total(B) 7.41%

*  Represents HECO's common stock investment in HECO Capital Trusts (Trusts), 
    unconsolidated subsidiaries of HECO.  The purpose of the Trusts, among other things, are
    to issue Trust securities and to invest the proceeds of the trust securities and common stock
    securities in Junior Subordinated Deferrable Interest Debentures, issued by HECO and its
    subsidiaries.

**  Estimated based on the 6.5% Cumulative Quarterly Income Preferred Securities, Series 2004 issued
    by HECO Capital Trust III.

***  Includes unamortized issuance costs of current and previously redeemed hybrid securities.  Refer to
     HECO-WP-2004, p.1.

Totals may not add exactly due to rounding.

Embedded Cost of Hybrid Securities

Hawaiian Electric Company, Inc.

Test Year 2009 Average
($ Thousands)

Filename: HECO-2001 to 2007 & WPs 09 Cost of Cap.xls 2004 Hybrid
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(A) (B) (C) = (A)*(B) (D) (E) = (C)+(D)

Preferred Stock Rate

2009 Test 
Year 

Average
Annual 

Dividends
Annual 

Amortization
Annual 

Requirement

Perpetual Series *:
Series C 4 1/4% 3,000$         128$                -$             128$             
Series D 5% 1,000 50 -               50
Series E 5% 3,000 150 -               150
Series H 5 1/4% 5,000 263 -               263
Series I 5% 1,793 90 -               90
Series J 4 3/4% 5,000 238 -               238
Series K 4.65% 3,500 163 -               163
New Series ** 8.50% 40,000 3,400 -               3,400

62,293 4,480 0 4,480

Unamortized Costs *** (2,797) 55                 55

Test Year 2009 Average 59,496$       4,480$             55$               4,535$          

Effective Rate = Total(E)/Total(B) 7.62%

* Represents preferred stock not subject to mandatory redemption.  Therefore, issuance costs are not amortized.

**  New preferred stock issuance of $80 million in 2009.  Test year average balance of $40 million.

***  Refer to WP-2005, p.1 for detail.

Totals may not add exactly due to rounding.

Hawaiian Electric Company, Inc.

Embedded Cost of Preferred Stock
Test Year 2009 Average

($ Thousands)
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WP Reference Total

Book Common Equity as of December 31, 2007 WP-2006, p.1 699,551$               

Restoration WP-2006 p.2 523                        

Reversal of AOCI adj related to nonqualified plans (812)                       

Common Equity Investment as of December 31, 2007 699,262                 

2008 Estimated Net Change in Retained Earnings HECO-2007 86,972                   

2008 Change in Restoration -                         

Common Equity as of December 31, 2008 (A) 786,234                 

2009 Estimated Net Change in Retained Earnings HECO-2007 19,747                   

2009 Change in Restoration 2,400                     

Common Equity as of December 31, 2009 (B) 808,381$               

Test Year 2009 Average  = [(A)+(B)]/2 797,307$               

Totals may not add exactly due to rounding.

Hawaiian Electric Company, Inc.

Common Equity
2009 Average
($ Thousands)

Filename: HECO-2001 to 2007 & WPs 09 Cost of Cap.xls 2006 Equity
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 Recorded 2007  Forecast 2008  Forecast 2009 
Application of Funds:

Capital Expenditures 143,095$                 205,047$                 205,453$                 
     Less:  CIAC & Advances 20,401                     10,178                     10,958                     
     Less:  AFUDC 6,550                       10,909                     15,837                     
Net Capital Expenditures 116,144$                 183,960$                 178,658$                 

Debt Redemption -$                         -$                         -$                         
Hybrid Redemption -                          -                          -                          

     Total Applications 116,144$                 183,960$                 178,658$                 

Sources of Funds:

Internal Sources:
     Retained Earnings 14,630$                   86,972$                   19,747$                   
     Depreciation & Amortization 84,576                     82,552                     83,522                     
     Deferred Taxes & ITC 17,678                     (881)                        (2,525)                      
     Other (Misc. Net Changes in Working Capital) (21,817)                    (45,100)                    (28,068)                    
Total Internal Sources 95,067$                   123,543$                 72,676$                   

External Sources:
     Increase (Decrease) in Short-Term Borrowings (64,516)$                  44,769$                   (34,018)$                  
     Drawdown of Revenue Bond Proceeds 85,593                     15,648                     60,000                     
     Preferred Stock Issuance -                          -                          80,000                     
     Temporary Investments -                          -                          -                          
Total External Financing 21,077$                   60,417$                   105,982$                 

     Total Sources 116,144$                 183,960$                 178,658$                 

Totals may not add exactly due to rounding.

Hawaiian Electric Company, Inc.

Sources and Applications of Funds
($ Thousands)

Filename: HECO-2001 to 2007 & WPs 09 Cost of Cap.xls 2007 S&A
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FORWARD-LOOKING STATEMENTS 

This report and other presentations made by Hawaiian Electric Industries, Inc. (HEI) and Hawaiian Electric Company, Inc. (HECO) and their subsidiaries 
contain “forward-looking statements,” which include statements that are predictive in nature, depend upon or refer to future events or conditions, and usually include 
words such as “expects,” “anticipates,” “intends,” “plans,” “believes,” “predicts,” “estimates” or similar expressions. In addition, any statements concerning future 
financial performance, ongoing business strategies or prospects and possible future actions are also forward-looking statements. Forward-looking statements are based 
on current expectations and projections about future events and are subject to risks, uncertainties and the accuracy of assumptions concerning HEI and its subsidiaries 
(collectively, the Company), the performance of the industries in which they do business and economic and market factors, among other things.  These forward-
looking statements are not guarantees of future performance. 

Risks, uncertainties and other important factors that could cause actual results to differ materially from those in forward-looking statements and from historical 
results include, but are not limited to, the following: 

• the effects of international, national and local economic conditions, including the state of the Hawaii tourist and construction industries, the strength 
or weakness of the Hawaii and continental U.S. real estate markets (including the fair value and/or the actual performance of collateral underlying 
loans and mortgage-related securities held by American Savings Bank, F.S.B. (ASB)) and decisions concerning the extent of the presence of the 
federal government and military in Hawaii; 

• the effects of weather and natural disasters, such as hurricanes, earthquakes, tsunamis and the potential effects of global warming; 

• global developments, including the effects of terrorist acts, the war on terrorism, continuing U.S. presence in Iraq and Afghanistan, potential conflict 
or crisis with North Korea and in the Middle East, Iran’s nuclear activities and potential avian flu pandemic; 

• the timing and extent of changes in interest rates and the shape of the yield curve; 

• the ability of the Company to access credit markets to obtain financing; 

• the risks inherent in changes in the value of and market for securities available for sale and in the value of pension and other retirement plan assets; 

• changes in assumptions used to calculate retirement benefits costs and changes in funding requirements; 

• increasing competition in the electric utility and banking industries (e.g., increased self-generation of electricity may have an adverse impact on 
HECO’s revenues and increased price competition for deposits, or an outflow of deposits to alternative investments, may have an adverse impact on 
ASB’s cost of funds); 

• capacity and supply constraints or difficulties, especially if generating units (utility-owned or independent power producer (IPP)-owned) fail or 
measures such as demand-side management (DSM), distributed generation (DG), combined heat and power (CHP) or other firm capacity supply-side 
resources fall short of achieving their forecasted benefits or are otherwise insufficient to reduce or meet peak demand; 

• increased risk to generation reliability as generation peak reserve margins on Oahu continue to be strained; 

• fuel oil price changes, performance by suppliers of their fuel oil delivery obligations and the continued availability to the electric utilities of their 
energy cost adjustment clauses (ECACs); 

• the ability of IPPs to deliver the firm capacity anticipated in their power purchase agreements (PPAs); 

• the ability of the electric utilities to negotiate, periodically, favorable fuel supply and collective bargaining agreements; 

• new technological developments that could affect the operations and prospects of HEI and its subsidiaries (including HECO and its subsidiaries and 
ASB and its subsidiaries) or their competitors; 

• federal, state and international governmental and regulatory actions, such as changes in laws, rules and regulations applicable to HEI, HECO, ASB 
and their subsidiaries (including changes in taxation, environmental laws and regulations, the potential regulation of greenhouse gas emissions and 
governmental fees and assessments); decisions by the Public Utilities Commission of the State of Hawaii (PUC) in rate cases (including decisions on 
ECACs) and other proceedings and by other agencies and courts on land use, environmental and other permitting issues (such as required corrective 
actions, restrictions and penalties that may arise, for example with respect to environmental conditions or renewable portfolio standards (RPS)); 
enforcement actions by the Office of Thrift Supervision (OTS) and other governmental authorities (such as consent orders, required corrective 
actions, restrictions and penalties that may arise, for example, with respect to compliance deficiencies under the Bank Secrecy Act or other regulatory 
requirements or with respect to capital adequacy); 

• increasing operation and maintenance expenses for the electric utilities, resulting in the need for more frequent rate cases, and increasing noninterest 
expenses at ASB; 

• the risks associated with the geographic concentration of HEI’s businesses; 

• the effects of changes in accounting principles applicable to HEI, HECO, ASB and their subsidiaries, including the adoption of new accounting 
principles (such as the effects of Statement of Financial Accounting Standards (SFAS) No. 158 regarding employers’ accounting for defined benefit 
pension and other postretirement plans and Financial Accounting Standards Board (FASB) Interpretation No. (FIN) 48 regarding uncertainty in 
income taxes), continued regulatory accounting under SFAS No. 71, “Accounting for the Effects of Certain Types of Regulation,” and the possible 
effects of applying FIN 46R, “Consolidation of Variable Interest Entities,” and Emerging Issues Task Force Issue No. 01-8, “Determining Whether 
an Arrangement Contains a Lease,” to PPAs with independent power producers; 

• the effects of changes by securities rating agencies in their ratings of the securities of HEI and HECO and the results of financing efforts; 
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• faster than expected loan prepayments that can cause an acceleration of the amortization of premiums on loans and investments and the impairment 
of mortgage servicing assets of ASB; 

• changes in ASB’s loan portfolio credit profile and asset quality which may increase or decrease the required level of allowance for loan losses; 

• changes in ASB’s deposit cost or mix which may have an adverse impact on ASB’s cost of funds; 

• the final outcome of tax positions taken by HEI, HECO, ASB and their subsidiaries; 

• the risks of suffering losses and incurring liabilities that are uninsured; and 

• other risks or uncertainties described elsewhere in this report and in other periodic reports (e.g., “Item 1A. Risk Factors” in the Company’s Annual 
Report on Form 10-K) previously and subsequently filed by HEI and/or HECO with the Securities and Exchange Commission (SEC). 

Forward-looking statements speak only as of the date of the report, presentation or filing in which they are made. Except to the extent required by the federal 
securities laws, HEI, HECO, ASB and their subsidiaries undertake no obligation to publicly update or revise any forward-looking statements, whether as a result of new 
information, future events or otherwise. 

iv
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RESEARCH

Standard & Poor’s Methodology For Imputing Debt
For U.S. Utilities’ Power Purchase Agreements
Publication date: 07-May-2007
Primary Credit Analyst: David Bodek, New York (1) 212-438-7969;

david_bodek@standardandpoors.com
Secondary Credit Analysts: Richard W Cortright, Jr., New York (1) 212-438-7665;

richard_cortright@standardandpoors.com
Solomon B Samson, New York (1) 212-438-7653;
sol_samson@standardandpoors.com

For many years, Standard & Poor's Ratings Services has viewed power supply agreements (PPA) in the
U.S. utility sector as creating fixed, debt-like, financial obligations that represent substitutes for
debt-financed capital investments in generation capacity. In a sense, a utility that has entered into a PPA
has contracted with a supplier to make the financial investment on its behalf. Consequently, PPA fixed
obligations, in the form of capacity payments, merit inclusion in a utility's financial metrics as though they
are part of a utility's permanent capital structure and are incorporated in our assessment of a utility's
creditworthiness.

We adjust utilities' financial metrics, incorporating PPA fixed obligations, so that we can compare
companies that finance and build generation capacity and those that purchase capacity to satisfy
customer needs. The analytical goal of our financial adjustments for PPAs is to reflect fixed obligations in
a way that depicts the credit exposure that is added by PPAs. That said, PPAs also benefit utilities that
enter into contracts with suppliers because PPAs will typically shift various risks to the suppliers, such as
construction risk and most of the operating risk. PPAs can also provide utilities with asset diversity that
might not have been achievable through self-build. The principal risk borne by a utility that relies on PPAs
is the recovery of the financial obligation in rates.

The Mechanics Of PPA Debt Imputation
A starting point for calculating the debt to be imputed for PPA-related fixed obligations can be found
among the "commitments and contingencies" in the notes to a utility's financial statements. We calculate
a net present value (NPV) of the stream of the outstanding contracts' capacity payments reported in the
financial statements as the foundation of our financial adjustments.

The notes to the financial statements enumerate capacity payments for the five years succeeding the
annual report and a "thereafter" period. While we have access to proprietary forecasts that show the
detail underlying the costs that are amalgamated beyond the five-year horizon, others, for purposes of
calculating an NPV, can divide the amount reported as "thereafter" by the average of the capacity
payments in the preceding five years to derive an approximate tenor of the amounts combined as the sum
of the obligations beyond the fifth year.

In calculating debt equivalents, we also include new contracts that will commence during the forecast
period. Such contracts aren't reflected in the notes to the financial statements, but relevant information
regarding these contracts are provided to us on a confidential basis. If a contract has been executed but
the energy will not flow until some later period, we won't impute debt for that contract until the year that
energy deliveries begin under the contract if the contract represents incremental capacity. However, to
the extent that the contract will simply replace an expiring contract, we will impute debt as though the
future contract is a continuation of the existing contract.

We calculate the NPV of capacity payments using a discount rate equivalent to the company's average
cost of debt, net of securitization debt. Once we arrive at the NPV, we apply a risk factor, as is discussed
below, to reflect the benefits of regulatory or legislative cost recovery mechanisms.

Standard & Poor's. All rights reserved. No reprint or dissemination without S&Ps permission. See Terms of Use/Disclaimer on the last page.
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Balance sheet debt is increased by the risk-factor-adjusted NPV of the stream of capacity payments. We
derive an adjusted debt-to-capitalization ratio by adding the adjusted NPV to both the numerator and the
denominator of that ratio.

We calculate an implied interest expense for the imputed debt by multiplying the same utility average cost
of debt used as the discount rate in the NPV calculation by the amount of imputed debt. The adjusted
FFO-to-interest expense ratio is calculated by adding the implied interest expense to both the numerator
and denominator of the equation. We also add implied depreciation to the equation's numerator. We
calculate the adjusted FFO-to-total-debt ratio by adding imputed debt to the equation's denominator and
an implied depreciation expense to its numerator.

Our adjusted cash flow credit metrics include a depreciation expense adjustment to FFO. This adjustment
represents a vehicle for capturing the ownership-like attributes of the contracted asset and tempers the
effects of imputation on the cash flow ratios. We derive the depreciation expense adjustment by
multiplying the relevant year's capacity payment obligation by the risk factor and then subtracting the
implied PPA-related interest expense for that year from the product of the risk factor times the scheduled
capacity payment.

Risk Factors
The NPVs that Standard & Poor's calculates to adjust reported financial metrics to capture PPA capacity
payments are multiplied by risk factors. These risk factors typically range between 0% to 50%, but can be
as high as 100%. Risk factors are inversely related to the strength and availability of regulatory or
legislative vehicles for the recovery of the capacity costs associated with power supply arrangements.
The strongest recovery mechanisms translate into the smallest risk factors. A 100% risk factor would
signify that all risk related to contractual obligations rests on the company with no mitigating regulatory or
legislative support.

For example, an unregulated energy company that has entered into a tolling arrangement with a
third-party supplier would be assigned a 100% risk factor. Conversely, a 0% risk factor indicates that the
burden of the contractual payments rests solely with ratepayers. This type of arrangement is frequently
found among regulated utilities that act as conduits for the delivery of a third party's electricity and
essentially deliver power, collect charges, and remit revenues to the suppliers. These utilities have
typically been directed to sell all their generation assets, are barred from developing new generation
assets, and the power supplied to their customers is sourced through a state auction or third parties,
leaving the utilities to act as intermediaries between retail customers and the electricity suppliers.

Intermediate degrees of recovery risk are presented by a number of regulatory and legislative
mechanisms. For example, some regulators use a utility's rate case to establish base rates that provide
for the recovery of the fixed costs created by PPAs. Although we see this type of mechanism as generally
supportive of credit quality, the fact remains that the utility will need to litigate the right to recover costs
and the prudence of PPA capacity payments in successive rate cases to ensure ongoing recovery of its
fixed costs. For such a PPA, we employ a 50% risk factor. In cases where a regulator has established a
power cost adjustment mechanism that recovers all prudent PPA costs, we employ a risk factor of 25%
because the recovery hurdle is lower than it is for a utility that must litigate time and again its right to
recover costs.

We recognize that there are certain jurisdictions that have true-up mechanisms that are more favorable
and frequent than the review of base rates, but still don't amount to pure pass-through mechanisms.
Some of these mechanisms are triggered when certain financial thresholds are met or after prescribed
periods of time have passed. In these instances, in calculating adjusted ratios, we will employ a risk factor
between the revised 25% risk factors for utilities with power cost adjustment mechanisms and 50%.

Finally, we view legislatively created cost recovery mechanisms as longer lasting and more resilient to
change than regulatory cost recovery vehicles. Consequently, such mechanisms lead to risk factors
between 0% and 15%, depending on the legislative provisions for cost recovery and the supply function
borne by the utility. Legislative guarantees of complete and timely recovery of costs are particularly
important to achieving the lowest risk factors.

Standard & Poor's. All rights reserved. No reprint or dissemination without S&Ps permission. See Terms of Use/Disclaimer on the last page.

Standard & Poor’s  | RatingsDirect Page 2 of 6
576981 | 300216375

HECO-2013 
DOCKET NO. 2008-0083 
PAGE 2 OF 6



Illustration Of The PPA Adjustment Methodology
The calculations of the debt equivalents, implied interest expense, depreciation expense, and adjusted
financial metrics, using risk factors, are illustrated in the following example:

Example Of Power-Purchase Agreement Adjustment

($000s) Assumption Year 1 Year 2 Year 3 Year 4 Year 5 Thereafter

Cash from operations 2,000,000

Funds from operations 1,500,000

Interest expense 444,000

Directly issued debt

Short-term debt 600,000

Long-term due within
one year

300,000

Long-term debt 6,500,000

Shareholder's Equity 6,000,000

Fixed capacity
commitments

600,000 600,000 600,000 600,000 600,000 600,000 4,200,000*

NPV of fixed capacity commitments

Using a 6.0% discount
rate

5,030,306

Application of an
assumed 25% risk factor

1,257,577

Implied interest
expense¶

75,455

Implied depreciation
expense

74,545

Unadjusted ratios

FFO to interest (x) 4.4

FFO to total Debt (%) 20.0

Debt to capitalization
(%)

55.0

Ratios adjusted for debt imputation

FFO to interest (x)§ 4.0

FFO to total debt (%)** 18.0

Debt to capitalization
(%)¶¶

59.0

*Thereafter approximate years: 7. ¶The current year's implied interest is subtracted from the product of the risk factor multiplied by the
current year's capacity payment. §Adds implied interest to the numerator and denominator and adds implied deprecation to FFO.
**Adds implied depreciation expense to FFO and implied debt to reported debt. ¶¶Adds implied debt to both the numerator and the
denominator. FFO--Funds from operations. NPV--Net present value.

Short-Term Contracts
Standard & Poor's has abandoned its historical practice of not imputing debt for contracts with terms of
three years or less. However, we understand that there are some utilities that use short-term PPAs of
approximately one year or less as gap fillers pending the construction of new capacity. To the extent that
such short-term supply arrangements represent a nominal percentage of demand and serve the purposes
described above, we will neither impute debt for such contracts nor provide evergreen treatment to such
contracts.
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Evergreen Treatment
The NPV of the fixed obligations associated with a portfolio of short-term or intermediate-term contracts
can lead to distortions in a utility's financial profile relative to the NPV of the fixed obligations of a utility
with a portfolio of PPAs that is made up of longer-term commitments. Where there is the potential for such
distortions, rating committees will consider evergreen treatment of existing PPA obligations as a scenario
for inclusion in the rating analysis. Evergreen treatment extends the tenor of short- and intermediate-term
contracts to reflect the long-term obligation of electric utilities to meet their customers' demand for
electricity.

While we have concluded that there is a limited pool of utilities whose portfolios of existing and projected
PPAs don't meaningfully correspond to long-term load serving obligations, we will nevertheless apply
evergreen treatment in those cases where the portfolio of existing and projected PPAs is inconsistent with
long-term load-serving obligations. A blanket application of evergreen treatment is not warranted.

To provide evergreen treatment, Standard & Poor's starts by looking at the tenor of outstanding PPAs.
Others can look to the "commitments and contingencies" in the notes to a utility's financial statements to
derive an approximate tenor of the contracts. If we conclude that the duration of PPAs is short relative to
our targeted tenor, we would then add capacity payments until the targeted tenor is achieved. Based on
our analysis of several companies, we have determined that the evergreen extension of the tenor of
existing contracts and anticipated contracts should extend contracts to a common length of about 12
years.

The price for the capacity that we add will be derived from new peaker entry economics. We use empirical
data to establish the cost of developing new peaking capacity and reflect regional differences in our
analysis. The cost of new capacity is translated into a dollars per kilowatt-year (kW-year) figure using a
weighted average cost of capital for the utility and a proxy capital recovery period.

Analytical Treatment Of Contracts With All-In Energy Prices
The pricing for some PPA contracts is stated as a single, all-in energy price. Standard & Poor's considers
an implied capacity price that funds the recovery of the supplier's capital investment to be subsumed
within the all-in energy price. Consequently, we use a proxy capacity charge, stated in $/kW, to calculate
an implied capacity payment associated with the PPA. The $/kW figure is multiplied by the number of
kilowatts under contract. In cases of resources such as wind power that exhibit very low capacity factors,
we will adjust the kilowatts under contract to reflect the anticipated capacity factor that the resource is
expected to achieve.

We derive the proxy cost of capacity using empirical data evidencing the cost of developing new peaking
capacity. We will reflect regional differences in our analysis. The cost of new capacity is translated into a
$/kW figure using a weighted average cost of capital and a proxy capital recovery period. This number will
be updated from time to time to reflect prevailing costs for the development and financing of the marginal
unit, a combustion turbine.

Transmission Arrangements
In recent years, some utilities have entered into long-term transmission contracts in lieu of building
generation. In some cases, these contracts provide access to specific power plants, while other
transmission arrangements provide access to competitive wholesale electricity markets. We have
concluded that these types of transmission arrangements represent extensions of the power plants to
which they are connected or the markets that they serve. Irrespective of whether these transmission lines
are integral to the delivery of power from a specific plant or are conduits to wholesale markets, we view
these arrangements as exhibiting very strong parallels to PPAs as a substitute for investment in power
plants. Consequently, we will impute debt for the fixed costs associated with long-term transmission
contracts.

PPAs Treated As Leases
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Several utilities have reported that their accountants dictate that certain PPAs need to be treated as
leases for accounting purposes due to the tenor of the PPA or the residual value of the asset upon the
PPA's expiration. We have consistently taken the position that companies should identify those capacity
charges that are subject to operating lease treatment in the financial statements so that we can accord
PPA treatment to those obligations, in lieu of lease treatment. That is, PPAs that receive operating lease
treatment for accounting purposes won't be subject to a 100% risk factor for analytical purposes as
though they were leases. Rather, the NPV of the stream of capacity payments associated with these
PPAs will be reduced by the risk factor that is applied to the utility's other PPA commitments. PPAs that
are treated as capital leases for accounting purposes will not receive PPA treatment because capital
lease treatment indicates that the plant under contract economically "belongs" to the utility.

Evaluating The Effect Of PPAs
Though history is on the side of full cost recovery, PPAs nevertheless add financial obligations that
heighten financial risk. Yet, we apply risk factors that reduce debt imputation to recognize that utilities that
rely on PPAs transfer significant risks to ratepayers and suppliers.

Additional Contacts: Arthur F Simonson, New York (1) 212-438-2094;
arthur_simonson@standardandpoors.com
Arleen Spangler, New York (1) 212-438-2098;
arleen_spangler@standardandpoors.com
Scott Taylor, New York (1) 212-438-2057;
scott_taylor@standardandpoors.com
John W Whitlock, New York (1) 212-438-7678;
john_whitlock@standardandpoors.com
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Issuer Ranking: U.S. Regulated Electric Utilities, 
Strongest To Weakest
Publication date: 02-Jun-2008

Primary Credit Analyst: John W Whitlock, New York (1) 212-438-7678; 
john_whitlock@standardandpoors.com

Secondary Credit Analyst: Todd A Shipman, CFA, New York (1) 212-438-7676; 
todd_shipman@standardandpoors.com

 
The U.S. electric utility industry withstood a turbulent first quarter of 2008. Strong liquidity positions for the 
sector as a whole enabled the companies to deal with the fallout from auction rate securities and insured 
deals in a credit-neutral manner. Debt issuance of nearly $10 billion in the quarter benefited from falling 
interest rates. 

The following list contains Standard & Poor's Ratings Services' ratings, outlooks, and business and 
financial profiles for companies with a primary regulated electric focus. This list reflects the current ratings 
and outlooks as of June 2, 2008. The rankings in each rating/outlook grouping (e.g., BBB+/Stable/--) are 
based on relative business risk. 

A Standard & Poor's rating outlook assesses the potential direction of an issuer's long-term debt rating 
over the intermediate to longer term. In determining a rating outlook, consideration is given to any 
changes in the economic and/or fundamental business conditions. An outlook is not necessarily a 
precursor of a rating change or future CreditWatch action. "Positive" indicates that a rating may be raised; 
"negative" means a rating may be lowered; "stable" indicates that ratings are not likely to change; and 
"developing" means ratings may be raised or lowered.  

Utility business profiles can be categorized as "Excellent," "Strong," "Satisfactory," "Weak," or 
"Vulnerable" under the credit ratings methodology applied to all rated corporate entities at Standard & 
Poor's. To determine a utility's business profile, Standard & Poor's analyzes the following qualitative 
business or operating characteristics: markets and service area economy; competitive position; fuel and 
power supply; operations; asset concentration; regulation; and management. Issuer credit ratings, shown 
as long-term rating/outlook or CreditWatch/short-term rating, are local and foreign currency unless 
otherwise noted. A dash (--) indicates not rated.  

For the related industry report card, please see "Industry Report Card: U.S. Electric Utility Sector 
Continues To Benefit From Strong Liquidity Amid Current Credit Crunch," published March 27, 2008.  

Download Table 
U.S. Regulated Electric Utilities

  As of June 2, 2008

Company Corporate credit rating
Business 
profile Financial profile

Madison Gas & Electric Co. AA-/Stable/A-1+ Excellent Modest

  -
American Transmission Co. A+/Stable/A-1 Excellent Intermediate

Midwest Independent 
Transmission System Operator 
Inc. 

A+/Stable/-- Excellent Intermediate
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NSTAR Electric Co. A+/Stable/A-1 Excellent Intermediate

NSTAR Gas Co. A+/Stable/-- Excellent Intermediate

NSTAR A+/Stable/A-1 Excellent Intermediate

  -
Florida Power & Light Co. A/Stable/A-1 Excellent Intermediate

KeySpan Energy Delivery Long 
Island 

A/Stable/A-1 Excellent Intermediate

KeySpan Energy Delivery New 
York 

A/Stable/A-1 Excellent Intermediate

Northern Natural Gas Co. A/Stable/-- Excellent Intermediate

Alabama Power Co. A/Stable/A-1 Excellent Intermediate

Georgia Power Co. A/Stable/A-1 Excellent Intermediate

Mississippi Power Co. A/Stable/A-1 Excellent Intermediate

Gulf Power Co. A/Stable/-- Excellent Intermediate

San Diego Gas & Electric Co. A/Stable/-- Excellent Intermediate

Wisconsin Public Service Corp. A/Stable/A-2 Excellent Intermediate

FPL Group Inc. A/Stable/-- Excellent Intermediate

Southern Co. A/Stable/A-1 Excellent Intermediate

Central Hudson Gas & Electric 
Corp. 

A/Stable/-- Excellent Intermediate

  -
California Independent System 
Operator Corp. 

A-/Stable/-- Excellent Intermediate

Massachusetts Electric Co. A-/Stable/A-2 Excellent Intermediate

Narragansett Electric Co. A-/Stable/A-2 Excellent Intermediate

New England Power Co. A-/Stable/A-2 Excellent Intermediate

Consolidated Edison Co. of New 
York Inc. 

A-/Stable/A-2 Excellent Intermediate

Orange and Rockland Utilities 
Inc. 

A-/Stable/A-2 Excellent Intermediate

Rockland Electric Co. A-/Stable/-- Excellent Intermediate

Consolidated Edison Inc. A-/Stable/A-2 Excellent Intermediate

Wisconsin Gas LLC A-/Stable/A-2 Excellent Intermediate

Peoples Gas Light & Coke Co. 
(The) 

A-/Stable/A-2 Excellent Intermediate

North Shore Gas Co. A-/Stable/-- Excellent Intermediate

Peoples Energy Corp. A-/Stable/A-2 Excellent Intermediate

Virginia Electric & Power Co. A-/Stable/A-2 Excellent Aggressive

Duke Energy Indiana Inc. A-/Stable/A-2 Excellent Intermediate
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Duke Energy Carolinas LLC A-/Stable/A-2 Excellent Intermediate

Duke Energy Ohio Inc. A-/Stable/A-2 Excellent Intermediate

Duke Energy Kentucky Inc. A-/Stable/-- Excellent Intermediate

Wisconsin Electric Power Co. A-/Stable/A-2 Excellent Intermediate

Northern States Power 
Wisconsin 

A-/Stable/-- Excellent Intermediate

Wisconsin Power & Light Co. A-/Stable/A-2 Excellent Intermediate

Southern Indiana Gas & Electric 
Co. 

A-/Stable/-- Excellent Intermediate

MidAmerican Energy Holdings 
Co. 

A-/Stable/-- Excellent Aggressive

PPL Electric Utilities Corp. A-/Stable/A-2 Excellent Aggressive

Niagara Mohawk Power Corp. A-/Stable/A-2 Excellent Aggressive

PacifiCorp A-/Stable/A-1 Excellent Aggressive

Cinergy Corp. A-/Stable/A-2 Excellent Intermediate

Duke Energy Corp. A-/Stable/A-2 Excellent Intermediate

MidAmerican Energy Co. A-/Stable/A-1 Excellent Aggressive

National Grid USA A-/Stable/A-2 Excellent Intermediate

Dominion Resources Inc. A-/Stable/A-2 Excellent Aggressive

Integrys Energy Group Inc. A-/Stable/A-2 Strong Intermediate

  -
Public Service Co. of North 
Carolina Inc. 

A-/Negative/A-2 Excellent Aggressive

South Carolina Electric & Gas 
Co. 

A-/Negative/A-2 Excellent Aggressive

SCANA Corp. A-/Negative/-- Excellent Aggressive

  -
Southern California Edison Co. BBB+/Stable/A-2 Excellent Intermediate

Pacific Gas & Electric Co. BBB+/Stable/A-2 Excellent Intermediate

Florida Power Corp. d/b/a 
Progress Energy Florida Inc. 

BBB+/Stable/A-2 Excellent Aggressive

Carolina Power & Light Co. d/b/a 
Progress Energy Carolinas Inc. 

BBB+/Stable/A-2 Excellent Aggressive

Public Service Co. of Colorado BBB+/Stable/A-2 Excellent Aggressive

Northern States Power Co. BBB+/Stable/A-2 Excellent Aggressive

PECO Energy Co. BBB+/Stable/A-2 Excellent Aggressive

Southwestern Public Service Co. BBB+/Stable/A-2 Excellent Aggressive

Interstate Power & Light Co. BBB+/Stable/A-2 Excellent Aggressive

Wisconsin Energy Corp. BBB+/Stable/A-2 Excellent Aggressive
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Xcel Energy Inc. BBB+/Stable/A-2 Excellent Aggressive

Kentucky Utilities Co. BBB+/Stable/A-2 Excellent Intermediate

Louisville Gas & Electric Co. BBB+/Stable/-- Excellent Intermediate

Progress Energy Inc. BBB+/Stable/A-2 Excellent Aggressive

Alliant Energy Corp. BBB+/Stable/A-2 Excellent Aggressive

E.ON U.S. LLC BBB+/Stable/-- Excellent Intermediate

Oklahoma Gas & Electric Co. BBB+/Stable/A-2 Excellent Intermediate

Portland General Electric Co. BBB+/Stable/A-2 Strong Intermediate

OGE Energy Corp. BBB+/Stable/A-2 Strong Intermediate

ALLETE Inc. BBB+/Stable/A-2 Strong Intermediate

Montana-Dakota Utilities Co. BBB+/Stable/-- Strong Intermediate

  -
Connecticut Natural Gas Corp. BBB+/Negative/-- Excellent Intermediate

Southern Connecticut Gas Co. BBB+/Negative/-- Excellent Intermediate

New York State Electric & Gas 
Corp. 

BBB+/Negative/A-
2

Excellent Aggressive

Central Maine Power Co. BBB+/Negative/-- Excellent Aggressive

Rochester Gas & Electric Corp. BBB+/Negative/-- Excellent Aggressive

Energy East Corp. BBB+/Negative/A-
2

Excellent Aggressive

Baltimore Gas & Electric Co. BBB+/Negative/A-
2

Strong Intermediate

Otter Tail Corp. BBB+/Negative/-- Strong Intermediate

  -
Enogex Inc. BBB+/Watch 

Neg/--
Satisfactory Intermediate

  -
Dayton Power & Light Co. BBB/Positive/-- Excellent Aggressive

DPL Inc. BBB/Positive/-- Excellent Aggressive

International Transmission Co. BBB/Positive/-- Excellent Aggressive

ITC Holdings Corp. BBB/Positive/-- Excellent Aggressive

ITC Midwest LLC BBB/Positive/-- Excellent Aggressive

  -
Yankee Gas Services Co. BBB/Stable/-- Excellent Aggressive

Michigan Consolidated Gas Co. BBB/Stable/A-2 Excellent Aggressive

Public Service Electric & Gas 
Co. 

BBB/Stable/A-2 Excellent Aggressive

AEP Texas Central Co BBB/Stable/-- Excellent Aggressive

AEP Texas North Co BBB/Stable/-- Excellent Aggressive
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Columbus Southern Power Co. BBB/Stable/-- Excellent Aggressive

Ohio Power Co. BBB/Stable/-- Excellent Aggressive

Appalachian Power Co. BBB/Stable/-- Excellent Aggressive

CenterPoint Energy Houston 
Electric LLC 

BBB/Stable/-- Excellent Aggressive

CenterPoint Energy Inc. BBB/Stable/A-2 Excellent Aggressive

CenterPoint Energy Resources 
Corp. 

BBB/Stable/-- Excellent Aggressive

Western Massachusetts Electric 
Co. 

BBB/Stable/-- Excellent Aggressive

Atlantic City Electric Co. BBB/Stable/A-2 Excellent Aggressive

Potomac Electric Power Co. BBB/Stable/A-2 Excellent Aggressive

Delmarva Power & Light Co. BBB/Stable/A-2 Excellent Aggressive

Green Mountain Power Corp. BBB/Stable/-- Excellent Aggressive

Kentucky Power Co. BBB/Stable/-- Excellent Aggressive

Public Service Co. of Oklahoma BBB/Stable/-- Excellent Aggressive

Southwestern Electric Power Co. BBB/Stable/-- Excellent Aggressive

Connecticut Light & Power Co. BBB/Stable/-- Excellent Aggressive

Public Service Co. of New 
Hampshire 

BBB/Stable/-- Excellent Aggressive

Detroit Edison Co. BBB/Stable/A-2 Excellent Aggressive

American Electric Power Co. Inc. BBB/Stable/A-2 Excellent Aggressive

Northeast Utilities BBB/Stable/-- Excellent Aggressive

DTE Energy Co. BBB/Stable/A-2 Excellent Aggressive

NorthWestern Corp. BBB/Stable/-- Excellent Aggressive

Indiana Michigan Power Co. BBB/Stable/-- Strong Aggressive

Cleco Power LLC BBB/Stable/-- Strong Aggressive

Cleco Corp. BBB/Stable/-- Strong Aggressive

Hawaiian Electric Co. Inc. BBB/Stable/A-2 Strong Aggressive

Idaho Power Co. BBB/Stable/A-2 Strong Aggressive

IDACORP Inc. BBB/Stable/A-2 Strong Aggressive

El Paso Electric Co. BBB/Stable/-- Strong Aggressive

PEPCO Holdings Inc. BBB/Stable/A-2 Strong Aggressive

Hawaiian Electric Industries Inc. BBB/Stable/A-2 Strong Aggressive

  -
Entergy Arkansas Inc. BBB/Negative/-- Strong Aggressive

Entergy Louisiana LLC BBB/Negative/-- Strong Aggressive

Entergy Mississippi Inc. BBB/Negative/-- Strong Aggressive
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Entergy Gulf States Louisiana 
LLC 

BBB/Negative/-- Strong Aggressive

Entergy Texas Inc. BBB/Negative/-- Strong Aggressive

Entergy Corp. BBB/Negative/-- Strong Aggressive

System Energy Resources Inc. BBB/Negative/-- Strong Aggressive

Jersey Central Power & Light 
Co. 

BBB/Negative/-- Excellent Aggressive

Metropolitan Edison Co. BBB/Negative/-- Excellent Aggressive

Pennsylvania Electric Co. BBB/Negative/-- Excellent Aggressive

Cleveland Electric Illuminating 
Co. 

BBB/Negative/-- Excellent Aggressive

Ohio Edison Co. BBB/Negative/A-2 Excellent Aggressive

Pennsylvania Power Co. BBB/Negative/-- Excellent Aggressive

Toledo Edison Co. BBB/Negative/-- Excellent Aggressive

FirstEnergy Corp. BBB/Negative/-- Strong Aggressive

  -
Northern Indiana Public Service 
Co. 

BBB/Watch Neg/-
-

Excellent Aggressive

Kansas City Power & Light Co. BBB/Watch 
Neg/A-3

Strong Intermediate

Great Plains Energy Inc. BBB/Watch Neg/-
-

Strong Intermediate

  -
Tampa Electric Co. BBB-/Stable/A-3 Excellent Aggressive

Potomac Edison Co. BBB-/Stable/-- Excellent Aggressive

West Penn Power Co. BBB-/Stable/-- Excellent Aggressive

Monongahela Power Co. BBB-/Stable/-- Excellent Aggressive

Westar Energy Inc. BBB-/Stable/-- Excellent Aggressive

Kansas Gas & Electric Co. BBB-/Stable/-- Excellent Aggressive

Consumers Energy Co. BBB-/Stable/-- Excellent Aggressive

CMS Energy Corp. BBB-/Stable/A-3 Excellent Aggressive

Ohio Valley Electric Corp. BBB-/Stable/-- Excellent Aggressive

TECO Energy Inc. BBB-/Stable/-- Strong Aggressive

Empire District Electric Co. BBB-/Stable/A-3 Strong Aggressive

Edison International BBB-/Stable/-- Strong Aggressive

Black Hills Power Inc. BBB-/Stable/-- Strong Intermediate

Arizona Public Service Co. BBB-/Stable/A-3 Strong Aggressive

Pinnacle West Capital Corp. BBB-/Stable/A-3 Strong Aggressive

Avista Corp. BBB-/Stable/A-3 Strong Aggressive
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Allegheny Energy Inc. BBB-/Stable/A-3 Strong Aggressive

Union Electric Co. d/b/a 
AmerenUE 

BBB-/Stable/A-3 Strong Aggressive

Ameren Corp. BBB-/Stable/A-3 Satisfactory Aggressive

Black Hills Corp. BBB-/Stable/-- Satisfactory Intermediate

  -
Oncor Electric Delivery Co. LLC BBB-/Watch 

Dev/--
Excellent Intermediate

  -
Duquesne Light Co. BBB-/Negative/-- Excellent Highly 

leveraged

Duquesne Light Holdings Inc. BBB-/Negative/-- Excellent Highly 
leveraged

Entergy New Orleans Inc. BBB-/Negative/-- Satisfactory Aggressive

  -
Puget Sound Energy Inc. BBB-/Watch 

Neg/A-3
Excellent Aggressive

Puget Energy Inc. BBB-/Watch 
Neg/--

Excellent Aggressive

  -
Central Vermont Public Service 
Corp. 

BB+/Stable/-- Excellent Highly 
leveraged

Indianapolis Power & Light Co. BB+/Stable/-- Excellent Highly 
leveraged

IPALCO Enterprises Inc. BB+/Stable/-- Excellent Highly 
leveraged

  -
Commonwealth Edison Co. BB/Positive/B Satisfactory Aggressive

Central Illinois Public Service 
Co. 

BB/Positive/-- Satisfactory Aggressive

Illinois Power Co. BB/Positive/-- Satisfactory Aggressive

Central Illinois Light Co. BB/Positive/-- Satisfactory Aggressive

CILCORP Inc. BB/Positive/-- Satisfactory Aggressive

  -
Nevada Power Co. BB/Stable/-- Excellent Highly 

leveraged

Sierra Pacific Power Co. BB/Stable/-- Excellent Highly 
leveraged

Sierra Pacific Resources BB/Stable/B-2 Excellent Highly 
leveraged

Tucson Electric Power Co. BB/Stable/B-2 Strong Highly 
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leveraged

  -
Aquila Inc. BB-/Watch Pos/-- Satisfactory Highly 

leveraged

  -
Texas-New Mexico Power Co. BB-/Stable/-- Satisfactory Highly 

leveraged

Public Service Co. of New 
Mexico 

BB-/Stable/B-2 Satisfactory Highly 
leveraged

PNM Resources Inc. BB-/Stable/B-2 Satisfactory Highly 
leveraged
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SAVINGS FROM REVENUE BONDS 
 
 The calculation of the estimated savings from financing with tax-exempt special purpose 

revenue bonds (“revenue bonds”) instead of financing with “equivalent” taxable debt1 is shown 

on the last page of this exhibit.  A total savings of about $134 million is estimated for HECO’s 

customers over the “original” life2 of each of the revenue bonds that are currently outstanding.  

The savings calculation, which is required by Hawaii law3, is similar to the calculations in 

Docket Nos. 2006-0386 (HECO 2007 Test Year), 2006-0387 (MECO 2007 Test Year), and 05-

0315 (HELCO 2006 Test Year) in that it takes into account the economic differences between 

selling revenue bonds and equivalent taxable debt:  interest costs, taxes, issuance costs 

(including any redemption costs), issuance discounts, revenue bond investment differentials, 

trustee fees, and deferred taxes. 

Assumptions 

 In doing the calculation, we try to capture the material factors which affect the estimated 

savings.  The estimated savings are based on assumptions regarding interest rates at the time of 

issuance and in the future over the life of the issuance.  For example, we must make informed 

assumptions of interest rates and issuance costs of taxable debt since we didn’t actually issue the 

taxable bonds and therefore, don’t know what their costs would have been with any certainty.  

We also make assumptions for factors that are dependent on future conditions which can’t be 

known with certainty, now.  For example, we don’t know for sure that a series of revenue bonds 

will be outstanding for its entire life, but for calculating savings, we assume they will be.  As  

                                                           
1 Taxable debt with similar characteristics such as maturity date and call provisions. 
2 The life of a bond, assuming the bond remains outstanding until its original maturity date. 
3 Hawaii Revised Statutes Section 39A-208(b) and enabling legislation such as Act 206, 1998 Session Laws of 
Hawaii (Section 3). 
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another example, there are deferred tax effects that offset some of the savings, but the cost of the 

deferred tax difference depends on the rate of return on rate base in each year. We must make 

assumptions of the rate of return over the life of each series of revenue bonds in order to estimate 

the cost of the deferred tax difference. 

Total Savings Versus Annual Savings 

 Estimated savings change from year to year over the life of a bond issue, mostly because 

of the impact of deferred taxes.  Therefore, we have chosen to show total savings over the life of 

the bonds instead of savings on an annual basis. 

Interest Costs 

 Revenue bonds have a lower interest cost than taxable debt with similar characteristics.  

The interest earned by buyers of revenue bonds is not taxable income for Federal or State of 

Hawaii income tax purposes (with some limited exceptions).  This means that the revenue bonds 

can bear a lower interest rate than other forms of debt, and the owners of the bonds may still get 

the same after-tax return. 

 Column (D) of the savings calculation shows the revenue requirements of interest costs 

over the original lives of HECO’s revenue bonds that are currently outstanding.  It also shows 

the revenue requirements of estimated interest costs of equivalent taxable debt. 

Amortized Costs and Trustee Fees 

 Issuance Costs:  Revenue bonds currently have lower issuance costs than equivalent 

taxable debt, primarily because of the difference in underwriting fees and/or insurance costs.  

These fees are charged by underwriters for their work in carrying out marketing efforts for a 

bond sale and for taking the risk (with some exceptions) that they will be unable to resell the 

bonds without incurring a loss. 

 Issuance Discounts:  Some revenue bonds were sold at a discount to secure a lower 
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annual interest rate and reduce the overall cost of the bonds.  These discounts are included in the 

total cost of revenue bonds.  For taxable debt, we used interest rate estimates from underwriters 

based on issuances at par (that is, no discount).  According to Goldman Sachs (the lead 

underwriter that we used for the most recent revenue bonds sold), taxable debt is commonly sold 

at par or with a small discount. 

 “Ongoing” Trustee Fees:  Ongoing trustee fees consist of recurring annual fees from a 

bond trustee over the life of the bonds.  Basically, bond trustees serve to protect the collective 

interest of the bondholders.  As part of its duties, a bond trustee receives interest, principal, and 

redemption payments (if any) from the Companies and disburses them to bondholders.  Ongoing 

trustee fees for revenue bonds are typically at about the same level as fees for equivalent taxable 

debt.  These fees are expensed. 

 Construction Fund Trustee Fees:  For revenue bond financings (except refunding issues), 

there are fees from construction fund trustees for managing the investment of undrawn revenue 

bond proceeds in the construction fund.  These fees are generally expensed. 

 Column (E) of the savings calculation shows the total revenue requirements of issuance 

costs, redemption costs, issuance discounts, investment differentials, and trustee fees over the 

original lives of HECO’s revenue bonds that are currently outstanding.  It also shows the revenue 

requirements of estimated comparable costs of equivalent taxable debt. 

Accumulated Deferred Taxes 

 Accumulated deferred tax balances reduce the Company’s rate base.  When assets are 

financed with revenue bonds, accumulated deferred tax balances are generally not as large as 

they would be if the assets were financed with other forms of debt.  This is because assets 

financed with revenue bonds must be depreciated more slowly for tax purposes than if they had 

been financed with taxable debt.  Thus, when assets are financed with revenue bonds, the result 
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is that our tax depreciation is closer to our book depreciation, deferred taxes are less, and the rate 

base is higher than would be the case if those assets were financed with other types of debt.  This 

increases revenue requirements somewhat, but for the revenue bonds HECO has issued, the 

deferred tax impact does not offset all of the savings from the interest rate reduction. 

 Column (F) of the savings calculation shows the revenue requirement effect of the 

average accumulated deferred tax balances of the assets estimated to be financed with revenue 

bonds.  It also shows the same calculation assuming the assets were financed with equivalent 

taxable debt. 

Conclusion 

 Clearly, some of the interest cost savings from revenue bonds are offset by other 

economic factors.  However, it has been to the benefit of the Company’s customers that revenue 

bonds finance part of the Company’s construction program. 
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(A) (B) (C) (D) = (E) (F) (G) =
[(A)*(B)/(1-R)]*C (D)+(E)+(F)

Revenue Requirements Over Original Life of Security *

Series **
Interest 

Rate

Outstanding 
as of 

12/31/07

Original 
Life (in 
years) Interest

Amortized 
Costs and 

Trustee Fees

Average 
Accumulated 

Deferred 
Taxes Total

Costs of Financing with TAXABLE DEBT:
Series 1993 7.30% 50,000$       30          120,178$       672$          (17,620)$       103,230$    
Series 1997A 7.76% 50,000 30          127,751         599            (17,620)         110,730      
Refunding Series 1998A (1987) 6.75% 42,580 14          44,162           615            (8,452)           36,325        
Refunding Series 1999B (1988) 7.40% 30,000 19          46,293           872            (543)              46,622        
Series 1999C 7.85% 35,000 30          90,463           1,237         (12,334)         79,366        
Refunding Series 1999D (1990A) 7.80% 16,000 20          27,394           523            (304)              27,613        
Refunding Series 2000 (1990B&C) 7.75% 46,000 20          78,253           1,362         (874)              78,741        
Series 2002A 6.35% 40,000 30          83,631           12,232       (14,096)         81,767        
Refunding Series 2003B (1992) 5.65% 40,000 20          49,608           2,346         (761)              51,193        
Refunding Series 2005A (1995A) 5.25% 40,000 20          46,096           2,648         (761)              47,983        
Series 2007A 6.01% 100,000 30          197,882         15,847       (34,183)         179,546      
Refunding Series 2007B (1996A & B) 5.81% 62,000 19          75,116           5,112         (1,088)           79,140        

551,580$     986,824$       44,065$     (108,636)$     922,253$    (H)

Costs of Financing with REVENUE BONDS:
Series 1993 5.45% 50,000$       30          89,722$         1,481$       (1,391)$         89,812$      
Series 1997A 5.65% 50,000 30          93,014           1,896         (1,392)           93,518        
Refunding Series 1998A (1987) 4.95% 42,580 14          32,385           998            (5,561)           27,822        
Refunding Series 1999B (1988) 5.75% 30,000 19          35,971           1,253         (543)              36,681        
Series 1999C 6.20% 35,000 30          71,448           1,278         (974)              71,752        
Refunding Series 1999D (1990A) 6.15% 16,000 20          21,599           523            (304)              21,818        
Refunding Series 2000 (1990B&C) 5.70% 46,000 20          57,554           1,488         (874)              58,168        
Series 2002A 5.10% 40,000 30          67,168           5,851         (1,113)           71,906        
Refunding Series 2003B (1992) 5.00% 40,000 20          43,901           1,764         (761)              44,904        
Refunding Series 2005A (1995A) 4.80% 40,000 20          42,145           2,051         (761)              43,435        
Series 2007A 4.65% 100,000 30          153,103         15,139       (2,699)           165,543      
Refunding Series 2007B (1996A & B) 4.60% 62,000 19          59,472           4,746         (1,088)           63,130        

551,580$     767,482$       38,468$     (17,461)$       788,489$    (I)

Estimated Savings to Customers (over original life of revenue bonds) = (H)-(I) 133,765$   

* Revenue requirements = nontaxable expenses grossed up for revenue taxes (R), and taxable expenses grossed up for
   revenue taxes and income taxes.  Refer to Docket No. 04-0113 (HECO 2005 Test Year), HECO-WP-2119, p.1 and p.4 for
   Amortized Costs/Trustee Fees and Average Accumulated Deferred Taxes calculations for Series 1993.
   Revenue Requirements information for other Series are contained in the "Estimated Savings From Special Purpose Revenue 
   Bond Financing" document filed with the Commission for the respective Series.

** See reports on savings on file with the Commission.

Note:  Totals may not add exactly due to rounding.

Hawaiian Electric Company, Inc.

Estimated Savings Due to Special Purpose Revenue Bond Financing
($ in Thousands)

Filename: HECO-2018 p.5 Rev Bond Sav.xls 2018 p.5 Revenue Bond Savings
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I. INTRODUCTION AND BACKGROUND 1 

Q. Please state your name and business address. 2 

A. My name is Steven M. Fetter.  My business address is 1489 W. Warm Springs 3 

Rd., Suite 110, Henderson, NV 89014. 4 

Q. By whom are you employed and in what capacity?  5 

A. I am President of Regulation UnFettered, a utility advisory firm I started in 6 

April 2002.  Prior to that, I was employed by Fitch, Inc. (“Fitch”), a credit rating 7 

agency based in New York and London.  Prior to that, I served as Chairman of 8 

the Michigan Public Service Commission (“Michigan PSC”).  I am testifying on 9 

behalf of Hawaiian Electric Company, Inc., which I shall refer to as “HECO” or 10 

the “Company”. 11 

Q. What is your educational background? 12 

A. I graduated with high honors from the University of Michigan with an A.B. in 13 

Communications in 1974.  I graduated from the University of Michigan Law 14 

School with a J.D. in 1979. 15 

Q. Please briefly describe your role as President of Regulation UnFettered. 16 

A. I formed a utility advisory firm to use my financial, regulatory, legislative, and 17 

legal expertise to aid the deliberations of regulators, legislative bodies, and the 18 

courts, and to assist them in evaluating regulatory issues.  My clients include 19 

investor-owned and municipal electric, natural gas and water utilities, state 20 

public utility commissions and consumer advocates, non-utility energy suppliers, 21 

international financial services and consulting firms, and investors.     22 
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Q. What was your role during your employment with Fitch? 1 

A. I was Group Head and Managing Director of the Global Power Group within 2 

Fitch.  In that role, I served as group manager of the combined 18-person New 3 

York and Chicago utility team.  I was originally hired to interpret the impact of 4 

regulatory, legislative, and political developments on utility credit ratings, a 5 

responsibility I continued to have throughout my tenure at the rating agency.  In 6 

April 2002, I left Fitch to start Regulation UnFettered.  7 

Q. How long were you employed by Fitch?  8 

A. I was employed by Fitch from October 1993 until April 2002.  In addition, Fitch 9 

retained me as a consultant for a period of approximately six months shortly 10 

after I resigned. 11 

Q. How does your experience relate to your testimony in this proceeding? 12 

A. My experience as a Commissioner on the Michigan PSC and my subsequent 13 

professional experience analyzing the U.S. electric and natural gas sectors – in 14 

jurisdictions involved in restructuring activity as well as those still following a 15 

traditional regulated path – have given me solid insight into the importance of a 16 

regulator’s role in both setting rates and also determining appropriate terms and 17 

conditions of service for all regulated utilities.  These are the factors that enter 18 

into the process of utility credit analysis and formulation of individual company 19 

credit ratings.  It is a well-established fact that a utility’s credit ratings have a 20 

significant impact as to whether that utility will be able to raise capital on a 21 

timely basis and upon favorable terms.  22 
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Q. Have you previously sponsored testimony before regulatory and legislative 1 

bodies? 2 

A. Since 1990, I have on numerous occasions testified before the U.S. Senate, the 3 

U.S. House of Representatives, the Federal Energy Regulatory Commission, and 4 

various state legislative and regulatory bodies on the subjects of credit risk 5 

within the utility sector, electric and natural gas utility restructuring, fuel and 6 

other energy adjustment mechanisms, demand-side management 7 

(“DSM”)/energy efficiency decoupling, utility securitization bonds, and nuclear 8 

energy.  With regard to energy cost adjustment clauses (“ECACs”), I have 9 

previously testified on that issue on behalf of PSI Energy in Cause No. 42200 10 

before the Indiana Utility Regulatory Commission, Arizona Public Service 11 

Company (“APS”) in Docket Nos. E-01345A-03-0437 and E-01345A-06-0009 12 

before the Arizona Corporation Commission, Entergy Arkansas, Inc. in Docket 13 

No. 05-116-U/06-055-U before the Arkansas Public Service Commission, 14 

Aquila, Inc. in Case No. ER-2007-0004 before the Missouri Public Service 15 

Commission, and Public Service Company of New Mexico before the New 16 

Mexico Public Regulation Commission in Case Nos. 07-00077-UT and 08-17 

00092-UT.  I also testified last year before the Indiana Legislature on the general 18 

subject of adjustment or tracking mechanisms, not only ECACs but also trackers 19 

targeting costs related to environmental compliance, new clean coal generation, 20 

DSM and energy efficiency, and renewable energy. 21 
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 My full educational and professional background is presented in 1 

HECO-2100. 2 

II. EXECUTIVE SUMMARY 3 

Q. What is the purpose of your direct testimony? 4 

A. The initial focus of my testimony is on HECO’s current credit ratings, and the 5 

importance of the Company’s ratings not falling below current levels.  Both 6 

utility customers and investors benefit when the Company receives sustained 7 

regulatory support from its regulators, the Hawaii Public Utilities Commission 8 

(“HPUC” or “Commission”), since such support can go a long way toward 9 

allowing those ratings to improve within the “BBB/Baa” category, with a longer 10 

term goal of reaching “A” rating category status.  Such positive ratings 11 

movement is even more critical in view of:  1) HECO’s planned extensive 12 

capital investment program to ensure continuing reliable service to its customers; 13 

2) the extent to which the Company’s power supply comes from a combination 14 

of purchased power agreements, which are now subject to more stringent review 15 

and assessment from credit rating agencies, and generation facilities fueled in 16 

large part by fuel oil, a commodity that presents both pricing volatility and 17 

transport challenges; and 3) the likely expenditure of significant amounts of 18 

funds to meet current and future renewables and DSM mandates, with DSM 19 

currently presenting the “Catch-22” of success resulting in decreased earnings 20 

margins. 21 
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  Part and parcel of the sustained regulatory support I refer to is timely review 1 

and decision-making in the rate cases of the Company and its subsidiaries.  Even 2 

though interim rate orders allow cash flow to come to the Company during the 3 

period leading up to the final decision, the fact that a refund could be ordered 4 

with interest creates a degree of unease among the rating agencies and investors.  5 

Accordingly, since a statutory deadline exists for interim rate orders but not final 6 

decisions, Commission issuance of both interim and final orders as expeditiously 7 

as is feasible would help to allay investor uncertainty that can have a negative 8 

impact on HECO’s cost of capital.   9 

  I conclude by emphasizing the importance of HECO being able to align the 10 

timing of cost recovery with cost incurrence, whether within or outside the 11 

framework of a traditional rate case.  HECO has been able to utilize an ECAC to 12 

provide for recovery of prudent fuel and purchased energy costs on a timely 13 

basis.  I encourage continuing Commission support for such ECAC use. The 14 

existence of an ECAC is a key factor for investors, and discontinuation or 15 

limitation on the scope or timeliness of such mechanism would place HECO at a 16 

competitive disadvantage in attracting capital in the current economic 17 

environment.     18 

III. CREDIT RATING PROCESS 19 

Q. What credit ratings does HECO currently hold? 20 

A. HECO’s current corporate (senior unsecured) ratings are: ‘BBB’ with a Stable 21 

outlook from Standard & Poor’s (“S&P”), and ‘Baa1’, one notch higher, with a 22 
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Stable outlook from Moody’s.  The ratings on HECO equate to low-to-mid level 1 

investment-grade ratings. 2 

Q. Please describe the financial environment that the electric utility industry faces 3 

today.  4 

A. Instability in the financial markets -- that began around 2000, initially as a reaction 5 

to California’s failed restructuring effort, accelerated with the September 11 6 

catastrophe and Enron implosion in 2001, followed later by the devastation 7 

wrought by Hurricanes Katrina and Rita -- has created challenges for utility 8 

managements and regulators to an extent that has never existed in the past.  While 9 

that market upset has moderated to a degree during the past few years, due to the 10 

utility sector’s ongoing need for substantial amounts of investor capital, whether 11 

for infrastructure enhancement (including steps necessary to comply with 12 

environmental laws and regulations), maintenance of continuing reliability, or the 13 

securing of fuel and/or power supply on either a planned or unscheduled basis, the 14 

utility sector continues to feel related effects.  When one adds to that the 15 

recessionary fears that currently exist about the U.S. economy, it leads me to 16 

conclude that utilities operating within today’s more stressful environment and 17 

their regulatory authorities should strive to minimize the regulatory uncertainties 18 

that could affect a utility’s financial profile, its credit ratings, and thus its access to 19 

capital on favorable terms.     20 
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Q. Please generally describe the credit ratings process. 1 

A. Credit ratings reflect a credit rating agency’s independent judgment of the general 2 

creditworthiness of an obligor or the creditworthiness of a specific debt instrument.  3 

While credit ratings are important to both debt and equity investors for a variety of 4 

reasons, their most important purpose is to communicate to investors the financial 5 

strength of a company or the underlying credit quality of a particular debt security 6 

issued by that company.  Credit rating determinations are made through a 7 

committee process involving individuals with knowledge of a company, its 8 

industry, and its regulatory environment.  Rating designations of S&P have 9 

“BBB-” as the lowest investment-grade rating and “BB+” as the highest 10 

non-investment-grade rating.  Comparable rating designations of Moody’s are 11 

“Baa3” and “Ba1”, respectively.     12 

  Corporate credit ratings analysis considers both qualitative and quantitative 13 

factors to assess the financial and business risks of fixed-income issuers.  A credit 14 

rating is an indication of an issuer’s ability to service its debt, both principal and 15 

interest, on a timely basis.  It also at times incorporates some consideration of 16 

ultimate recovery of investment in case of default or insolvency.  Ratings can also 17 

be used by contractual counterparties to gauge both the short-term and longer-term 18 

health and viability of a company.  Related to this last point is the fact that credit 19 

ratings affect the ability of independent power producers to attract project capital at 20 

reasonable rates or even their ability to access the capital markets at all.  Costs that 21 

result from purchased power contracts ultimately are passed on to utility customers. 22 
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Q. Please provide a brief discussion on why credit ratings are important for regulated 1 

utilities and their customers. 2 

A. It is a well-established fact that a utility’s credit ratings have a significant impact on 3 

whether that utility will be able to raise capital on a timely basis and upon favorable 4 

terms.  As respected economist Charles F. Phillips stated in his treatise on utility 5 

regulation: 6 

Bond ratings are important for at least four reasons: (1) they are 7 
used by investors in determining the quality of debt investment; (2) 8 
they are used in determining the breadth of the market, since some 9 
large institutional investors are prohibited from investing in the 10 
lower grades; (3) they determine, in part, the cost of new debt, 11 
since both the interest charges on new debt and the degree of 12 
difficulty in marketing new issues tend to rise as the rating 13 
decreases; and (4) they have an indirect bearing on the status of a 14 
utility’s stock and on its acceptance in the market.1 [Emphasis 15 
supplied.] 16 

  17 

 Thus, the lower a regulated utility’s credit rating, the more the utility will have to 18 

pay to raise funds from debt and equity investors to carry out its capital-intensive 19 

operations.  In turn, the ratemaking process factors the cost of capital for both debt 20 

and equity into the rates that consumers are required to pay.  Thus, a utility with 21 

strong credit ratings is not only able to access the capital markets on a timely basis 22 

at reasonable rates, it also is able to share the benefit from those attractive interest 23 

rate levels with customers since the cost of capital gets factored into utility rates.   24 

                                                           
1  Phillips, Charles F., Jr., The Regulation of Public Utilities, Arlington, Virginia: Public Utilities Reports, 

Inc., 1993, at p. 250.  See also Public Utilities Reports Guide: “Finance,” Public Utilities Reports, Inc., 
2004 at pp. 6-7 (“Generally, the higher the rating of the bond, the better the access to capital markets 
and the lower the interest to be paid.”). 
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Q. Please describe the qualitative factors used by the rating agencies. 1 

A. The most important qualitative factors include regulation, management and 2 

business strategy, and access to energy, gas and fuel supply with recovery of 3 

associated costs. 4 

Q. Please share your thoughts on the importance of regulation within the credit ratings 5 

process. 6 

A. Regulation is a key factor in assessing the credit profile of a utility because a state 7 

public utility commission determines rate levels (recoverable expenses including 8 

depreciation and operations and maintenance, fuel cost recovery, and return on 9 

investment) and the terms and conditions of service.   10 

  Since the announcement of California’s restructuring plan in 1994, 11 

regulation has become an even more important factor as the nature of a utility’s 12 

responsibilities in providing energy services to customers has undergone dramatic 13 

change.  In some states, industry restructuring was the result of plans formulated by 14 

the state legislature.  In other states, the regulators, rather than the legislators, have 15 

determined the nature and pace of restructuring.  And, in some states, electric 16 

restructuring never moved very far forward or policymakers pulled back from it 17 

when negative events occurred elsewhere.    18 

  This situation thus affects utility investors’ decisions because, before major 19 

investors will put forward substantial sums of money, they want to gain comfort 20 

that regulators understand the economic requirements and the financial and 21 
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operational risks of a rapidly changing industry and that the regulators’ 1 

decision-making will be fair and have a significant degree of predictability.   2 

  For these reasons, rating agencies look for the consistent application of 3 

sound economic regulatory principles by the commissions.  If a regulatory body 4 

were to encourage a company to make investments based upon an expectation of 5 

the opportunity to earn a reasonable return, and then did not apply regulatory 6 

principles in a manner consistent with such expectations, investor interest in 7 

providing funds to such utility would decline, debt ratings would likely suffer, and 8 

the utility’s cost of capital would increase.  9 

Q. In view of the unprecedented events detailed above, do the actions of utility 10 

regulators today draw even more attention from the financial community? 11 

A. Yes, without a doubt.  Regulation has always garnered the attention of Wall Street, 12 

but, years ago, seemingly only during the days leading up to a commission’s rate 13 

case decision.  This began to change around the time that Fitch hired me in 1993 to 14 

serve in the role of regulatory analyst and assess regulatory, legislative and political 15 

factors that could affect a utility’s financial strength.  When California announced 16 

its ultimately ill-fated restructuring plan in 1994, the entire financial community, 17 

especially the rating agencies, took much greater notice of regulators and how they 18 

carried out their responsibilities, not only with regard to rate-setting, but even more 19 

importantly the manner in which they undertook to change the way the entire utility 20 

industry had operated for over 100 years.   21 
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  S&P highlighted the continuing importance of regulation to the financial 1 

community in two relatively recent reports.  In a report entitled “New York 2 

Regulators’ Consistency Supports Electric Utility Credit Quality,” S&P offered 3 

general thoughts on the importance of regulation that apply within but also far 4 

beyond the borders of New York State: 5 

Regulation defines the environment in which a utility operates and 6 
greatly influences a company’s financial performance.  A utility 7 
with a marginal financial profile can, at the same time, be 8 
considered highly creditworthy as a result of supportive regulation.  9 
Conversely, an unpredictable or antagonistic regulatory 10 
environment can undermine the financial position of utilities that 11 
are operationally very strong. 12 
 13 
To be viewed positively, regulatory treatment should be timely and 14 
allow consistent performance over time, given the importance of 15 
financial stability as a rating consideration.  Also important is the 16 
transparency of regulatory policies...2 17 
 18 

Q. What is meant by the term “supportive regulation”? 19 

A. In an earlier report, S&P provided guidance as to how it assesses whether a 20 

regulatory body can be considered supportive:   21 

In assessing the regulatory environment in which a utility operates, 22 
[S&P’s] analysis is guided by certain principles, most prominently 23 
consistency and predictability, as well as efficiency and timeliness.  24 
For a regulatory scheme to be considered supportive of credit 25 
quality, commissions must limit uncertainty in the recovery of a 26 
utility’s investment.  They must also eliminate, or at least greatly 27 
reduce, the issue of rate-case lag that may prove detrimental if a 28 
utility needs rate relief.3 29 
 30 

                                                           
2  S&P Research: “New York Regulators’ Consistency Supports Electric Utility Credit Quality,” 

August 15, 2005.  
3  S&P Research: “U.S. Utility Regulation Returns to Center Stage,” April 14, 2005. 
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Q. Could you please describe the quantitative factors used by the rating agencies?   1 

A. Yes.  Financial performance continues to be a very important element in 2 

credit rating analysis.  Credit rating agencies and fixed-income analysts 3 

utilize analytical ratios to understand the credit profile of a utility, with S&P 4 

publicly explaining the three financial measures that it views as most 5 

important in its analysis of utility companies:  1) Funds from Operations 6 

(“FFO”) Interest Coverage; 2) Funds from Operations / Total Debt; and 7 

3) Total Debt / Total Capital.  Rating agencies may adjust these key ratios to 8 

reflect imputed debt and interest-like fixed charges flowing from purchased 9 

power agreements and certain other off-balance sheet obligations.  For 10 

example, as S&P has explained: 11 

PPA fixed obligations, in the form of capacity payments, merit 12 
inclusion in a utility’s financial metrics as though they are part of 13 
a utility’s permanent capital structure and are incorporated in our 14 
assessment of a utility’s creditworthiness.  [This allows S&P to] 15 
compare companies that finance and build generation capacity and 16 
those that purchase capacity to satisfy customer needs.4        17 

  18 

Q. Can you explain how S&P brings together the credit rating risks embodied 19 

within both the qualitative and quantitative factors? 20 

A. Yes.  S&P has been the most explicit of the three major rating agencies in 21 

explaining how it views the interplay between quantitative and qualitative 22 

factors.  As part of its utility credit rating process, S&P arrives at a “Business  23 

                                                           
4  S&P Research: “Standard & Poor’s Methodology for Imputing Debt for U.S. Utilities’ Power Purchase 

Agreements,” May 7, 2007 (HECO-2013). 
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 Risk Profile” designation that it considers in concert with its “Financial Risk 1 

Profile.”  Financial Risk is assessed based upon indicative ratios for the three 2 

key credit measures cited above; the weaker the Business Risk Profile 3 

designation, the stronger the financial ratios must be in order to support an 4 

investment-grade rating.5  5 

Q. What does S&P’s Business Risk Profile designation reflect? 6 

A. The Business Risk Profile designation reflects S&P’s assessment of qualitative 7 

factors such as regulation, markets, operations, competitiveness, and management.  8 

Interestingly, on November 30, 2007, S&P announced that it had inserted utility 9 

companies into its longstanding “Corporate Ratings” matrix, and that this new 10 

framework superseded its prior “Utility Financial Targets” matrix.  Thus, while 11 

previously S&P had measured business profiles on a ‘1’ (meaning very strong) to 12 

‘10’ (meaning very weak) scale, going forward S&P will rank business risk as 13 

‘Excellent’, ‘Strong’, ‘Satisfactory’, ‘Weak’, or ‘Vulnerable’.  However, it is 14 

important to note that S&P stated in its recent report announcing the change that 15 

“Regulated utilities and holding companies that are utility-focused virtually always 16 

fall in the upper range (“Excellent” or “Strong”) of business risk profiles.”6  Thus, 17 

analysts using this new matrix will be faced with the seemingly anomalous 18 

situation that a utility designated as ‘Strong’ (or the second highest of the five 19 

business risk profile rankings) might actually reside within the lower half of all U.S 20 

                                                           
5 S&P Research: “U.S. Utilities Ratings Analysis Now Portrayed in the S&P Corporate Ratings Matrix,” 

November 30, 2007 (HECO-2014).   
6  Ibid. 
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utility business risk profiles, basically at a below average level.  Similarly, under 1 

S&P’s new framework, Financial Risk Profiles will be designated as ‘Minimal’, 2 

‘Modest’, ‘Intermediate’, ‘Aggressive’, or ‘Highly Leveraged’, words that are not 3 

necessarily accurate descriptions of the strategies adopted by regulated utilities or 4 

the actions taken by their regulators.  HECO has been assigned an S&P Business 5 

Risk Profile of ‘Strong’, and a Financial Risk Profile of ‘Aggressive’.7  As shown 6 

in S&P’s Table 1 printed below, HECO’s status would normally equate to a credit 7 

rating within the range of ‘BBB’, ‘BBB-’, or ‘BB+’.   8 

Table 1 9 

Business Risk/Financial Risk 
 Financial Risk Profile 
Business Risk 
Profile Minimal Modest Intermediate Aggressive 

Highly 
leveraged 

Excellent AAA AA A BBB BB 
Strong AA A A- BBB- BB- 
Satisfactory A BBB+ BBB BB+ B+ 
Weak BBB BBB- BB+ BB- B 
Vulnerable BB B+ B+ B B- 

Q. Why is S&P’s methodology meaningful to you? 10 

A. I believe that S&P’s methodology helps facilitate a general understanding of  11 

                                                           
7  S&P Research: “U.S. Electric Utility Companies, Strongest to Weakest,” June 2, 2008 (HECO-2015). 
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 how a credit rating agency carries out the process of formulating a credit rating 1 

and the factors that go into such a determination.8 2 

Q. While return on equity (“ROE”) is not directly related to bondholder returns, can 3 

you share your thoughts on why the level of ROE authorized by regulators is of 4 

consequence to investors in debt securities? 5 

A.   The existence of equity in a utility capital structure provides a company with the 6 

capacity to tolerate the normal ups and downs that come with operational business 7 

risks, while also providing a cushion to a company’s lenders and bondholders 8 

(fixed-income investors).  Fixed-income investors look to the earnings of 9 

shareholders as an additional margin available for the payment of interest and 10 

principal under adverse business circumstances.  11 

   I note that the determination of the appropriate rate of return for a 12 

utility is a complex and somewhat academic exercise, owing to the existence of 13 

two seminal U.S. Supreme Court decisions dating back more than 50 years ago: 14 

Bluefield Water Works & Improvement Co. v. Public Service Commission of 15 

West Virginia9 and Federal Power Commission v. Hope Natural Gas Co.10.  The 16 

decisions in those two cases require regulators to set a utility’s rate of return at a  17 

                                                           
8  I focus here on S&P’s ratings methodology, as opposed to one at Moody’s, due to the greater 

transparency of S&P’s ratings process owing to its explanation of the methodology and how it is 
implemented in published reports.  See, for example, S&P Research: “U.S. Utilities Ratings Analysis 
Now Portrayed in the S&P Corporate Ratings Matrix,” November 30, 2007 (HECO-2014), and S&P 
Research: “U.S. Electric Utility Companies, Strongest to Weakest,” June 2, 2008 (HECO-2015).  For 
comparison purposes, see Moody’s Global Credit Research: “Rating Methodology: Global Regulated 
Electric Utilities,” March 2005.    

9  262 U.S. 679 (1923). 
10  320 U.S. 591 (1944). 
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 level sufficient to attract capital on reasonable terms, to allow the utility to 1 

maintain its financial integrity, and to provide the utility with the opportunity to 2 

achieve earnings commensurate with the risks that it faces.  Such determination 3 

is made on a case-by-case basis, depending upon the particular circumstances 4 

under which an individual utility operates.  5 

  The testimonies of Company witnesses Dr. Roger Morin (HECO T-19) and 6 

Ms. Tayne Sekimura (HECO T-20) lay out the capital structure and ROE 7 

recommendations for HECO in this rate case, and the rationales for their positions.  8 

A very important point within their analyses relates to the proper balance between 9 

debt and equity.  If the ROE authorized in this case is too low, then the Company 10 

would likely have to increase debt financing to offset weakness in interest among 11 

equity investors.  Under such a scenario, the growing debt burden would likely 12 

pressure HECO’s credit ratings, with the possibility of a downgrade.  Such a 13 

negative action would further diminish HECO’s appeal to equity investors, while 14 

raising the cost of debt financing, which ultimately would translate into higher 15 

rates.  In the worst case, the Company’s access to the capital markets could be 16 

restricted to only being able to issue secured debt, or exotic structured financing 17 

vehicles -- a situation that would negatively impact both customers and investors.  18 

This is because secured debt is required to have tangible assets backing it up, and 19 

thus the amount of such debt that can be issued has a finite limit.  In addition, with 20 

regard to exotic instruments, the more unusual a financing’s structure, the higher 21 
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the investment banking fees and the higher the interest that investors will demand.  1 

All such costs eventually get factored into the electricity rates that customers pay.    2 

IV. RATINGS ANALYSIS OF HECO 3 

Q. You earlier referred to HECO’S “BBB/Baa1” ratings being “low-to-mid level 4 

investment-grade”?  What rating categories do you mean by that term? 5 

A. I am referring to long-term corporate credit ratings at the “BBB” or “BBB+” levels 6 

(“Baa2” or “Baa1” on the Moody’s scale).  Within the ‘BBB’ category, 7 

differentiations are made between ‘BBB+’, ‘BBB’, and ‘BBB-’.  ‘BBB-’ is the 8 

lowest rating an issuer can be assigned before it falls into the ‘BB’ category or 9 

lower, representing below investment-grade ratings or “junk bond” status.         10 

Q. Have the rating agencies expressed any concerns about HECO’s current situation? 11 

A. Yes they have, though I do not want to overstate those concerns, because both S&P 12 

and Moody’s share the view that continuing and sustained regulatory support 13 

should allow the Company to maintain its current ratings.   14 

  Several issues concern S&P, with the primary ones being timeliness of 15 

decision-making, continuation of the Company’s ECAC, the financial burdens that 16 

purchased power places on HECO, and uncertainty about Hawaii’s economy, as 17 

shown by this excerpt from the agency’s most recent HECO report: 18 

* The current ECAC design is under consideration by the [HPUC] 19 
… a material change to the ECAC could harm the company’s 20 
financial condition. 21 
* … electric sales are heavily reliant on the federal government, 22 
military, and tourism, which have shown significant cyclicality in 23 
the past. 24 
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* Capital expenditures and operations and maintenance (O&M) 1 
costs are rising.  Because recovery of these increasing expenditures 2 
can be lagged, even with interim rate relief, credit metrics have 3 
been stressed …   4 
* Large purchased-power obligations have added meaningful 5 
additional debt to HECO’s balance sheet … 6 
  7 

 Based upon these concerns, S&P concluded that the: 8 

… stable outlook reflects the supportive interim rate decisions in all 9 
three utility rate cases pending before the [HPUC] and assumes that 10 
no material changes will be made to utility ECACs, which are a 11 
critical underpinning to the ratings. … Unsupportive or lagged rate 12 
treatment or changes in the current [ECAC] that would result in 13 
erosion of key financial parameters, especially cash flow coverage 14 
of debt, would be cause for change in the current ratings and/or a 15 
negative outlook.  A severe slump in the state economy could also 16 
contribute to downward rating pressure.  Given these challenges, 17 
higher ratings are not foreseen during the outlook horizon and 18 
would need to be accompanied by sustained and improved financial 19 
performance.11    20 

 21 

Q. How does Moody’s view HECO’s situation? 22 

A. Moody’s, while sharing many of S&P’s concerns, had its closest focus on the 23 

timeliness of regulatory proceedings: 24 

Due to an aging and less reliable system that is being forced to 25 
operate at a higher capacity factor, HECO’s operating and 26 
maintenance expenses continue their upward trend over the past 27 
few years … resulting in the utility seeking rate relief on a more 28 
frequent basis [and] given the increasing need for additional 29 
generation and reliability related resources, timely and supportive 30 
regulatory decisions remain key to the maintenance of HECO’s 31 
credit quality. …On a projected basis, in the absence of timely and 32 
meaningful rate relief, HECO’s metrics may permanently weaken 33 
as the utility moves ahead with its significant capital investment 34 
program over 2007-2011.  Nevertheless, in light of the company’s 35 
demonstrated ability to manage the regulatory challenges, Moody’s 36 
expects the financial metrics to remain in line with other medium 37 

                                                           
11  S&P Research: “Hawaiian Electric Co. Inc.,” May 23, 2008 (HECO-2008).   
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risk Baa-rated utility holding companies; with the magnitude of any 1 
credit deterioration largely dependent on the timeliness and extent 2 
of regulatory rate relief for the company.12  3 

 4 

Q. Based upon your experience as head of the utility ratings’ practice at Fitch, how do 5 

you interpret the comments from S&P and Moody’s? 6 

A. The most important aspect of the concerns that have been raised by the two 7 

agencies is that they are issues the Commission has the most control over: its 8 

ability to timely respond to rate filings made by HECO in support of the 9 

Company’s extensive capital investment program and the escalating costs of O&M; 10 

and the Commission’s authority to approve the continuation of the Company’s 11 

ECAC.  I note that the ECAC decision, while important in and of itself, will also 12 

impact another of HECO’s key risk factors, its high percentage of power purchases 13 

and how they are factored into the Company’s credit profile by the rating agencies.  14 

Even the risk issues enunciated by the agencies that are outside the direct control of 15 

the Commission – the economy and customer concentration within certain 16 

industries – will be of less concern to S&P and Moody’s if constructive steps by 17 

the Commission on items it does have authority over inspires confidence that 18 

similarly supportive policies would be forthcoming if HECO’s financial standing 19 

was jeopardized by continued movement toward a recessionary environment within 20 

Hawaii.   21 

                                                           
12  Moody’s Research: “Hawaiian Electric Company, Inc.,” December 10, 2007 (HECO-2009).   
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V. IMPORTANCE OF ECACs 1 

Q. Can you share why the existence of an ECAC for HECO is important? 2 

A. Yes.  The presence of an ECAC is the predominant policy position among 3 

regulatory bodies across the U.S.  This is especially true within the states operating 4 

under a traditional cost of service regulatory framework. 5 

Q. Does the financial community agree with those views? 6 

A. Yes.  Consideration of fuel costs in a manner that lowers uncertainty and risk 7 

represents the mainstream position on this issue across the United States.  Thus, 8 

the financial community takes the presence of an ECAC as virtually a given 9 

when comparing utilities across jurisdictions for possible investment.  Investors 10 

rely on the presence of such adjustment mechanisms to protect themselves from 11 

the variability of fuel and purchased power costs that are substantially outside 12 

the control of the affected utility, but which can have a substantial impact on the 13 

financial profile of that utility, even when prudently managed.  Of course, fuel 14 

and power procurement is just one of a multitude of risks that a regulated electric 15 

or gas utility faces in its day-to-day operations.  Thus, even with these 16 

mechanisms mitigating a portion of the risk and uncertainty related to the 17 

regulated utility’s operations (and I note ECACs relate to activities upon which 18 

the utility does not receive a return), investors will still consider the business 19 

risks that remain and compare them to utilities in other jurisdictions -- which 20 

likely operate under an ECAC -- in determining where to direct their capital and 21 

at what cost.    22 
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Q. Do the rating agencies concur with your opinion? 1 

A. Yes.  S&P stated in November 2002 its opinion concerning the importance of 2 

electric utilities having the opportunity to recover fuel and purchased power 3 

expenses:   4 

When assessing the importance of productive regulation to the 5 
credit strength of an electric utility, something to consider is the 6 
means by which the utility can expect to recover variable 7 
expenses, particularly fuel and purchased-power expenses, which 8 
have highly erratic unit costs.  Recent, and in some cases, extreme 9 
volatility in the U.S. wholesale electricity markets, as well as in 10 
the natural gas markets, underscores this importance.  It is no 11 
coincidence that utilities with stronger fuel and power cost 12 
recovery mechanisms typically enjoy loftier credit ratings. 13 

 14 
S&P went on to comment upon the negative aspects of the absence of an ECAC: 15 

In jurisdictions where [ECACs] have been prohibited, electric 16 
utilities have always been subject to the uncertainties surrounding 17 
the recovery of incurred fuel and purchased-power expenses.  18 
With few exceptions, companies operating exclusively in these 19 
jurisdictions have always had ratings below the industry 20 
average.13 21 

 22 

Q. Does Moody’s share S&P’s positive views with regard to ECACs? 23 

A.  Yes.  Moody’s has commented upon the importance of ECACs in mitigating 24 

operating risk: 25 

Cost Recovery Provisions: States have various policies with 26 
respect to fuel and wholesale power cost recovery, and the recent 27 
volatility in commodity prices have made these provisions 28 
important elements of a utility’s cost management capability.  29 

                                                           
13  S&P Research: “Constructive Regulation for U.S. Utilities Is More Important Than Ever,” 

November 14, 2002. 
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Such provisions make it possible for utilities to quickly adjust 1 
rates in the event of an unexpected hike in fuel costs.  Although 2 
the number of states permitting such recovery has declined, 3 
particularly in those that have transitioned to a competitive 4 
market, they remain critical risk mitigants to those utilities still 5 
operating in regulated environments.14 6 

 7 
I note that Fitch, my former employer, while not maintaining a public credit 8 

 rating on HECO, has discussed the credit implications of the presence of ECACs, 9 

 views that resonate with the thoughts of S&P and Moody’s: 10 

Fitch factors risks related to commodity price volatility into stress 11 
cases related to each company’s individual circumstances and 12 
asset portfolios....  Potential risks for regulated distribution and 13 
integrated utilities: ... Utilities with frozen tariffs or those without 14 
the means to recover their higher fuel expense are most at risk.15 15 

  16 
In February 2006, Fitch added these thoughts in a report discussing credit 17 

implications of commodity cost recovery: 18 

A utility’s ability to weather a period of high and rising 19 
commodity costs is influenced by many related factors, including 20 
the state’s market structure, rules regarding power procurement 21 
and the utility’s obligation to serve customers’ energy needs, the 22 
utility’s resource mix relative to its load requirement, access to 23 
adequate liquidity and the state’s regulatory/political 24 
environment.  Within this context, effective and timely 25 
commodity cost-adjustment mechanisms provide utilities with 26 
greater assurance of ultimate recovery in a rising energy price 27 
environment. [Emphasis supplied.]16 28 

 29 
                                                           
14  Moody’s Global Credit Research: “Rating Methodology: Global Regulated Electric Utilities,” 

March 2005. 
15  Fitch Special Report: “Electric Fuels Outlook: The Fuels Dilemma,” November 11, 2004. 
16  Fitch Special Report: “U.S. Electric Utilities: Credit Implications of Commodity Cost Recovery,” 

February 13, 2006.   
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 Then in June 2006, Fitch re-emphasized the impact that timely recovery of fuel 1 

and purchased energy expenses has on electric utility credit ratings:  2 

Volatile and higher energy and fuel commodity prices represent a 3 
challenge to electric utilities....  Given [the current] environment, 4 
Fitch believes timely recovery of fuel costs is essential to an 5 
electric utility’s creditworthiness and that its response to high and 6 
volatile cost pressures will be a key determinant to a utility’s 7 
credit quality and rating in 2006 and beyond.17   8 

 9 

Q. In an environment of rapidly escalating fuel and purchased power costs across 10 

the U.S. utility sector, what are the implications for HECO if the Commission 11 

were to discontinue an ECAC for HECO?  12 

A. News accounts over the recent past show that attempts by regulators to hold the 13 

line on seemingly prudently incurred fuel and purchased power cost recovery 14 

solely because those costs are growing at a rapid rate can have very dire 15 

consequences.  Properly structured ECACs, with appropriate monitoring and 16 

decision-making tied to prudence, are the best means to avoid negative financial 17 

consequences for regulated utilities.   18 

Uncertainty with regard to fuel cost volatility is the very reason that a 19 

majority of states utilize a properly structured power supply adjustment 20 

mechanism in the first place – so that a utility can carry out its responsibilities to 21 

provide reliable service to customers at the lowest reasonable cost under 22 

then-existing circumstances, without having to be concerned that its prudent 23 

expenditures in this regard might be found to be unrecoverable at a later time.  24 

                                                           
17  Fitch Special Report: “Cost Recovery and Public Power: Who Is at Risk?,” June 1, 2006. 
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Because regulated utilities in most cases do not earn any profit or return on their 1 

fuel and purchased power expenditures, barring unusual behavior on the part of 2 

the utility such expenses are presumed to be prudent, and rating agencies expect 3 

that utilities will recover them without undue delay.  4 

Q. Is it possible that the presence of an ECAC creates a disincentive for a utility to 5 

try to aggressively manage its fuel and purchased power procurement? 6 

A. No.  Such a view ignores the greatest hammer that a utility regulator holds – the 7 

authority to review the prudency of a company’s resource procurement activities 8 

with the ability to disallow imprudent expenditures.  I note that I served as 9 

chairman of a commission that utilized a form of ECAC – and, I am glad to be 10 

able to say that while after-the-fact disallowances of fuel and power supply costs 11 

were rare, they did serve to motivate appropriate behavior on the part of utility 12 

managers. 13 

  Since the goal of the mechanism in Michigan was to only reimburse utilities 14 

for their prudent expenditures, utilities communicated with commission staff to 15 

ensure they were proceeding down the proper path.  There was no need for 16 

forecasted levels to be locked into base rates as the sole means of cost recovery, 17 

because under the Michigan ECAC the companies knew they had an obligation 18 

to carry out their fuel procurement and purchased power activities prudently – 19 

and when they didn’t, they knew they would be subject to a financial 20 

disallowance.   21 
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  It is important to note, however, that prudency of a contractual commitment 1 

should be assessed at and under the conditions that exist when the commitment 2 

is made.  It is inappropriate to make disallowances based upon unforeseen 3 

factors that have arisen after a contract was signed – in Hawaii, I understand that 4 

upfront Commission approval of fuel contracts is required, so that after-the-fact 5 

second-guessing should not present a problem.   6 

Q. Does HECO’s heavy reliance on purchased power make the presence of an 7 

ECAC even more important than you have discussed generally? 8 

A. Yes.  For the past several years, S&P has published articles explaining how 9 

regulated utilities’ off-balance sheet obligations will be factored into credit 10 

rating determinations by imputing debt and interest into a company’s key credit 11 

rating ratios.  Part of that imputation calculation utilizes a risk factor to capture 12 

any uncertainty over whether a utility will ultimately receive recovery for 13 

expenditures made under those contractual obligations.  As explained in the 14 

testimony of Ms. Sekimura (HECO T-20), during the past year S&P has raised 15 

the risk factor for HECO from 30% to 50% owing to the characteristics of the 16 

Company’s purchased power contracts -- the result is that the debt equivalent of 17 

approximately $469 million in 2007 has been recalculated by S&P to total $568 18 

million in 2008.18  The consequence of such higher debt imputation is that 19 

HECO has to add additional equity in order to balance the higher debt load and 20 

                                                           
18  S&P Research: “Hawaiian Electric Co. Inc.,” May 23, 2008 (HECO-2008).  See also S&P Research: 

“Standard & Poor’s Methodology for Imputing Debt for U.S. Utilities’ Power Purchase Agreements,” 
May 7, 2007 (HECO-2013). 
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maintain its same credit profile.  Any action that would make less certain 1 

HECO’s ultimate recovery of purchased power costs, such as discontinuation or 2 

negative modification of the ECAC, would further exacerbate the negative effect 3 

of debt and interest imputation on HECO’s credit profile.    4 

  In addition, the Company’s significant reliance on a volatile commodity like 5 

fuel oil for its generation fleet makes the presence of an ECAC even more 6 

crucial. 7 

Q. Will investors look to the decision in this case to shed light on issues that are not 8 

directly before the Commission here? 9 

A. Yes, I believe so.  Certainly, with greenhouse gas policies being considered at 10 

the federal and state levels, investors will monitor closely the future regulatory 11 

treatment of expenditures likely to be required of HECO related to such 12 

environmental initiatives.  Indeed, as explained in Ms. Sekimura’s testimony 13 

(HECO T-20), the Renewable Portfolio Standards legislation in 2004 and 2006 14 

already requires HECO (with its subsidiaries) to obtain increasing percentages of 15 

sales from renewable electrical energy resources, beginning at 10% by the end of 16 

2010 and growing to 20% by the end of 2020.  It is important that investors gain 17 

confidence as a result of the decision in this proceeding that the Company’s 18 

capital investment made to meet such environmental requirements will be fully 19 

recovered on a timely basis.  Similarly, since May of 2006, the earnings margins 20 

that HECO has lost as a result of its DSM expenditures and activities have not  21 
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 been recovered.  I have testified in other jurisdictions about a concept called 1 

“decoupling,” under which DSM gains do not financially harm the local utility, 2 

thereby incenting such utility to be fully motivated to make DSM and energy 3 

efficiency work within its service territory.  Approximately eleven states have 4 

adopted some form of decoupling as regulatory policy.  Investors will be 5 

interested to see if any progress can be made on this issue in Hawaii.      6 

VI. CONCLUSION 7 

Q. Do you have concluding thoughts? 8 

A. Yes.  The concept of utility regulation is to provide a surrogate for the 9 

competitive market that is not present when a company possesses monopoly or 10 

near-monopoly status with regard to an essential good, such as utility service.  11 

With all the turmoil that has occurred within the electric utility sector during the 12 

past eight years, my recommendation is that utilities and their regulators should 13 

strive to secure corporate ratings no lower than “BBB+/Baa1”, with an ultimate 14 

goal of a rating within the “A” category.  A utility that has achieved such goal 15 

will have built up sufficient protection for its customers and investors so as to 16 

withstand virtually all of the setbacks that have financially harmed certain 17 

companies within the electric sector during the recent past.  Accordingly, I 18 

believe that both the Company and the Commission should seek to sustain an 19 

environment within which the ratings agencies will, at a minimum, maintain the 20 

Company’s current credit ratings, and, optimally, improve those ratings over 21 

time.  My over-arching advice to utility companies, investors and regulators 22 
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alike is that nothing should be taken for granted in the current investing 1 

environment.   2 

  Moreover, it is crucial that the Commission allow HECO to continue to use 3 

an ECAC.  ECACs attempt to align the costs that a utility expends for fuel and 4 

purchased power with its recovery of those costs on a timely basis.  By being 5 

able to recover prudently incurred costs expeditiously, a utility lowers the risk of 6 

its operations and achieves consistency with the level of risk faced by a wide 7 

majority of other utilities within the United States, all of which are chasing the 8 

same investor funds.  It is wholly consistent with rational utility economics for 9 

customers to pay the actual costs of fuel and purchased power that are procured 10 

for customers’ benefit, whether those costs are in an escalating mode or actually 11 

going down.     12 

Q. Does this conclude your testimony? 13 

A. Yes, it does. 14 
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services; negotiation, arbitration and mediation services; skills training in 
ethics, negotiation, and management efficiency. 
 

• Service on Boards of Directors of: CH Energy Group (Lead Independent 
Director; Chairman, Governance and Nominating Committee; Member, 
Audit; Previous Chairman, Audit Committee and Compensation Committee), 
National Regulatory Research Institute, Keystone Energy Board, and 
Regulatory Information Technology Consortium; Member, Wall Street Utility 
Group; Participant, Keystone Center Dialogues on RTOs and on Financial 
Trading and Energy Markets.   

 
 
October 1993 – April 2002 
Group Head and Managing Director; Senior Director -- Global Power 
Group, Fitch IBCA Duff & Phelps -- New York/Chicago 

 
 Manager of 18-employee ($15 million revenue) group responsible for credit 

research and rating of fixed income securities of U.S. and foreign electric 
and natural gas companies and project finance; Member, Fitch Utility 
Securitization Team. 
  

• Led an effort to restructure the global power group that in three years time 
resulted in 75% new personnel and over 100% increase in revenues, 
transforming a group operating at a substantial deficit into a team-oriented 
profit center through a combination of revenue growth and expense 
reduction.  
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• Achieved national recognition as a speaker and commentator evaluating the 

effects of regulatory developments on the financial condition of the utility 
sector and individual companies; Cited by Institutional Investor (9/97) as one 
of top utility analysts at rating agencies; Frequently quoted in national 
newspapers and trade publications including The New York Times, The Wall 
Street Journal, International Herald Tribune, Los Angeles Times, Atlanta 
Journal-Constitution, Forbes and Energy Daily; Featured speaker at 
conferences sponsored by Edison Electric Institute, Nuclear Energy Institute, 
American Gas Assn., Natural Gas Supply Assn., National Assn. of 
Regulatory Utility Commissioners (NARUC), Canadian Electricity Assn.; 
Frequent invitations to testify before U.S. Senate (on C-Span) and House of 
Representatives, and state legislatures and utility commissions. 
 

• Participant, Keystone Center Dialogue on Regional Transmission 
Organizations; Member, International Advisory Council, Eisenhower 
Fellowships; Author, "A Rating Agency's Perspective on Regulatory 
Reform," book chapter published by Public Utilities Reports, Summer 1995; 
Advisory Committee, Public Utilities Fortnightly.  
 
 
March 1994 – April 2002 
Consultant -- NYNEX -- New York, Ameritech -- Chicago, Weatherwise 
USA -- Pittsburgh   

  
 Provided testimony before the Federal Communications Commission and 

state public utility commissions; Formulated and taught specialized ethics 
and negotiation skills training program for employees in positions of a 
sensitive nature due to responsibilities involving interface with government 
officials, marketing, sales or purchasing; Developed amendments to NYNEX 
Code of Business Conduct. 

 
 

October 1987 - October 1993 
Chairman; Commissioner -- Michigan Public Service Commission -- 
Lansing  

 
 Administrator of $15-million agency responsible for regulating Michigan’s 

public utilities, telecommunications services, and intrastate trucking, and 
establishing an effective state energy policy; Appointed by Democratic 
Governor James Blanchard; Promoted to Chairman by Republican Governor 
John Engler (1991) and reappointed (1993).  

 
• Initiated case-handling guideline that eliminated agency backlog for first time 

in 23 years while reorganizing to downsize agency from 240 employees to 
205 and eliminate top tier of management; MPSC received national  
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recognition for fashioning incentive plans in all regulated industries based on 
performance, service quality, and infrastructure improvement. 
 

• Closely involved in formulation and passage of regulatory reform law 
(Michigan Telecommunications Act of 1991) that has served as a model for 
other states; Rejuvenated dormant twelve-year effort and successfully 
lobbied the Michigan Legislature to exempt the Commission from the Open 
Meetings Act, a controversial step that shifted power from the career staff to 
the three commissioners. 

 
• Elected Chairman of the Board of the National Regulatory Research Institute 

(at Ohio State University); Adjunct Professor of Legislation, American 
University’s Washington College of Law and Thomas M. Cooley Law 
School; Member of NARUC Executive, Gas, and International Relations 
Committees, Steering Committee of U.S. Environmental Protection 
Agency/State of Michigan Relative Risk Analysis Project, and Federal 
Energy Regulatory Commission Task Force on Natural Gas Deliverability; 
Eisenhower Exchange Fellow to Japan and NARUC Fellow to the Kennedy 
School of Government; Ethics Lecturer for NARUC.  
 
August 1985 - October 1987 
Acting Associate Deputy Under Secretary of Labor; Executive 
Assistant to the Deputy Under Secretary -- U.S. Department of Labor -- 
Washington DC 

 
 Member of three-person management team directing the activities of 60-

employee agency responsible for promoting use of labor-management 
cooperation programs.  Supervised a legal team in a study of the effects of 
U.S. labor laws on labor-management cooperation that has received 
national recognition and been frequently cited in law reviews (U.S. Labor 
Law and the Future of Labor-Management Cooperation, w/S. Schlossberg, 
1986).  

  
January 1983 - August 1985 
Senate Majority General Counsel; Chief Republican Counsel -- 
Michigan Senate -- Lansing  

 
 Legal Advisor to the Majority Republican Caucus and Secretary of the 

Senate; Created and directed 7-employee Office of Majority General 
Counsel; Counsel, Senate Rules and Ethics Committees; Appointed to the 
Michigan Criminal Justice Commission, Ann Arbor Human Rights 
Commission and Washtenaw County Consumer Mediation Committee. 
 
 
 
 



 

   

HECO-2100 
DOCKET NO. 2008-0083 
PAGE 4 OF 4 

 
March 1982 - January 1983 
Assistant Legal Counsel -- Michigan Governor William Milliken -- 
Lansing  

 
 Legal and Labor Advisor (member of collective bargaining team); Director, 

Extradition and Clemency; Appointed to Michigan Supreme Court 
Sentencing Guidelines Committee, Prison Overcrowding Project, 
Coordination of Law Enforcement Services Task Force. 
 
October 1979 - March 1982 
Appellate Litigation Attorney -- National Labor Relations Board -- 
Washington DC 

 
 

Other Significant Speeches and Publications 
 

• Perspective: Don’t Fence Me Out (Public Utilities Fortnightly, October 2004) 
 

• Climate Change and the Electric Power Sector: What Role for the Global 
Financial Community (during Fourth Session of UN Framework Convention 
on Climate Change Conference of Parties, Buenos Aires, Argentina, 
November 3, 1998)(unpublished)                                                                                                   

  
• Regulation UnFettered: The Fray By the Bay, Revisited (National Regulatory 

Research Institute Quarterly Bulletin, December 1997) 
  
• The Feds Can Lead…By Getting Out of the Way (Public Utilities Fortnightly, 

June 1, 1996) 
  
• Ethical Considerations Within Utility Regulation, w/M. Cummins (National 

Regulatory Research Institute Quarterly Bulletin, December 1993) 
  
• Legal Challenges to Employee Participation Programs (American Bar 

Association, Atlanta, Georgia, August 1991) (unpublished) 
 

• Proprietary Information, Confidentiality, and Regulation's Continuing 
Information Needs: A State Commissioner's Perspective (Washington Legal 
Foundation, July 1990) 
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INTRODUCTION 1 

Q. Please state your name and business address. 2 

A. My name is Peter C. Young, and my business address is 220 South King Street, 3 

Suite 1201, Honolulu, Hawaii, 96813. 4 

Q. What is your present position with the Company? 5 

A. I am the Director of Pricing Division, Energy Services Department, Hawaiian 6 

Electric Company, Inc.  My experience and educational background are listed in 7 

HECO-300. 8 

Q. Have you testified before the Commission in prior Company proceedings? 9 

A. Yes.  I have appeared as the Company’s witness on test-year revenues, rate 10 

design, and cost-of-service study in several prior rate proceedings listed in 11 

HECO-300. 12 

Q. What is your area responsibility in this proceeding? 13 

A. My testimony will discuss HECO’s cost-of-service studies, proposed rates, and 14 

proposed changes to the Company’s rules. 15 

STATUS OF RECENT CASES 16 

Q. What is the status of HECO’s test year 2005 and test year 2007 rate cases? 17 

A. In Docket No. 04-0113, the test year 2005 rate case, the Commission issued Final 18 

Decision and Order No. 24171 on May 1, 2008.  On June 20, 2008, the 19 

Commission approved final rates in the test year 2005 rate case and a revised 20 

interim increase in Docket No. 2006-0386, the test year 2007 rate case.  The final 21 

rates from the test year 2005 rate case are used to calculate the estimate of 22 

revenues at present rates in the test year 2009 rate case.  The revised interim 23 

increase in the test year 2007 rate case is applied to the estimated base revenues at 24 

present rates in test year 2009 to calculate the estimate of interim increase 25 

revenues.  For the test year 2009 rate case, the sum of the estimated revenues at 26 
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present rates and the estimate of interim increase revenues is the estimate of 1 

revenues at current effective rates.  The test year 2007 rate case continues to await 2 

a final decision from the Commission.     3 

Q. Describe any outstanding issues from the HECO 2007 rate case. 4 

A. On September 6, 2007, in Docket No. 2006-0386, the Department of Defense, the 5 

Division of Consumer Advocacy, and the Company filed a stipulated settlement 6 

letter documenting certain agreements between the parties in the 2007 rate case.  7 

Among these agreements were certain provisions related to cost of service and 8 

rate design that HECO would undertake in its next general rate case filing 9 

subsequent to the 2007 rate case.   10 

Q. What were the settlement agreements related to cost of service for the next HECO 11 

rate case? 12 

A. HECO agreed in its next rate case to present a cost of service study utilizing the 13 

same distribution classification methodology as it used in the 2007 rate case, as 14 

well as a cost of service scenario that classifies all distribution network costs 15 

(poles, conduits, lines, and transformers investment and expenses) as demand-16 

related.  HECO can present other cost of service scenarios and make whatever 17 

recommendations it chooses regarding interpretation and utilization of cost of 18 

service evidence.  In addition, HECO agreed to conduct studies designed to isolate 19 

the demand (fixed) versus energy (variable) elements of its non-fuel production 20 

O&M expenses for use in the next HECO rate case, to be included in all of 21 

HECO’s cost of service scenarios.   22 

Q. Has HECO complied with these agreements on cost of service in the test year 23 

2009 rate case? 24 

A. Yes.  HECO will present the results of the cost of service studies using two 25 

different methodologies of classifying distribution network costs: 1) the minimum 26 
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system method that HECO, HELCO, and MECO have used in all of their 1 

respective recent rate cases, and 2) the Division of Consumer Advocacy’s method 2 

of classifying all distribution network costs as demand-related.  In addition, 3 

HECO has developed an allocator to apply to non-fuel production O&M expense 4 

to classify part of the expense as demand-related and part of the expense as 5 

energy-related in all cost of service presentations, including both methodologies 6 

of classifying distribution network costs.  HECO will discuss these adjustments in 7 

greater detail in the section on cost of service studies that follows below.   8 

Q. What were the settlement agreements related to rate design for the next HECO 9 

rate case? 10 

A. HECO agreed to design a separate rate class for customers who are directly served 11 

from a dedicated substation, to eliminate Schedule H in its rate design proposal, 12 

and to complete a power factor cost study and recommend appropriate cost-based 13 

power factor revisions in the rate design in the next HECO rate case.   14 

Q. Has HECO complied with these agreements on rate design in the test year 2009 15 

rate case? 16 

A. Yes.  HECO’s cost of service results and rate design will present a new rate 17 

schedule for customers who are directly served from a dedicated substation and 18 

will reflect the elimination of Schedule H.  HECO’s recommendation for the 19 

power factor adjustment will also be presented in the rate design section, and the 20 

power factor study results will be presented and discussed below.  21 

Q. Are there items from other cases that need to be addressed in HECO’s test year 22 

2009 cost of service and rate design? 23 

A. Yes.  There are items from Docket No. 2006-0497 concerning Standby Service 24 

Tariffs and from Docket No. 2006-0084 concerning Net Energy Metering. 25 

Q. What is required from Docket No. 2006-0497? 26 
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A. On May, 15, 2008, in Decision and Order No. 24229 in Docket No. 2006-0497, 1 

the Commission approved the stipulation that was filed on March 7, 2008.  In the 2 

stipulation, it was agreed that for a moratorium period of three years, commencing 3 

with the May 15, 2008 initial effective date of the Schedule SS Standby Service 4 

tariffs, no party to the stipulation may propose any modifications, in a general rate 5 

case proceeding or any other proceeding before the Commission, to the 6 

methodologies employed in the development of the Schedule SS Standby Service 7 

tariffs.  However, not withstanding this moratorium on modifications to the 8 

Schedule SS methodology, in any future rate case proceeding for any of the 9 

HECO Companies, the individual Company shall be allowed to update its 10 

respective cost of service studies and other studies or analyses used in the 11 

development of its proposed rate design and resulting rates for its various rate 12 

schedules and optional rider tariffs, and that any resulting rates for its rate 13 

schedules and optional rates shall be allowed to take effect, subject to 14 

Commission approval.  HECO is permitted to propose revisions to its Schedule SS 15 

Standby Service based on the test year 2009 cost of service and the methodology 16 

used to determine the Standby Service rates in Docket No. 2006-0497. 17 

Q. Is HECO proposing revisions to Schedule SS Standby Service? 18 

A. Yes.  HECO’s proposed revisions to Schedule SS Standby Service will be 19 

discussed in the rate design section below.    20 

Q. What is required from Docket No. 2006-0084? 21 

A. On March 13, 2008, in Decision and Order No. 24089 in Docket No. 2006-0084, 22 

the Commission approved the stipulated limits for Net Energy Metering.  In 23 

addition, the Commission directed each utility to evaluate the economic effects of 24 

Net Energy Metering in their future rate case proceedings to allow the 25 

Commission to evaluate the total economic impact of Net Energy Metering.  The 26 
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Commission asked each utility to submit testimony in each future rate case 1 

proceeding regarding the impact of Net Energy Metering on the sales, revenues, 2 

rates, expenses, fuel consumption, and peak demand for the utility system.  In 3 

addition, the utility shall include information on the projected fossil fuel savings 4 

and any other under-recovery or cross-subsidization associated with Net Energy 5 

Metering customers.  The utilities shall also identify and discuss the effects of any 6 

foreseeable changes to Net Energy Metering within the applicable teat year.   7 

Q. Has HECO complied with the Commission‘s directives from Docket No. 2006-8 

0084? 9 

A. Yes.  HECO has developed a response to the Commission’s directives to evaluate 10 

the economic effects of Net Energy Metering in their future rate case proceedings.  11 

That will be discussed later in this testimony. 12 

COST-OF-SERVICE STUDIES 13 

Q. What is a cost-of-service study? 14 

A. A cost-of-service study is a tool used to determine the cost responsibility of the 15 

different rate classes served by HECO for ratemaking purposes.  Two types of 16 

cost studies were prepared for this proceeding, one based on embedded or 17 

accounting costs, and the other is based on marginal energy costs.  Although both 18 

studies reflect the costs of providing service, the procedure and emphasis of each 19 

of these two studies are different. 20 

Q. What is the difference between an Embedded Cost-of-Service Study and a 21 

Marginal Cost Study? 22 

A. An Embedded Cost-of-Service Study (simply referred to as a cost-of-service 23 

study) is a process used to categorize and allocate the total utility costs of 24 

providing service (the utility’s total revenue requirements) to the various rate 25 

classes in order to determine each class’s costs responsibility.  In contrast, a 26 



HECO T-22 
DOCKET NO. 2008-0083 
PAGE 6 OF 57 

 

 

Marginal Cost Study determines the change in the utility’s costs of providing 1 

service due to a unit change in kilowatts (“kW”), kilowatthours (“kWh“), or 2 

number of customers served by the utility. 3 

RESULTS OF THE EMBEDDED COST-OF-SERVICE STUDY 4 

Q. What costs are included in the cost-of-service study? 5 

A. The cost-of-service study is based on embedded or accounting costs, and includes 6 

all the costs incurred in providing electric service to customers.  It includes the 7 

test-year estimates of operation and maintenance expenses, depreciation expenses, 8 

taxes, plant costs, and return on capital. 9 

Q. How are the results of the cost-of-service study presented? 10 

A. The summary exhibits separately compare the results at present rates, which are 11 

the base rates approved in HECO’s 2005 test year case, and the results at current 12 

effective rates, which are the same base rates plus the interim rate increase 13 

approved in HECO’s 2007 test year case, with the results at proposed rates, and 14 

with the results at proposed equal rates of return.  The cost of service at proposed 15 

rates is based on the CIP CT-1 Step revenue requirements of $1,964,401,000.  The 16 

exhibits also show the results at present and current effective rates for the existing 17 

eight rate schedules and for the proposed six rate schedules.  Cost of service 18 

results are presented for the two different methodologies of classifying 19 

distribution network costs: 1) the minimum system method that HECO, HELCO, 20 

and MECO have used in all of their respective recent rate cases, and 2) the 21 

Division of Consumer Advocacy’s method of classifying all distribution network 22 

costs as demand-related.   23 

Q. What are the results of the cost-of-service study? 24 

A. The results of the cost-of-service study are summarized in the following exhibits: 25 
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1. HECO-2201 compares the classes’ revenues and rates of return at present 1 

rates and current effective rates for the two methodologies of classifying 2 

distribution network costs rates for the existing eight rate schedules;   3 

2. HECO-2202 compares the classes’ revenues and rates of return at present 4 

rates and current effective rates for the two methodologies of classifying 5 

distribution network costs rates for the proposed six rate schedules (recall 6 

that HECO is proposing a schedule for customers who are directly served 7 

from a dedicated substation (Schedule DS) and eliminating Schedule H; 8 

HECO also proposes to combine the remaining Schedule PS and 9 

Schedule PP customers into a single Schedule P rate class).      10 

3. HECO-2203 shows summaries of the proposed allocation of rate increase 11 

by rate class, from both present rates and current effective rates, for the 12 

proposed six rate schedules, using the minimum system cost of service 13 

method;     14 

4. HECO-2204 shows summaries of allocation of rate increase by rate class 15 

for equal rates of return, from both present rates and current effective 16 

rates, for the proposed six rate schedules, using the minimum system cost 17 

of service method;   18 

5. HECO-2205 shows summaries of the proposed allocation of rate increase 19 

by rate class, from both present rates and current effective rates, for the 20 

proposed six rate schedules, classifying the distribution network costs as 21 

100% demand-related;     22 

6. HECO-2206 shows summaries of allocation of rate increase by rate class 23 

for equal rates of return, from both present rates and current effective 24 

rates, for the proposed six rate schedules, classifying the distribution 25 

network costs as 100% demand-related;     26 
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7. HECO-2207 is a summary of the classes’ functionalized sales revenue 1 

requirements at proposed rates using the minimum system cost of service 2 

method; 3 

8. HECO-2208 is a summary of the classes’ unit functionalized sales 4 

revenue requirements at proposed rates using the minimum system cost of 5 

service method; 6 

9. HECO-2209 is a summary of the classes’ functionalized sales revenue 7 

requirements at equal rates of return using the minimum system cost of 8 

service method; and 9 

10. HECO-2210 is a summary of the classes’ unit functionalized sales 10 

revenue requirements at equal rates of return using the minimum system 11 

cost of service method.  12 

Q. Please discuss the classes’ revenues and rates of return presented in HECO-2201. 13 

A. HECO-2201, page 1 shows that the total operating revenues at present rates 14 

generate a rate of return of 1.92%.  Using the minimum system cost of service 15 

method, the Schedule R rate of return is negative, the Schedule G and Schedule J 16 

rates of return are above 5%, and the Schedule PS, PP, and PT rates of return are 17 

at about 2% to 3%.  If we classify the distribution network costs as 100% demand-18 

related, the Schedule R rate of return becomes positive, the Schedule G rate of 19 

return is in excess of 11%, and the Schedule PP rate of return is also negative.  20 

HECO-2201 shows that the total operating revenues at current effective rates 21 

generate a rate of return of 4.97%.  Using the minimum system cost of service 22 

method, the Schedule R rate of return is about 2%, the Schedule G and Schedule J 23 

rates of return are above 7%, and the Schedule PS and PT rates of return are at 24 

about 8%.  If we classify the distribution network costs as 100% demand-related, 25 

the Schedule R rate of return increases to almost 4%, the Schedule G rate of return 26 
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is in excess of 12%, and the Schedule PS, PP, and PT rates of return are all 1 

positive.. 2 

Q. Please discuss the classes’ revenues and rates of return presented in HECO-2202. 3 

A. In HECO-2202 we have the same overall 1.92% rate of return at present rates and 4 

4.97% rate of return at current effective rates, but the revenues and costs have 5 

been redistributed over the six proposed rate schedules.  For HECO-2202, page 1, 6 

with the six proposed rate schedules, and using the minimum system cost of 7 

service method, the Schedule R and Schedule F rates of return are negative, the 8 

Schedule G and Schedule DS rates of return are above 6%, and the Schedule P 9 

rate of return is at about 4%.  If we classify the distribution network costs as 100% 10 

demand-related, the Schedule R rate of return becomes positive, the Schedule G 11 

rate of return is in excess of 12%, and the Schedule J and Schedule F rates of 12 

return is also negative.  For HECO-2202, page 2, at current effective rates using 13 

the minimum system cost of service method, the Schedule R rate of return is over 14 

2%, the Schedule G and Schedule P rates of return are above 8%, and the 15 

Schedule J and F rates of return are at about 3% to 4%.  If we classify the 16 

distribution network costs as 100% demand-related, the Schedule R rate of return 17 

increases to just over 4%, the Schedule G rate of return is almost 14%, and the 18 

Schedule P and Schedule DS rates of return are over 6%. 19 

Q. Please discuss the classes’ revenues and rates of return presented in HECO-2203. 20 

A. The results of operation for test-year 2009 show a system rate of return on rate 21 

base of 1.92% at present rates and 4.97% at current effective rates, as shown in 22 

HECO-2203.  Under the proposed rates, the system rate of return is 8.81% and the 23 

classes’ rates of return range from 5.47% for Schedule R to 13.98% for Schedule 24 

P.  Schedule DS provides the second highest rate of return of 13.29% under the 25 

proposed rates.  These are summarized in HECO-2203, pages 1-2. 26 
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Q. Please describe how the proposed allocation of the revenue increase among the 1 

rate classes was determined. 2 

A. The proposed allocation of the revenue increase among the rate classes is 3 

summarized in HECO-2203, page 2, and is based on assigning an across the board 4 

increase of 5.20% to all the rate classes from current effective rates.  The 5 

assignment of the same percent rate increase to all the rate classes is discussed in 6 

HECO T-1. 7 

Q. Please discuss the required class revenue requirements at equal rates of return 8 

presented in HECO-2204. 9 

A. The classes’ revenue requirements that result in the class rates of return equal to 10 

the system rate of return are generally referred to as the classes’ full cost-of-11 

service.  The proposed total revenue requirements of $1,964,401,000 result in the 12 

proposed system rate of return on rate base of 8.81%.  HECO-2204 provides a 13 

summary of the classes’ revenue requirements and rate increase that would result 14 

with each class providing the same 8.81% rate of return on rate base.  For 15 

example, Schedule R’s revenue requirement at the 8.81% rate of return is 16 

$623,375,600, which would require an 11.15% rate increase over current effective 17 

rates for Schedule R.  By contract, Schedule P requires only a $28,400 increase or 18 

0.01% above current effective rates to achieve the 8.81% class rate of return.   19 

Q. Please discuss the classes’ revenues and rates of return presented in HECO-2205. 20 

A. The results of operation for test-year 2009 based on classifying distribution 21 

network costs as 100% demand-related show a system rate of return on rate base 22 

of 1.92% at present rates and 4.97% at current effective rates, as shown in HECO-23 

2205.  Under the proposed rates, the system rate of return is 8.81% and the 24 

classes’ rates of return range from 4.71% for Schedule F to 17.66% for Schedule 25 
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G.  Schedule DS provides the second highest rate of return of 13.29% under the 1 

proposed rates.  These are summarized in HECO-2205, pages 1-2. 2 

Q. Please discuss the required class revenue requirements at equal rates of return 3 

presented in HECO-2206. 4 

A. HECO-2206 provides a summary of the classes’ revenue requirements and rate 5 

increase that would result with each class providing the same 8.81% rate of return 6 

on rate base if we classify the distribution network costs as 100% demand-related.  7 

For example, Schedule R’s revenue requirement at the 8.81% rate of return is 8 

$605,482,400, which would require a 13.48% rate increase over current effective 9 

rates for Schedule R.  By contract, Schedule G requires a $2,296,300 revenue 10 

decrease or -2.17% below current effective rates to adjust down to the 8.81% class 11 

rate of return. 12 

EMBEDDED COST-OF-SERVICE STUDY METHODOLOGY 13 

Q. How is the embedded cost-of-service study developed? 14 

A. The cost-of-service study involves three major steps in determining the classes’ 15 

cost responsibility, namely: 16 

1. Functionalization of costs and rate base items into the major operating 17 

functions of production, transmission, and distribution. 18 

2. Classification of the functionalized costs into the three cost components 19 

of energy-related costs, demand-related costs, and customer-related costs. 20 

3. Allocation of the costs components to the different rate classes. 21 

Each of these three steps involves detailed analysis to develop the appropriate 22 

bases and factors for classifying and allocating costs.   23 

FUNCTIONALIZATION OF COSTS 24 

Q. Can you briefly explain the process of functionalizing costs? 25 
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A. The functionalization process categorizes the different costs and rate base items 1 

into the major operating functions of (a) production, (b) transmission, and (c) 2 

distribution.  This process enables the identification of the utility facilities and/or 3 

services that are provided to serve particular rate classes and thereby facilitate the 4 

assignment of costs. 5 

Q. What costs are included in each operating function? 6 

A. The costs included in each operating function are: 7 

1. Production function costs include all costs associated with generating 8 

power including fuel costs and purchased power expense. 9 

2. Transmission function costs include all costs associated with transferring 10 

power from power plants to substations or between switching stations at 11 

transmission voltage levels. 12 

3. Distribution function costs include all costs associated with delivering 13 

power from the transmission voltage levels through the distribution 14 

system to the customer, and connecting the customers to the system.  The 15 

distribution function is further categorized into the sub-functions of (a) 16 

substations, (b) primary lines, (c) secondary lines, (d) transformers, (e) 17 

service drops, (f) meters, (g) customer accounting, and (h) customer 18 

services.  The sub-functionalization facilitates the allocation of the costs 19 

of these facilities and services to the different rate classes. 20 

Q. How are the costs broken down into these functions and sub-functions? 21 

A. HECO records costs using the NARUC Uniform System of Accounts, which 22 

directly assigns some cost items to these functional categories.  The costs 23 

associated with plant-in-service and most of the operation and maintenance 24 

expenses can be readily functionalized by account number analysis.  Some costs, 25 

such as those related to general plant, administrative and general expenses, taxes, 26 
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and return on capital, are not recorded by functional accounts and are not directly 1 

assigned to the major functions.  These general type costs are categorized into the 2 

three major functions by analysis of their characteristics or by using an appropriate 3 

functionalization base.  The breakdown of the distribution function costs into the 4 

primary and secondary voltage sub-functions is based on HECO’s recorded 5 

distribution facilities costs from 1985-2003, where available. 6 

CLASSIFICATION OF COSTS 7 

Q. Please describe the second step of the study, the classification of costs. 8 

A. In the classification process, each of the functionalized costs and rate base items 9 

are then classified into each of the three costs components: (a) energy-related, 10 

(b) demand-related, and (c) customer-related.  This process further categorizes the 11 

costs based on what causes them to be incurred to facilitate their allocation to the 12 

various rate classes based on measurable service characteristics, such as 13 

kilowatthour consumption, kilowatt demand, and number or type of customers 14 

connected to the system.   15 

Q. What costs are included in each of the three costs components? 16 

A. The costs included in each of the three costs components are:  17 

1. Energy-related costs include those costs that are incurred to produce the 18 

kilowatthour energy (kWh) used by the customers such as fuel and 19 

purchase power costs.  These costs vary with the volume of kWh 20 

generated by the system. 21 

2. Demand-related costs include those costs that are incurred to serve the 22 

customers’ kilowatt demand (kW) on the utility system.  The capacity 23 

size of the plant facilities is determined by the customers’ kW demand on 24 

the system. 25 
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3. Customer-related costs include those costs that are incurred in order to 1 

connect the customers to the system, bill them, and maintain their service 2 

accounts, regardless of their energy consumption (kWh) or demand (kW) 3 

on the system.  These costs are related to the number and type of 4 

customers, and consist of plant-related and service-related customer costs.  5 

The plant-related customer costs are the customer cost component of the 6 

distribution lines and distribution transformers costs (where the minimum 7 

system method for classifying distribution network costs is used), and the 8 

costs of service drops and meters.  The service-related customer costs are 9 

the costs of meter reading, customer billing and accounting, and customer 10 

service related expenses. 11 

Q. How are those costs that are not directly related to kWh, kW, and/or number and 12 

type of customers, categorized to the three cost components?  13 

A. Some costs, such as taxes, are related to revenues or payroll rather than to kWh, 14 

kW, or number of customers.  Revenue-related costs are directly allocated to the 15 

various rate classes based on the revenues generated from each rate class, or on 16 

the basis of the allocated O&M labor expense. 17 

Q. Please describe how each functionalized cost is classified into the three costs 18 

components? 19 

A. The classification of each functionalized cost is based on the NARUC Electric 20 

Utility Cost Allocation Manual dated January 1992.  Following the NARUC cost 21 

classification rationale, the production function costs are classified to demand and 22 

energy components.  The energy components primarily include the fuel-related 23 

expense and the energy component of the purchased power expense.   24 
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 The transmission function costs are classified to demand components 1 

since the transmission systems are generally sized to meet the maximum kW loads 2 

on the system. 3 

 The distribution function costs are classified to demand and customer 4 

components.  Some distribution facilities or equipment, such as the service drops 5 

and meters, are required to connect and serve the customers regardless of their kW 6 

demand, and are therefore appropriately classified to customer components.  7 

Distribution substations are normally classified as demand-related, because these 8 

facilities are normally built to serve particular load sizes and are not affected by 9 

the number of customers to be served.  The distribution lines and transformers are 10 

assigned to demand and customer components (where the minimum system 11 

method is applied), since the size and cost of these facilities are dependent not 12 

only on the customers’ load, but also on the type and location of the customers. 13 

Q. How is the customer component of the distribution lines and transformers 14 

determined? 15 

A. The customer component of the distribution lines and transformers is that portion 16 

of costs which varies with the number and location of customers.  Following the 17 

NARUC cost allocation manual, HECO has used the Minimum Size Method to 18 

allocate these costs to customer-related and demand-related components.   19 

Q. Please briefly describe the Minimum Size Method. 20 

A. The Minimum Size Method assumes that a minimum size distribution system can 21 

be built to serve the customers’ minimum service requirements.  The cost of the 22 

minimum size facility, such as the minimum size pole, conductors, and 23 

transformers installed by the utility is classified as the customer-related 24 

component of these facilities.  The demand-related component is the difference 25 

between the total costs of these facilities and the customer-related component.  26 
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Q. Did HECO perform a minimum size method analysis for the cost-of-service 1 

study? 2 

A. HECO prepared a minimum size method analysis for use in the cost-of-service 3 

study in the 2005 test year case.  The results of that minimum size method 4 

analysis are used in the cost-of-service study in this case as well. 5 

Q. Does HECO present results of operations using a different method of classifying 6 

distribution costs? 7 

A. Yes.  As discussed above and as presented in HECO-2201, HECO-2202, HECO-8 

2205, and HECO-2206, HECO has calculated the results of operations and rates of 9 

return based on classifying the distribution network costs as 100% demand-10 

related, as HECO had agreed to do in the settlement agreement in the HECO test 11 

year 2007 rate case, Docket No. 2006-0386. 12 

Q. Has HECO made other changes to the classification of costs in its cost of service 13 

study? 14 

A. Yes, HECO has modified its classification of non-fuel production O&M expenses 15 

from 100% demand-related to partly demand-related and partly energy-related, as 16 

HECO had agreed to do in the settlement agreement in the HECO test year 2007 17 

rate case, Docket No. 2006-0386. 18 

Q. Did HECO perform a study on the underlying cost elements of non-fuel 19 

production O&M expenses? 20 

A. No.  HECO developed the classification of non-fuel production O&M expenses by 21 

taking the 2009 budget expenses shown in HECO-WP-101C and classifying them 22 

according to the FERC predominance method that was presented by the Consumer 23 

Advocate in Docket No. 2006-0386 in CA-502, pages 4-5.  The result is 54.9% of 24 

non-fuel production O&M expenses are classified as demand-related and the 25 
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remaining 45.1% are classified as energy-related.  The results of the calculation 1 

are shown in HECO-WP-2203. 2 

Q. Did HECO use this classification of non-fuel production O&M expenses in all of 3 

the cost of service calculations that were made? 4 

A. Yes.  HECO applied 54.9% of non-fuel production O&M expenses as demand-5 

related and the remaining 45.1% as energy-related in all of the cost of service 6 

calculations, including the minimum system cost of service calculations as well as 7 

the calculations where distribution network costs were classified as 100% 8 

demand-related.   9 

Q. Does HECO agree that its classification of non-fuel production O&M is 10 

appropriate? 11 

A. HECO agrees that the proposed classification of non-fuel production O&M is 12 

appropriate for the test year 2009 rate case.  However, HECO reserves the right to 13 

study non-fuel production O&M expenses and present a different classification 14 

methodology in a future HECO rate case.   15 

ALLOCATION OF COSTS 16 

Q. How is each of the three costs components allocated to the different rate classes? 17 

A. After each cost function has been assigned to the three costs components, each 18 

cost component is then allocated to the different rate classes based on the 19 

causative service variable.  For instance, the energy-related cost component varies 20 

with the kWh generated by the utility, and is therefore allocated to the different 21 

rate classes based on the classes’ kWh consumption.  The demand-related cost 22 

component varies with kW load, and is allocated to the different rate classes based 23 

on the classes kW demand.   The customer-related cost component is determined 24 

by the number and/or type of customers, and is therefore allocated to the different 25 

rate classes based on the number of customers in each rate class, weighted to 26 
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reflect the differences in various customer-related services and/or activities.  The 1 

weighting factors reflect differences in service phase, service voltage, metering 2 

requirements, and complexity of meter reading, billing, and accounting services. 3 

 A summary of the allocation factors for the three costs components is 4 

provided in HECO-2211.  Two sets of allocation factors are presented: HECO-5 

2211, page 1 shows the allocation factors used at present and current effective 6 

rates under the minimum system cost of service assumptions where the existing 7 

eight rate schedules are used; and HECO-2211, page 2 shows the allocation 8 

factors used at present, current effective, and proposed rates under the minimum 9 

system cost of service assumptions where the proposed six rate schedules are 10 

used.  The primary difference between the two sets of allocation factors is that the 11 

six rate schedule allocations recognize that customers in Schedule DS who are 12 

directly served from a substation do not incur distribution system costs.  13 

Consequently, those distribution system costs are reallocated across the remaining 14 

five rate schedules, with Schedule P and Schedule J bearing a greater relative 15 

share of those costs.  In addition, the recalculation of the class load factors for six 16 

rate schedules from the 2003 HECO Class Load Study is presented as HECO-17 

2211, page 3.  These revised class load factors are used in the development of the 18 

allocation factors for the demand-related costs.    19 

Q. Please explain how the energy allocation factors used to allocate the energy-20 

related costs were derived? 21 

A. The energy allocation factors are based on the test-year kWh sales forecasts for 22 

each rate class, and adjusted for line losses.  These line losses are added to the 23 

kWh sales since HECO’s fuel and purchased energy costs are related to the energy 24 

input to the system.  The determination of the classes’ kWh usage including line 25 
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losses, used in the determination of the energy allocation factors, is provided in 1 

HECO-WP-2203. 2 

Q. How were the demand allocation factors, used to allocate the demand-related 3 

costs, derived? 4 

A. The demand-related cost component is related to the kW demand served by the 5 

system, and is therefore allocated on the basis of the customers’ kW load.  Unlike 6 

the allocation of the energy-related and customer-related costs, there are different 7 

methods of allocating demand costs.  The three main demand cost allocation 8 

methods are the: (a) Average-Excess Demand Method (AED Method), (b) Peak 9 

Responsibility Method (PR Method), and (c) Non-Coincident Demand Method 10 

(NCD Method).  All other methods are simply variations or combinations of these 11 

three major demand cost allocation methods. 12 

Q. What are the differences between these three methods? 13 

A. Each demand cost allocation method is based on different premises as to the 14 

primary determinant of the demand-related cost that determines how customer 15 

classes contribute to the utility’s demand costs.   16 

The AED Method assumes that the utility system capacity requirement is 17 

determined not only by the maximum kW demand but also by other factors such 18 

as the system load factor and demand diversity factor.  It considers both the kW 19 

load and the kWh energy consumption in allocating the demand costs.  This 20 

method allocates the demand costs on the basis of each class’s average demand 21 

(kWh Consumption ÷ No. of Hours) weighted by the system load factor, and the 22 

class’s excess demand (Class Peak Demand – Average Demand) weighted by 23 

1 minus the system load factor.   24 
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The PR Method assumes that the utility system capacity requirement is 1 

determined by the system peak load.  This method allocates the demand cost on 2 

the basis of each class’ contribution to the system peak. 3 

 The NCD Method assumes that each customer class, if served 4 

independently, will require facilities that would meet the class’ maximum 5 

demand.  It therefore allocates the demand costs based on the classes’ maximum 6 

demands or class non-coincident peaks during the year regardless of when they 7 

occur. 8 

Q. What demand cost allocation method did HECO use in its cost-of-service study 9 

for this proceeding? 10 

A. As in Docket No. 2006-0386, test year 2007 and in Docket No. 04-0113, test year 11 

2005, HECO used the AED method to allocate the production and transmission 12 

demand costs, and the NCD method to allocate the distribution demand costs.  13 

These methods have been used in the Company’s prior rate cases (including the 14 

other open rate cases, HELCO’s Docket No. 05-0315, test year 2006 and MECO’s 15 

Docket No. 2006-0387, test year 2007), and have been found reasonable and 16 

approved by the Commission. 17 

Q. Why did HECO use the AED Method to allocate the production and transmission 18 

demand costs? 19 

A. The AED Method considers several factors in allocating demand costs and results 20 

in relatively more stable results, unlike the other two major demand costs 21 

allocation methods, which consider only one demand parameter in allocating 22 

demand costs.  The AED Method considers the classes’ demand requirements, 23 

energy consumption, and system load factor in allocating the demand costs.  24 

Given HECO’s system load profile with low seasonality and broad peak periods, 25 

the AED Method has proven to be reasonable for HECO.   26 
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Q. Why did HECO use the NCD Method to allocate the distribution demand costs? 1 

A. HECO used the NCD Method to allocate the distribution demand costs because 2 

the distribution facilities are sized to serve the maximum diversified demand at 3 

these service levels regardless of the system peak load. 4 

Q. What load data did you use to develop the allocation factors used in the cost-of-5 

service study. 6 

A. The allocation factors used in the cost-of-service study are based on the results of 7 

HECO’s 2003 Class Load Study.  These results were also used to develop 8 

allocation factors for the cost-of-service study in Docket No. 2006-0386, HECO’s 9 

2007 test year rate case and Docket No. 04-0113, HECO’s 2005 test year rate 10 

case.  The class load study is based on a total sample of 486 customers across all 11 

rate classes, except Schedule F.  The study collected 15-minute load data from the 12 

selected sample for the entire calendar year 2003.   13 

MARGINAL COST STUDY 14 

Q. What are the results of the Marginal Cost Study?   15 

A. HECO prepared a revised marginal energy cost study for test year 2009 and the 16 

results are presented in HECO-2212.  The marginal energy costs were revised for 17 

changes in the estimated hourly running costs for test year 2009 from the 18 

production simulation model.  The model simulates the system generation with 19 

expected loads and expected resources including power purchases from 20 

independent producers, and expected plant maintenance and fuel prices.  The 21 

hourly running costs are then aggregated by time-of-use rating periods, and then 22 

adjusted to include variable operations & maintenance, administrative & general 23 

loadings, revenue requirements for the incremental fuel stock and working cash, 24 

and marginal energy line losses.   25 
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RATE DESIGN CONCEPTS 1 

Q. What is rate design? 2 

A. Rate design is the conversion or translation of the Company’s proposed revenue 3 

requirements for each rate class into pricing structure to collect HECO’s required 4 

revenues to cover its total costs of providing service.   5 

Q. What factors does the Company consider in designing the proposed rates? 6 

A. HECO typically considers the following factors in developing the proposed rates: 7 

1. production of the Company’s test-year revenue requirements; 8 

2. classes’ cost of service; 9 

3. revenue stability; 10 

4. rate stability and rate continuity; 11 

5. impact on customers; 12 

6. customer choice; 13 

7. provide fair and equitable rates; 14 

8. simplicity, ease of understanding, and ease of implementation; and 15 

9. encourage customer load management. 16 

In general, changes to HECO’s rates are aimed at aligning the rate 17 

elements closer to the cost components, minimizing intra-class subsidy, and 18 

moving closer to more efficient pricing that provides more accurate price signals. 19 

Q. How did HECO develop the rate design proposed in this case? 20 

A. The challenge for HECO in the test year 2009 rate case is to develop a rate design 21 

that recovers a significant revenue increase while providing customers with 22 

opportunities to manage how that increase ultimately impacts them.  HECO 23 

believes that the proposed simplified rate design gives clearer price signals to 24 

customers to manage their energy consumption and the continuation of time-of-25 
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use rate options gives customers opportunities to manage their energy 1 

consumption profile and create bill savings.   2 

Q. How has HECO simplified the rate design? 3 

A. A redesign of the commercial rates and rate schedules is prompted by the 4 

settlement agreement in Docket No. 2006-0386, HECO’s test year 2007 rate case, 5 

where HECO agreed to design a separate rate class for customers who are directly 6 

served from a dedicated substation and to eliminate Schedule H in its rate design 7 

proposal in the next HECO rate case following test year 2007.   The proposed rate 8 

design is intended to make the rates simpler and easier for customers to 9 

understand and use.  For example, HECO proposes to consolidate all Schedule PS 10 

and Schedule PP customers (that are not going to be directly served under 11 

Schedule DS) into a single Schedule P, with appropriate adjustments for service 12 

voltage and network service (like the Schedule J).  For all commercial demand 13 

schedules, Schedule J, Schedule P, and Schedule DS, HECO proposes a single 14 

demand charge rate.  HECO proposes a single energy charge rate for Schedule J, 15 

Schedule P, Schedule DS, and Schedule F.  With this rate design, commercial 16 

customers can assess the bill impact of changes in kW or kWh consumption more 17 

clearly and transparently.  For example, the potential electric bill savings from 18 

investment in an energy efficiency project can be readily calculated from the 19 

simple, single demand charge and single energy charge rate forms.   20 

Q. Do commercial customers still have rate options? 21 

A. Yes.  While the Commission’s June 20, 2008 approval of final rates in the HECO  22 

test year 2005 rate case eliminated the choice of base rate schedules J or P for 23 

commercial demand customers, the Rider T, Time of Day Rider, and the Rider M, 24 

Off-Peak and Curtailable Service rate options remain in place.  Schedule U, a 25 

Time-of-Use Service rate option, is still available for large commercial customers 26 
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with loads equal to or greater than 300 kW.  In addition, the approval of final test 1 

year 2005 rate case rates also enabled the new Schedule TOU-C, Commercial 2 

Time-of-Use Service rate option for Schedule G and Schedule J customers.  This 3 

is the first time that Schedule G customers have had a time of use rate option.  In 4 

test year 2009, HECO proposes to split the Schedule TOU-C into a Schedule 5 

TOU-G (non-demand) option for Schedule G customers and a Schedule TOU-J 6 

(demand) option for Schedule J customers.  The proposed Schedule TOU-G and 7 

Schedule TOU-J rates retain the existing features of Schedule TOU-C. 8 

Q. How can commercial customers use these rate options to create bill savings? 9 

A. Commercial customers can use these rate options to create bill savings by 10 

changing their energy consumption patterns.  All of the commercial rate options 11 

described above offer lower rates for energy consumption in off-peak periods.  To 12 

the extent that a commercial customer can shift energy consumption from priority 13 

peak hour or mid-peak hour usage to the off-peak hours, that customer could 14 

potential realize bill savings from service under one of these rate options.  The 15 

Company’s staff stands ready to assist customers in assessing the potential 16 

benefits of changing energy consumption patterns.   17 

Q. What other rate design considerations are there for commercial rate schedules? 18 

A. There are two remaining considerations, the supply voltage delivery adjustment 19 

and the power factor adjustment. 20 

Q. What is the rate design proposal for the supply voltage delivery adjustment? 21 

A. HECO proposes supply voltage delivery adjustments for Schedule G, Schedule J, 22 

Schedule DS, Schedule P, Schedule F, and Schedule U based on a test year 2009 23 

analysis performed by the Transmission Planning division, as shown in HECO-24 

WP-2214.   25 

Q. What is the rate design proposal for the power factor adjustment? 26 
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A. HECO has performed a power factor cost study for this rate case.  Based on the 1 

results of the power factor cost study, HECO is not proposing any change to the 2 

power factor adjustment.  The power factor cost study is discussed after the rate 3 

design section of this testimony. 4 

Q. What has HECO done for the design of residential rates? 5 

A. In HECO’s test year 2007 rate case, the Company proposed a tiered residential 6 

rate structure to mitigate the rate impact on the smallest users of the system, to 7 

develop pricing signals that encourage conservation, and to assign a greater share 8 

of the cost increase to the largest users.  This residential rate proposal is still 9 

pending before the Commission in the HECO test year 2007 rate case, and was 10 

also proposed in the pending HELCO test year 2006 rate case and the MECO test 11 

year 2007 rate case.  HECO repeats this proposed residential rate structure in the 12 

test year 2009 rate design.   13 

Q. What is proposed for residential time of use rates? 14 

A. With the approval of final rates in the HECO test year 2005 rate case on June 20, 15 

2008, HECO now has a Schedule TOU-R Residential Time-of-Use Service option 16 

for residential customers.  HECO proposed the same Schedule TOU-R rate 17 

structure in the HECO test year 2007 rate case because the test year 2005 rate case 18 

remained pending a final decision at the time of the test year 2007 rate case 19 

application.  For the test year 2009, HECO proposes to modify the Schedule 20 

TOU-R to make it simpler and easier to use: the proposed Schedule TOU-R has 21 

two daily energy use periods, one on-peak and one off-peak; the proposed on-peak 22 

hours are short enough in duration (3pm to 8pm, daily) to widen opportunities for 23 

residential customers to shift energy consumption to off-peak hours to create bill 24 

savings.   25 

Q. Does the Company have a rate design proposal that addresses renewable energy? 26 
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A. No, the Company does not have a renewable energy rate design in the test year 1 

2009 rate case.  However, the Company is currently working on a Green Pricing 2 

tariff that it expects to file outside of the test year 2009 rate case.   3 

Q. What is a Green Pricing tariff? 4 

A. A green pricing tariff is where the Company purchases or otherwise secures 5 

energy from renewable sources and offers it for voluntary sale to customers.  The 6 

availability of a green pricing tariff allows customers who cannot secure green 7 

power on their own to participate in the support of renewable power development.    8 

PROPOSED RATES 9 

Schedule R – Residential Service 10 

Q. What is Schedule R? 11 

A. Schedule R is for residential electric service applicable to individually metered 12 

residential dwelling units. 13 

Q. What are the proposed changes to Schedule R? 14 

A. The following are the proposed changes to Schedule R: 15 

1. increase the Customer Charge from $8.00 to $9.00 per month for 16 

Single-Phase Service, and from $17.00 to $18.00 per month for Three-17 

Phase Service; 18 

2. increase the Base Fuel Energy Charge from 8.8903 ¢/kWh to 19 

16.1633 ¢/kWh; 20 

3. change the Non-Fuel Energy Charge from 8.2993 ¢/kWh to three tiers, 21 

10.0480 ¢/kWh for the first 350 kWh, 11.2015 ¢/kWh for the next 22 

850 kWh, and 12.3335 ¢/kWh for all kWh over 1,200 kWh per billing 23 

period; 24 
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4. increase the Minimum Charge from $16.00 to $17.00 per month for 1 

Single-Phase Service and from $22.00 to $23.00 per month for Three-2 

Phase Service; and 3 

5. include a waiver for customers in the LIHEAP program from the higher 4 

two tiers of the non-fuel energy charges.   5 

The proposed changes to Schedule R are designed to produce the proposed 6 

allocated class revenue requirements of $590,002,700 as shown in HECO-2214. 7 

Q. How are the proposed increases in the customer charges determined? 8 

A. The proposed customer charges are modest increases that leave the customer 9 

charge below the residential customer cost of $23.93 for single-phase and $34.30 10 

for three-phase shown in HECO-WP-2203.  11 

Q. How is the proposed Base Fuel Energy Charge determined? 12 

A. The proposed Base Fuel Charge of 16.1633 ¢/kWh is based on the test year 13 

composite fuel price for base generation, base purchased power, and base cost of 14 

fuel for HECO’s distributed generation units.  See the calculation of the Base Fuel 15 

Energy Charge in HECO-2213. 16 

Q. How were the Non-Fuel Energy Charges for the kWh tiers determined? 17 

A. The guidelines used to determine the non-fuel energy charges for the kWh tiers 18 

were to collect the demand and customer costs that are not recovered by the 19 

customer and minimum charges, to target an increase for customers whose billing 20 

quantities fell into the first tier only that is less than the 5.2% increase assigned to 21 

the class at current effective rates, and to target approximately no more than the 22 

class average increase, 5.2%, for customers whose billing quantities fell into the 23 

upper levels of the second tier (1,200 kWh per month).  An illustration of the 24 

proposed bill impacts is presented in HECO-2215 and HECO-2216.   25 



HECO T-22 
DOCKET NO. 2008-0083 
PAGE 28 OF 57 

 

 

Q. How are the proposed minimum charges of $17.00 per month for Single-Phase 1 

Service and $23.00 per month for Three-Phase Service determined? 2 

A. The proposed increase in minimum charges of $1.00 per month track the proposed 3 

increase in customer charges.  Since there is an approved interim rate increase in 4 

place in Docket No. 2006-0386, the effective Schedule R single-phase service 5 

minimum charge is currently about $17.00 per month.  The proposed Schedule R 6 

minimum charge is designed so that minimum bill customers see no change from 7 

their current bill, rather than an effective bill decrease if the proposed minimum 8 

charge is at the same $16.00 per month level as in the currently effective rates.   9 

Q. What is the impact of the proposed changes to Schedule R on the residential 10 

customers? 11 

A. HECO-2215 compares the residential electric bills under the present rates and 12 

proposed rates for various consumption levels, and HECO-2216 compares the 13 

bills under current effective rates and proposed rates.    14 

Schedule E – Electric Service for Employees 15 

Q. What is Schedule E? 16 

A. Schedule E is for electric residential service for Company employees and retirees, 17 

and members of the Company’s Board of Directors. 18 

Q. Are there any changes to Schedule E? 19 

A. No. There are no proposed changes to Schedule E. 20 

Schedule G – General Service Non-Demand 21 

Q. What is Schedule G? 22 

A. Schedule G is for general power service applicable to small commercial customers 23 

with loads not exceeding 5,000 kWh per month or loads not exceeding 25 kW. 24 

Q. What are the proposed changes to Schedule G? 25 

A. The following are the proposed changes to Schedule G: 26 
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1. increase the Customer Charge from $30.00 to $32.00 per month for 1 

Single-Phase service, and from $55.00 to $61.00 per month for Three-2 

Phase service; 3 

2. increase the Energy Charge from 16.4205 ¢/kWh to 26.2038 ¢/kWh;    4 

3. increase the Minimum Charge from $30.00 to $32.00 per month for 5 

Single-Phase service, and from $55.00 to $61.00 per month for 6 

Three-Phase service;  and   7 

4. keep the Primary Supply Voltage Service discount at -2.1% for 8 

distribution primary (DP) customers, and change from -0.6% to -0.5% for 9 

distribution secondary (DS) customers.    10 

The proposed changes to Schedule G are designed to produce the 11 

proposed allocated class revenue requirements of $117,062,000 as shown in 12 

HECO-2214. 13 

Q. How did you determine the proposed customer charge for Single-Phase and 14 

Three-Phase Service? 15 

A. The proposed customer charges recover more of the customer cost but are still 16 

below the customer cost of $32.59 for single-phase and $86.06 for three-phase 17 

shown in HECO-WP-2203.  18 

Q. How are the proposed minimum charges for Single-Phase and Three-Phase 19 

service determined? 20 

A. The proposed minimum charges are the same as the proposed customer charges, 21 

which is the same as in current Schedule G rates.  22 

Q. How is the proposed Energy Charge of 26.2038 ¢/kWh determined? 23 

A. The proposed Energy Charge of 26.2038 ¢/kWh recovers the remainder of the 24 

class’ allocated revenue requirements at proposed rates that are not recovered 25 
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from the proposed customer charges and minimum charges.  This includes all of 1 

the class’ energy costs and the remainder of the class’ allocated fixed costs.    2 

Q. How are the proposed changes to the Primary Supply Voltage adjustments 3 

determined? 4 

A. The proposed changes to the Primary Supply Voltage adjustments are based on 5 

the system loss analysis prepared by HECO’s Transmission Planning Division in 6 

this rate case, see HECO-WP-2014.   7 

Q. The existing Schedule G closes the Schedule G primary supply voltage service to 8 

new customers after June 19, 2008.  Why is HECO not repeating that proposal in 9 

this docket? 10 

A. HECO would prefer to serve Schedule G customers at secondary voltage.  11 

However, having the option of primary voltage service allows HECO to make 12 

adjustments in service where operationally necessary, and also allows HECO to 13 

serve customers from larger commercial rate schedules (for example, Schedule J 14 

or Schedule P) that may have reduced their energy requirements significantly but 15 

still take service above secondary voltage levels.    16 

Q. What is the impact of the proposed changes to Schedule G customers? 17 

A. HECO-2215 compares the Schedule G bills under the present rates and proposed 18 

rates for various consumption levels, and HECO-2216 compares the bills under 19 

current effective rates and proposed rates.    20 

Schedule J – General Service Demand 21 

Q. What is Schedule J? 22 

A. Schedule J is for general power service applicable to commercial customers with 23 

loads greater than 5,000 kWh per month or greater than 25 kW, but less than 300 24 

kW per month.     25 

Q. What are the proposed changes to Schedule J? 26 
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A. The following are the proposed changes to Schedule J: 1 

1. change the Availability Clause to allow customers who have 12 2 

consecutive months of load of 5,000 kWh or less and 25 kW or less to be 3 

changed to Schedule G effective the next billing month;   4 

2. increase the Customer Charge from $50.00 to $70.00 per month for 5 

Single-Phase service, and from $70.00 to $100.00 per month for 6 

Three-Phase service; 7 

3. increase the Demand Charge from $8.50 to $14.00 per kW;   8 

4. increase the Energy Charge from the three load factor blocks at 9 

13.5915 ¢/kWh, 12.4436 ¢/kWh, and 11.4145 ¢/kWh to a single energy 10 

charge of 20.6269 ¢/kWh;  and  11 

5. change the supply voltage adjustments in the Supply Voltage Delivery 12 

provision from -3.0 % to -2.9% for transmission primary supply voltage 13 

(TP adj.), and from -0.6% to -0.5% for distribution secondary supply 14 

voltage (DS adj.).  15 

The proposed changes to Schedule J rates are designed to produce the 16 

proposed allocated class’ revenue requirements of $536,291,900 as shown in 17 

HECO-2214, page 3. 18 

Q. How are the proposed customer charges of $50.00 and $70.00 per month for 19 

Single-Phase and Three-Phase service, respectively, determined? 20 

A. The proposed customer charges recover more of the customer cost but are still 21 

below the customer cost of $101.17 for single-phase and $138.91 for three-phase 22 

shown in HECO-WP-2203. 23 

Q. How is the proposed demand charge of $14.00 per kW determined? 24 

A. The proposed demand charge of $14.00 per kW is based on recovering at least 25 

50% of the class’s full unit demand cost of $26.45 shown in HECO-2208.  HECO 26 
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continues to propose increasing the amount of demand costs recovered by demand 1 

charges, which is also a movement towards aligning rates with the cost of service.  2 

Q. How is the proposed energy charge determined? 3 

A. The proposed energy charge is designed to recover all of the class’s allocated 4 

energy costs as well as the remaining customer-related and demand-related costs 5 

that are not recovered in the proposed customer and demand charges.   6 

Q. How did you determine the proposed changes to the supply voltage adjustments? 7 

A. The determination of the proposed changes to the supply voltage adjustments for 8 

transmission primary supply voltage and distribution secondary supply voltage are 9 

based on the system loss analysis prepared by HECO’s Transmission Planning 10 

Division in this rate case, see HECO-WP-2214.   11 

Q. What is the impact of the proposed changes to Schedule J customers? 12 

A. HECO-2215 compares the Schedule J bills under the present rates and proposed 13 

rates for various consumption levels, and HECO-2216 compares the bills under 14 

current effective rates and proposed rates.     15 

Schedule P – Large Power Service 16 

Q. What is Schedule P? 17 

A. Schedule P is for general power service applicable to commercial or industrial 18 

customers with large power loads of at least 300 kW.  Schedule P is a proposed 19 

modification of the existing Schedule PS.   20 

Q. What are the proposed changes to Schedule PS? 21 

A. The following are the proposed changes to Schedule PS: 22 

1. rename the schedule to Schedule P and delete the secondary voltage 23 

service requirement from the availability clause;  24 

2. modify the availability clause to move to Schedule J those customers who 25 

have twelve consecutive months of demand below 300 kW; 26 
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3. increase the Demand Charge from the three demand blocks of $14.35 per 1 

kW, $13.85 per kW, and $12.85 per kW to a single demand charge of 2 

$22.00 per kW; 3 

4. increase the Energy Charge from the three load factor blocks of 4 

12.2456 ¢/kWh, 11.4473 ¢/kWh, and 11.1379 ¢/kWh, to a single energy 5 

charge of 19.9520 ¢/kWh; and 6 

5. establish a Supply Voltage Delivery provision for discounts applied to the 7 

sum of demand and energy charges as follows: -2.9% for transmission 8 

primary supply voltage service (TP adj.), -2.4% for transmission secondary 9 

supply voltage service (TS adj.), -2.1% for distribution primary supply 10 

voltage service (DP adj.), and -0.5% for distribution secondary supply 11 

voltage service(DS adj.).  12 

Q. Please explain the basis for proposing a single Schedule P rate schedule? 13 

A. When the Company designed the Schedule DS for customers who are directly 14 

served from a distribution substation, we found that all of the Schedule PT 15 

customers and roughly one-half of the kWh and billed kW in Schedule PP would 16 

transfer to the new Schedule DS.  It is an efficient and simplifying rate design to 17 

combine the remaining Schedule PP customers with the Schedule PS customers 18 

into one rate schedule that has a supply voltage delivery provision.  In fact, that 19 

was the form of Schedule P prior to the June 1, 2001 implementation of separate 20 

rates for Schedules PS, PP, and PT. 21 

Q. Please explain how you determined the proposed demand charges? 22 

A. The proposed demand charge is designed to recover most of the class’s total 23 

demand-related costs.  The proposed $22.00 per kW is about 76% of the $28.91 24 

unit demand cost as shown in HECO-2208.  HECO continues to propose 25 
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increasing the amount of demand costs recovered by demand charges, which is 1 

also a movement towards aligning rates with the cost of service.  2 

Q. How is the proposed energy charge determined? 3 

A. The proposed energy charge is based on recovering the class’s proposed allocated 4 

total revenue requirements less the revenues recovered from the proposed 5 

customer and demand charges.  This includes the entire energy-related costs (or 6 

variable costs) and the remainder of the customer-related costs and the demand-7 

related costs (or fixed costs) that are not recovered from the proposed customer 8 

and demand charges. 9 

 The proposed Schedule P rates are designed to produce the proposed 10 

allocated class’ revenue requirements of $435,272,600 as shown in HECO-2214.   11 

Q. What is the impact of the proposed changes to Schedule P customers? 12 

A. HECO-2215 compares the commercial electric bills under the present rates and 13 

proposed rates for various consumption levels, and HECO-2216 compares the 14 

bills under current effective rates and proposed rates.    15 

Schedule DS – Large Power Directly Served Service 16 

Q. What is Schedule DS? 17 

A. Schedule DS is for general power service applicable to commercial or industrial 18 

customers with large power loads of at least 300 kW that are served directly from 19 

a substation.  Schedule DS is the separate rate schedule for customers who are 20 

directly served from a substation.  HECO agreed in the settlement agreement in 21 

Docket No. 2006-0386, the HECO 2007 rate case, to create such a schedule in the 22 

next HECO general rate case following test year 2007. 23 

Q. What is the structure of Schedule DS? 24 

A. Schedule DS is structured with the same elements and is almost identical to the 25 

structure of the existing Schedule PT.  Schedule DS does not have the 26 
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transmission voltage requirement in the availability clause and does not have a 1 

provision for secondary metering adjustment, but all other rate schedule items are 2 

the same as the existing Schedule PT. 3 

Q. What are the proposed rates for Schedule DS? 4 

A. The following are the proposed rates for Schedule DS: 5 

1. Customer Charge of $400.00; 6 

2. Demand Charge of $18.00 per kW of billing demand; and 7 

3. Energy Charge of 19.1432 ¢/kWh for all kWh. 8 

       The proposed Schedule DS rates are designed to produce the proposed 9 

allocated class’ revenue requirements of $270,532,700 as shown in HECO-2214. 10 

Q. Please explain how the proposed customer charge was determined? 11 

A. The proposed customer charge is the same as the existing Schedule PP and 12 

Schedule PT customer charge levels. 13 

Q.  Please explain how the proposed demand charges were determined. 14 

 A. The proposed demand charge is designed to recover most of the class’s total 15 

demand-related costs.  The proposed $18.00 per kW is about 75% of the $23.85 16 

unit demand cost shown in HECO-2208.  HECO continues to propose increasing 17 

the amount of demand costs recovered by demand charges, which is also a 18 

movement towards aligning rates with the cost of service.  19 

Q. How are the proposed energy rates determined? 20 

A. Like Schedule P, the proposed energy rate is determined to recover the remainder 21 

of the class’ allocated revenue requirements at proposed rates that are not 22 

recovered in the proposed customer and demand charges.   This includes the 23 

class’s entire energy cost and the remainder of the customer and demand costs that 24 

are not recovered in the proposed customer and demand charges.   25 

Q. How did you determine the proposed supply voltage delivery adjustments? 26 
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A. The determination of the proposed supply voltage delivery adjustments for 1 

Schedule DS are based on the system loss analysis prepared by HECO’s 2 

Transmission Planning Division in this rate case, see HECO-WP-2214.   3 

Q. What is the impact of the proposed rates on Schedule DS customers? 4 

A. HECO-2215 compares the commercial electric bills under the present rates and 5 

proposed rates for various consumption levels, and HECO-2216 compares the 6 

bills under current effective rates and proposed rates.  For the billing comparisons 7 

we used a Schedule PP customer who was directly served and compared those 8 

bills with the bills for the same energy and load under Schedule DS.    9 

Schedule F – Public Street Lighting, Highway Lighting, and 10 
Park and Playground Floodlighting Service 11 

Q. What is Schedule F? 12 

A. Schedule F is for public street and highway lighting and for parks and playground 13 

floodlighting. 14 

Q. What are the proposed changes to Schedule F? 15 

A. The following are the proposed changes to Schedule F: 16 

1. increase the Customer Charge from $20.00 per month to $22.00 per 17 

month; and  18 

2. increase the energy charge from the current 18.6161 ¢/kWh and 14.6421 19 

¢/kWh to a single energy charge rate of 26.3664 ¢/kWh. 20 

The proposed changes to Schedule F rates are designed to produce the 21 

proposed allocated class’ revenue requirements of $10,017,100, as shown in 22 

HECO-2214. 23 

Q. How did you determine the proposed Customer Charge of $22.00 per month? 24 

A. The proposed Customer Charge of $22.00 per month is based on recovering 25 

approximately 60% of the class’s full customer-related cost of $38.75 shown in 26 
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HECO-2208, which is the same approach that the Company took in the HECO test 1 

year 2007 rate case.   2 

Q. Please explain how you derived the proposed energy charge? 3 

A. Like Schedule R and Schedule G, the proposed energy rate for Schedule F is 4 

designed to recover the remainder of the class’ allocated revenue requirements at 5 

proposed rates that are not recovered in the proposed customer and minimum 6 

charges.  This includes the class’s entire energy cost and the remainder of the 7 

customer and demand costs that are not recovered in the proposed customer and 8 

minimum charges.   9 

Q. What is the impact of the proposed changes to Schedule F customers? 10 

A. HECO-2215 compares the commercial electric bills under the present rates and 11 

proposed rates for various consumption levels, and HECO-2216 compares the 12 

bills under current effective rates and proposed rates. 13 

Schedule U – Time-of-Use Service 14 

Q. What is Schedule U? 15 

A. Schedule U is an optional Time-of-Use Service for commercial or industrial 16 

customers with large power loads of at least 300 kW.  Large power customers 17 

who are served under any of the large power rates (Schedule P or Schedule DS) 18 

may chose to be served under Schedule U.  19 

Schedule U provides an on-peak demand charge and time-differentiated 20 

energy rates.   For instance, the demand charge is applied only to kW load used 21 

during the on-peak period, and the energy rates are differentiated by the time-of-22 

use rating periods.  Service under Schedule U is based on customer selection.   23 

Q. What are the proposed changes to Schedule U? 24 

A. The proposed changes to Schedule U include the following: 25 
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1. increase the Demand Charge from $18.00 to $26.00 per kW if the 1 

customer’s maximum demand occurs during the priority peak period and 2 

from $16.00 to $23.00 per kW if the customer’s maximum demand 3 

occurs during the mid-peak period;  4 

2. increase the Energy Charge from 13.7277 ¢/kWh for on-peak period to 5 

21.9520 ¢/kWh, and from 10.0000 ¢/kWh for off-peak period to 18.0000 6 

¢/kWh; and 7 

3. change the service voltage adjustments in the Supply Voltage Delivery 8 

provision from -3.0% for transmission primary to -2.9%, and from -0.6% 9 

for distribution secondary to -0.5 %. 10 

Q. Please explain how the proposed Demand Charges were determined. 11 

A. The proposed demand charges recover 80% to 90% of the level of the Schedule P 12 

demand cost and retain the $3.00 difference between Schedule U demand charges 13 

that were established in the settlement agreement in Docket No. 2006-0386, the 14 

HECO test year 2007 rate case.  15 

Q. How did you determine the proposed time-of-use energy rates for Schedule U? 16 

A. The proposed On-Peak Energy Rate of 21.9520 ¢/kWh is based on the proposed  17 

energy charge for Schedule P increased by 2.0 ¢/kWh, which is the same 18 

derivation used in the settlement agreement in Docket No. 2006-0386, the HECO 19 

test year 2007 rate case.  The proposed Off-Peak Energy Rate of 18.000 ¢/kWh is 20 

based on recovering the unit energy cost for Schedule P. 21 

Q. How did you determine the proposed changes to the service voltage adjustments 22 

under the Supply Voltage Delivery provision? 23 

A. The proposed changes to the service voltage adjustments are the same as proposed 24 

for Schedule J, and discussed above. 25 

Q. Are there changes to the time-of-use rating periods for Schedule U. 26 
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A. No.  The time-of-use rating periods remain the same as those used in the current 1 

Schedule U. 2 

Rider T – Time-of-Day Rider 3 

Q. What is Rider T? 4 

A. Rider T is an optional time-of-use service rider for commercial or industrial 5 

customers with power loads of at least 25 kW who are served under Schedule J, 6 

Schedule PS, Schedule PP, Schedule PT, or in conjunction with Schedule SS.   7 

Rider T modifies or provides adjustments to the applicable rate schedule’s 8 

demand and energy rates, which effectively results in time-of-use price signals.   9 

Like the other load management Riders M and I, Rider T was approved by the 10 

Commission in Docket No. 2793, and was first implemented in 1981.   It was 11 

aimed at encouraging customers to manage their loads in order to help reduce the 12 

system peak load and defer the need for the next capacity addition. 13 

Q. Is HECO proposing any changes to the Rider T? 14 

A. Yes.  HECO is proposing to: 15 

change the Rider T’s Availability Clause to make the rate available to   16 

customers on rate Schedule J, Schedule P, or Schedule DS, but ban 17 

Rider T’s use in conjunction with the new Schedule TOU-J (formerly 18 

TOU-C, demand service).  19 

Rider M – Off-Peak and Curtailable Service 20 

Q. What is Rider M? 21 

A. Rider M is an optional off-peak and Curtailable service applicable to Schedule J 22 

customers with loads greater than 100 kW, and to customers served under 23 

Schedule PS, Schedule PP, or Schedule PT, with loads greater than 300 kW.  24 

Rider M provides load management incentives to customers by modifying the 25 
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determination of the billing demand under Schedules J, PS, PP, or PT.  It offers 1 

two load management service options: Option A – Off-Peak Service, and  2 

Option B – Curtailable Service.   3 

 The Rider M – Off-Peak Service (Option A) encourages customers to shift 4 

their load to the off-peak hours by basing the determination of the billing demand 5 

only on the customers’ kW demand during the on-peak period.  The Rider M – 6 

Curtailable Service (Option B) encourages customers to shift their load to off-7 

peak hours by reducing the customers’ billing demand by 75% of the kW load that 8 

they curtail during the Company’s priority peak period, or by 40% of the kW load 9 

that they curtail for a two-hour duration specified by the Company.  10 

Q. Is HECO proposing any changes to Rider M? 11 

A. Yes.  The following are the proposed changes to Rider M: 12 

1. change the Rider M’s Availability Clause to make the rate available to 13 

customers on rate Schedule J, Schedule P, or Schedule DS, but ban Rider 14 

M’s use in conjunction with the new Schedule TOU-J (formerly TOU-C, 15 

demand service); and  16 

2. change the rate schedule references to Schedule J, Schedule P, and 17 

Schedule DS in the narrative descriptions of Option A and Option B.  18 

Rider I – Interruptible Contract Service 19 

Q. What is Rider I? 20 

A. Rider I is an optional interruptible service available to large power customers with 21 

interruptible kW load of at least 100 kW.   22 

Q. Did HECO propose any changes to Rider I in Docket No. 2006-0386? 23 

A. Yes, HECO proposed to close Rider I to new customers.  HECO’s Commercial 24 

and Industrial Direct Load Control (“CIDLC”) program is expected to provide 25 
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customers with an interruptible service opportunity that is broader than the 1 

existing Rider I.   2 

Q. Does HECO make the same proposal in test year 2009? 3 

A. Yes, HECO proposes to close Rider I to new customers.  The growth in 4 

participants in the Energy Scout for Business program over the 2007-2008 period 5 

shows that it is an effective tool for HECO to expand interruptible service to 6 

customers, and therefore also allow for closing of the existing Rider I. 7 

Schedule TOU-R – Residential Time-of-Use Service 8 

Q. Please describe HECO’s proposed Schedule TOU-R. 9 

A. Schedule TOU-R is a standard optional residential time-of-use service offering.  10 

This service is being implemented on a phased-in basis, limited to 1,000 11 

residential customers, until HECO’s new Customer Information System (CIS) is 12 

implemented, since the current ACCESS billing system cannot bill time-of-use 13 

rates.   14 

Q. What are the proposed changes for the Schedule TOU-R program? 15 

A. The proposed rates for Schedule TOU-R pilot program are the following: 16 

1. Customer Charge: $10.50 per month for Single-Phase Service, and 17 

$18.50 per month for Three-Phase service; 18 

2. Energy Charges:   19 

Time-of-Use Charges 20 

On-Peak Period kWh use        43.2113 ¢/kWh, and 21 

Off-Peak Period kWh use        22.2113 ¢/kWh; 22 

 Usage Charges 23 

 All kWh between 350 – 1,200 kWh per month     1.0 ¢/kWh, and 24 

 All kWh greater than 1,200 kWh per month         2.0 ¢/kWh.  25 
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3. Minimum Charge is $18.50 per month for Single-Phase Service, and 1 

$23.50 for Three-Phase Service; and 2 

4. Time-of-use rating periods are  3 

On-Peak Period:           3:00 p.m. – 8:00 p.m., Daily 4 

Off-Peak Period:  8:00 p.m. – 3:00 p.m., Daily 5 

Q. How did you determine proposed customer charge and minimum charge for the 6 

single-phase service and three-phase service? 7 

A. The proposed customer charges and minimum charges for Single-Phase Service 8 

and for Three-Phase Service are all $1.00 per month higher than the existing 9 

Schedule TOU-R rates.  The $1.00 per month increase mirrors the proposed $1.00 10 

per month increase in Schedule R customer and minimum charges for both single-11 

phase and three-phase service.   12 

Q. How were the proposed time-of-use charges determined?  13 

A. The proposed time-of-use charges are designed to create a greater cost differential 14 

and therefore a greater incentive for customers to move energy consumption off-15 

peak.  The on-peak time of use charge is 17 cents per kWh greater than the sum of 16 

the Schedule R first tier non-fuel energy charge plus the base fuel energy charge.  17 

The off-peak time of use charge is 4 cents per kWh less than the sum of the 18 

Schedule R first tier non-fuel energy charge plus the base fuel energy charge.   19 

Q. How were the usage charges determined?  20 

A. The proposed usage charges are intended to impose the difference between the 21 

non-fuel energy charge tiers in Schedule R on to the Schedule TOU-R rate design.  22 

The difference between the kWh usage tiers is approximately one cent per kWh, 23 

so for Schedule TOU-R customers, a usage charge of 1 cent per kWh is imposed 24 

for usage that would otherwise fall into the second tier on Schedule R, and a usage 25 
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charge of 2 cents per kWh is imposed for usage that would otherwise fall into the 1 

third tier on Schedule R. 2 

Q. How were the proposed time-of-use rating periods for Schedule TOU-R 3 

determined? 4 

A. There were two goals considered in the modification of the on-peak time-of-use 5 

rating periods for the Schedule TOU-R: 1) capture the majority of the evening 6 

peak hour usage and 2) leave some hours to the off-peak where people are 7 

normally awake, in order to allow customers to shift energy uses to the off-peak 8 

hours.  We believe that the choice of the 3pm to 8pm period, daily, accomplishes 9 

both goals. 10 

Schedule TOU-G – Small Commercial Time-of-Use Service 11 

Q. Please describe HECO’s proposed new Schedule TOU-G. 12 

A. HECO proposes to separate the existing Schedule TOU-C into a non-demand 13 

service, the proposed Schedule TOU-G, and a demand service, the proposed 14 

Schedule TOU-J.  The proposed Schedule TOU-G and Schedule TOU-J retain 15 

their respective features from the current Schedule TOU-C.  In addition, the 16 

proposed demand and energy time-of-use rating periods remain the same. 17 

Q. What are the proposed rates for Schedule TOU-G? 18 

A. The proposed rates for Schedule TOU-G are the following: 19 

1. Customer Charge of $32.00 per month for Single-Phase Service and 20 

$61.00 per month for Three-Phase Service – the same as proposed for 21 

Schedule G; 22 

2. The proposed TOU Energy Rates are: 23 

Priority Peak Period    31.2038 ¢/kWh 24 

Mid-Peak Period         28.2038 ¢/kWh 25 

Off-Peak Period          21.2038 ¢/kWh; and  26 
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3. Minimum Charge of $32.00 per month for Single-Phase Service and 1 

$61.00 per month for Three-Phase Service – the same as proposed for 2 

Schedule G. 3 

Q. Please explain how the proposed TOU Energy Rates for Schedule TOU-G are 4 

derived. 5 

A. The determination of the proposed TOU Energy Rates for Schedule TOU-G is the 6 

same as agreed in settlement in Docket No. 2006-0386, HECO’s test year 2007 7 

rate case.  The proposed energy rate for the priority peak period is based on the 8 

proposed energy charge for Schedule G adjusted by 5.0 ¢/kWh; the proposed 9 

energy rate for mid-peak period is based on the proposed energy rate for Schedule 10 

G plus 2.0 ¢/kWh; and the proposed off-peak energy rate is based on the proposed 11 

energy charge for Schedule G adjusted by - 5.0 ¢/kWh.   12 

Schedule TOU-J Commercial Time-of-Use Service 13 

Q. What are the proposed rates for Schedule TOU-J? 14 

A. The proposed rates for Schedule TOU-J are the following: 15 

1. Customer Charge of $70.00 for Single-Phase Service and $100.00 for 16 

Three-Phase Service – the same as proposed for Schedule J; 17 

2. Demand Charge of $21.00 per kW if customer’s maximum demand 18 

occurs during the priority peak period and $14.00 per kW if it occurs 19 

during the mid-peak period; and 20 

3. The proposed TOU Energy Rates are: 21 

Priority Peak Period     25.6269 ¢/kWh 22 

Mid-Peak Period          22.6269 ¢/kWh 23 

Off-Peak Period           18.0000 ¢/kWh. 24 

Q. Please explain the proposed demand charges under Schedule TOU-J. 25 
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A. Like the demand charge under existing Schedule U, the proposed demand charge 1 

under the Demand Service is applied to the customer’s maximum measured kW 2 

demand for the billing period.  The Company is not proposing a demand ratchet in 3 

the determination of the billing demand – the same as in the current effective 4 

Schedule U.  However, the minimum billing demand of 25 kW still applies.  If the 5 

customer’s maximum measured kW demand for the billing period occurs during 6 

the priority peak hours, the priority peak demand charge of $21.00 per kW is 7 

applied.  If the customer’s maximum measured kW demand for the billing period 8 

occurs during the mid-peak hours, the mid-peak demand charge of $14.00 per kW 9 

is applied.   In other words, a customer is charged either the $21.00 per kW 10 

Priority Peak demand charge or the $14.00 per kW Mid-Peak demand charge 11 

based on when the customer’s maximum kW demand occurs.  There is no demand 12 

charge for kW load during the off-peak hours.   13 

Q. How did you determine the priority peak demand charge and the mid-peak 14 

demand charge? 15 

A. The proposed demand charge of $21.00 per kW for the priority peak period is 16 

based on recovering approximately 80% of full unit demand cost for Schedule J.  17 

The proposed demand charge of $14.00 per kW for mid-peak period is the same 18 

as the proposed demand charge for Schedule J.   19 

Q. Are the proposed Schedule TOU-J energy rates derived in the same manner as the 20 

Schedule TOU-G energy rates? 21 

A. Yes.  The proposed Schedule TOU-J energy rates are derived the same way as the 22 

proposed Schedule TOU-G energy rates.  The proposed energy rate for the 23 

priority peak period is based on the proposed energy charge for Schedule J 24 

adjusted by 5.0 ¢/kWh, and the proposed energy rate for mid-peak period is based 25 

on the proposed energy rate for Schedule J plus 2.0 ¢/kWh.  The proposed 26 
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Schedule TOU-J energy rate for the off-peak period, however, is 18.0000 ¢/kWh, 1 

which is set to recover the allocated energy cost for Schedule J, as shown in 2 

HECO-2208.  3 

Schedule SS – Standby Service 4 

Q. Why is HECO proposing to revise the Schedule SS Standby Service rates? 5 

A. As discussed above, HECO is permitted to propose revisions to its Schedule SS 6 

Standby Service based on the test year 2009 cost of service and the methodology 7 

used to determine the Standby Service rates in Docket No. 2006-0497. 8 

Q. What are HECO’s proposed revisions to Schedule SS? 9 

A. HECO proposes to revise the reservation demand charges, daily demand charges 10 

and the backup energy charges, and HECO proposes that these rates will apply to 11 

customers served on Schedule J, proposed Schedule DS, and proposed Schedule 12 

P.  The proposed standby service rates are based on the cost of service filed in this 13 

docket, as shown in HECO-WP-2214, and are as follows: 14 

1.  Proposed Reservation Demand Charge per kW: Schedule J, $7.04 per 15 

kW; Schedule DS, $2.06 per kW; and Schedule P, $7.59 per kW; 16 

2. Proposed Daily Demand Charge per kW: Schedule J, $0.57 per kW; 17 

Schedule DS, $0.64 per kW; and Schedule P, $0.63 per kW; and 18 

3. Proposed Backup Energy Charge per kWh: Schedule J, $0.184 per 19 

kWh; Schedule DS, $0.182 per kWh; and Schedule P, $0.183 per kWh. 20 

Schedule Q – Purchases from Qualifying Facilities 100 kW or Less 21 

Q. What is Schedule Q? 22 

A. Schedule Q applies to customers with small power production facilities with 23 

design capacity of 100 kW or less, qualifying under Chapter 74, Title 6 of the 24 

PUC Rules, and who have a purchased power contract with the Company.  25 

Schedule Q provides the energy rates and energy cost adjustment that the 26 
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Company pays for energy purchased by the Company from the customer, and the 1 

metering charge to the customer for metering, billing and administration of the 2 

purchase power contract. 3 

Q. Are there proposed changes to Schedule Q? 4 

A. Yes.  The following are the proposed changes to Schedule Q: 5 

1. change the Energy Rates for energy delivered to the Company by the 6 

customer from the current 10.63 ¢/kWh to 17.69 ¢/kWh; and  7 

2. modify the Energy Cost Adjustment Clause to reflect the revised 8 

procedures for modifying avoided cost and Schedule Q rates per Decision 9 

and Order No. 24086 in Docket No. 7310. 10 

Q. How was the proposed energy rate of 17.69 ¢/kWh for energy delivered to HECO 11 

determined? 12 

A. The derivation of the Schedule Q payment rate of 17.69 ¢/kWh is presented in 13 

HECO-609, page 2. 14 

Energy Cost Adjustment Clause 15 

Q. What is the Energy Cost Adjustment Clause? 16 

A. The Energy Cost Adjustment Clause (ECAC) is a reconciliation mechanism that 17 

allows the Company to recover or refund the difference between the fuel price 18 

embedded in the base rates and the fuel price that it actually pays.   19 

Q. What are the proposed changes to ECAC? 20 

A. The following are the proposed changes to ECAC: 21 

1. modify the ECAC’s Applicability Clause to add Schedule P, Schedule 22 

DS, Schedule SS, Schedule TOU-G, and Schedule TOU-J, and to delete 23 

Schedule H, Schedule PS, Schedule PP, Schedule PT, and Schedule 24 

TOU-C; 25 
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2. change the base fuel cost for Company generation from the current 1 

869.64 ¢/mbtu to 1,617.81 ¢/mbtu Company composite cost of generation 2 

from central station and other generation; 3 

3. change the Company generation efficiency factor from the current 4 

0.011140 mmbtu/kWh to use four separate efficiency factors, 5 

0.011092 mmbtu/kWh for low sulfur fuel oil (LSFO), 0.024358 6 

mmbtu/kWh for diesel fuel, 0.022909 mmbtu/kWh for biodiesel fuel, and 7 

0.011185 mmbtu/kWh for other company generation sources; 8 

4. change the distributed generation (DG) energy component in the Clause  9 

from the current 14.076 cents per kWh to 24.993 cents per kWh, adjusted 10 

to the sales delivery level and for revenue taxes; and  11 

5. change the base purchased energy cost from the current 5.568 ¢/kWh to 12 

9.481 ¢/kWh. 13 

Q. How are the proposed changes to the above ECAC parameters determined? 14 

A. The proposed changes to the base fuel costs, generation efficiency factors, DG 15 

energy component, and base purchased energy cost are discussed in HECO T-10.  16 

The ECAC calculations are presented in HECO T-10.     17 

Integrated Resource Planning Cost Recovery Provision 18 

Q. What is the Integrated Resource Planning Cost Recovery Provision (“IRP 19 

Clause”)? 20 

A. The IRP Clause is a cost recovery mechanism for the incremental costs incurred 21 

by the Company related to incremental IRP-related activities, and the recovery of 22 

the incremental DSM costs which include program costs (excluding base labor), 23 

revenue taxes, and interest.     24 

Q. Does the Company still require an IRP clause? 25 
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A. Yes.  The Company will have to retain the IRP clause for use in reconciling the 1 

recovery of the 1995-2005 IRP costs that HECO already recovered subject to 2 

refund with interest, with the amounts of such costs that the PUC would ultimately 3 

find reasonable and allow HECO to recover.  Additionally, HECO will also use 4 

the current IRP clause to recover the current incremental DSM program costs, 5 

including related revenue taxes and interest. 6 

Green Pricing Program Provision 7 

Q. What is the Green Pricing Program Provision? 8 

A. The Green Pricing Program Provision is a voluntary fund-raising program that is 9 

open to Island residents and non-residents for purposes of funding the 10 

development of renewable energy facilities on the Island.   The voluntary 11 

contributions received from this Green Pricing Program have been used for such 12 

programs as the Sun Power for Schools Pilot Program which funds the installation 13 

of photovoltaic systems in public schools. 14 

Q. Are there changes proposed to the Green Pricing Program? 15 

A. No. There are no changes proposed to the Green Pricing Program.   16 

Service-Related Charges and Proposed Rule Changes 17 

Q. What are service-related charges? 18 

A. In addition to the rate schedules and riders, there are service-related charges 19 

included in the Company’s Rules that are charged directly to the customers who 20 

caused the costs to be incurred by the utility.  These service-related direct charges 21 

include the Returned Checks Charge, Field Collection Charge, and Service 22 

Establishment Charge specified in the Company’s Rule 7, Sections C, D, and E, 23 

respectively, and the Late Payment Charge in Rule 8, Section D. 24 

Q. Are there any changes to these charges? 25 

A. Yes.  The Company is proposing to: 26 
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increase the Returned Payment Charge from the current $16.00 to $22.00 1 

per returned check or returned payment. 2 

Q. How did you determine the proposed Returned Payment Charge of $22.00 per 3 

returned payment?  4 

A. This is the same proposal that HECO advanced in Docket No. 2006-0386, the 5 

HECO test year 2007 rate case. The proposed Returned Payment Charge of 6 

$22.00 per returned payment is based on the 2003-2004 recorded costs of 7 

processing returned payments.  It reflects the labor processing costs as well as the 8 

non-labor costs including bank charges at estimated 2005 levels.  The supporting 9 

workpapers are presented as HECO-WP-2219. 10 

Power Factor Study 11 

Q. Has HECO performed a power factor study for this docket? 12 

A. Yes, HECO undertook a comparison of power factor costs and revenues related to 13 

power factor costs for the test year 2005 rate case, the test year 2007 rate case, and 14 

the proposed test year 2009 rate case. 15 

Q. How were the power factor costs estimated? 16 

A. Power factor costs were calculated by estimating the revenue requirements of the 17 

costs of providing customer var-hr (“vars”) requirements.  HECO supplies vars 18 

through capacitor banks that are installed on the transmission and distribution 19 

system, and also through generation at the power plants and generation from 20 

independent power producers.  The costs include the installed cost of capacitor 21 

banks on the HECO transmission and distribution system and the cost of fuel and 22 

purchased power energy. 23 

Q. How did HECO estimate the revenue requirements of the capacitor banks?   24 

A. HECO estimated the historical installed cost of the capacitor banks at the end of 25 

2004 and at the end of 2007.  That installed cost was compared to total gross plant 26 
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at the end of those respective years to calculate capacitors as a percentage of gross 1 

plant.  The percentage used for test year 2009 was a simple average of the 2004 2 

and 2007 calculated percentages.  The capacitor percentage of gross plant was 3 

applied to the rate case net plant amount for test years 2005, 2007 and 2009 to get 4 

an estimated rate base amount for capacitors in the respective test years.  The 5 

target rate of return and operating income divisor from the results of operations 6 

were used to calculate the respective estimated test year revenue requirements for 7 

the installed capacitors.  This revenue requirement was divided by test year 8 

estimated kvarhrs for Schedules J, PP, PS, and PT, the rate schedules that have a 9 

power factor adjustment, where we have customers who have kvarhrs metered, to 10 

calculate a capacitor revenue requirement per kvarhr.  See HECO-2217, lines 1 11 

through 8 for these calculations. 12 

Q. How did HECO estimate the revenue requirements of the fuel and purchased 13 

energy used to support the kvarhrs on the HECO system? 14 

A. The fuel expense and purchased power expense from the rate case results of 15 

operations were summed and adjusted upward for revenue taxes.  This revenue 16 

requirement was divided by test year estimated kvarhrs for Schedules J, PP, PS, 17 

and PT, to calculate a fuel and purchased power revenue requirement cost per 18 

kvarhr.  The sum of the capacitor revenue requirement per kvarhr and the fuel and 19 

purchased power revenue requirement per kvarhr is the estimated total power 20 

factor cost in cents per kvarhr.  See HECO-2217, lines 9 through 11 for these 21 

calculations.    22 

Q. What revenues support the power factor costs? 23 

A. HECO customers do not pay for power factor directly but in fact pay for both kW 24 

and kvar, and kWh and kvarhr through the demand and energy charge rates, less 25 

any power factor adjustment applied to those charges.  The sum of the test year 26 
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demand charges, energy charges, and power factor adjustments for Schedules J, 1 

PS, PP, and PT is the customer revenue towards power factor costs.  This 2 

customer revenue for power factor costs is divided by total kvarhr to determine 3 

revenue for power factor in cents per kvarhr, as shown in HECO-2217 lines 12 4 

and 13.    5 

Q. How does HECO assess the comparison of revenue for power factor costs versus 6 

power factor costs? 7 

A. The ratio of revenue for power factor in cents per kvarhr to total power factor cost 8 

in cents per kvarhr, has not varied significantly between the 2005, 2007, and 2009 9 

rate cases, as shown in HECO-2217, line 14.  This shows that even as power 10 

factor costs have varied over time, revenue for power factor costs has adjusted in 11 

relatively the same proportion, neither outstripping nor falling behind power 12 

factor costs.  The conclusion is that a modification to the existing HECO power 13 

factor adjustment is not necessary at this time.  14 

Economic Effects of Net Energy Metering 15 

Q. What is the requirement from Decision and Order No. 24089 in Docket No. 2006-16 

0084 for Net Energy Metering (NEM)? 17 

A. In Decision and Order No. 24089 in Docket No. 2006-0084 where the 18 

Commission approved increases in the NEM limits, the Commission ordered the 19 

utilities to evaluate the economic effects of NEM in future rate case proceedings.  20 

Among others, the utilities were to consider: 21 

1) Revenue Impact of NEM; 22 

2) Impact on non-NEM customers; 23 

3) Impact on Rates; 24 

4) Impact on peak demand 25 

5) Information on projected fuel savings  26 
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6) Foreseeable changes of NEM within the test year. 1 

Q. What is the estimated impact of NEM in TY 2009? 2 

A. HECO’s estimated average TY 2009 impact of NEM is 289 executed NEM 3 

agreements (customers) and 2,043 installed kW.  Schedule R/E accounts for 231 4 

agreements and 586 installed kW, Schedule G for 34 agreements and 496 installed 5 

kW and Schedule J for 24 agreements and 961 installed kW, as shown in HECO-6 

2218, page 1.   7 

Q. How was the impact of NEM in TY 2009 estimated? 8 

 A. HECO estimated the impact of NEM based on an average of agreements and kW 9 

by rate at December 31, 2008 and December 31, 2009.  The estimated December 10 

31, 2008 installations and kW is based on recorded agreements and kW as of May 11 

31, 2008 and applies the percentage growth from the NEM February 2008 PV 12 

Sales Forecast from May 31, 2008 to December 31, 2008 to estimate the number 13 

of agreements and kW at the end of 2008.  The estimated December 31, 2009 14 

installations and kW is derived by applying the percentage growth in the NEM 15 

February 2008 PV Sales Forecast from December 31, 2008 to December 31, 2009 16 

to estimate the increase in installations and kW from December 31, 2008 to 17 

December 31, 2009.   18 

Q. What is the sales impact of NEM? 19 

A. The estimated average TY 2009 sales impact of NEM is 3,382.7 mWh, with 970.2 20 

mWh allocated to Schedule R/E, 821.3 mWh allocated to Schedule G and the 21 

remaining 1,591.2 mWh to Schedule J. 22 

Q. How was the sales impact of NEM estimated? 23 

A. HECO estimated the average TY 2009 sales impact based on the average TY 2009 24 

kW per rate schedule, multiplied by 8760 hours and multiplied by a capacity 25 

factor of 18.9%, based on 5.4 peak sun hours and an energy loss factor of 0.84. 26 
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Q. What is the revenue impact of NEW? 1 

A. The estimated lost revenue impact for TY 2009 is $254,303, $215,212 and 2 

$328,216 for Schedules R/E, G and J respectively, as shown in HECO- 2218, page 3 

2.      4 

Q. How was the revenue impact estimated? 5 

A. HECO’s lost revenue impacts are based on lost energy revenues.  HECO applied 6 

the base energy rates for Schedules R/E, G and J proposed in TY 2009 to the 7 

estimated TY 2009 lost kWh.   8 

Q. What is the impact on non-NEM customers? 9 

A. HECO’s estimate of lost contribution to fixed cost based on average estimated 10 

NEM agreements in TY 2009 is $191,313 ($80,887 Schedule R/E, $67,402 11 

Schedule G and $43,024 Schedule J), as presented in HECO- 2218, page 2.  There 12 

is no bill impact on non-NEM customers until HECO proposes and receives 13 

Commission approval to adjust rates upward to cover the NEM lost contribution 14 

to fixed cost.  At that point, any rate adjustment impacts both NEM customers (to 15 

the extent that they pay for kWh) and non-NEM customers.   16 

Q. How was the lost contribution to fixed cost estimated? 17 

A. HECO calculated the lost production energy revenues by rate and subtracted this 18 

amount from the lost base energy revenues to derive the lost contribution to fixed 19 

cost.  The method used to estimate the production energy revenues applies the TY 20 

2009 production energy rates in HECO-WP-2203 to the lost sales by rate.   21 

Q. What is the impact on rates? 22 

A. As indicated above, there is no impact on rates until the Commission approves a 23 

rate adjustment.  However, the  lost kWh sales, revenues and contribution to fixed 24 

cost has the impact of increasing rates in future rate cases for all customers in the 25 

impacted rate class, including the NEM customer.  HECO estimated that there is 26 
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no impact on Schedule R/E and Schedule J based on the average estimated TY 1 

2009 lost revenues.  The estimated impact on Schedule G is 2 ¢/kWh.  2 

Q. How was the impact on rates estimated? 3 

A. HECO estimated the impact on rates by taking the estimated TY 2009 lost 4 

contribution to fixed cost by rate schedule and dividing by each rate schedule’s 5 

TY 2009 sales, as shown in HECO- 2218, page 2. 6 

Q. What is the impact on system peak demand? 7 

A. HECO does not estimate a NEM impact on system peak demand since the 8 

Company’s system peak occurs during the evening hours.  9 

Q. What is the projected fuel savings of NEM? 10 

A. HECO’s estimated projected fuel savings based on estimated average TY 2009 11 

NEM installations is $581,149.   12 

Q. How was the projected fuel savings estimated? 13 

A. HECO estimated the projected fuel savings by estimating an average fuel expense 14 

of 17.18 ¢/kWhr and multiplying this expense by the estimated lost kWh sales per 15 

year attributable to NEM.  The calculated average fuel expense is based on the 16 

Fuel Oil Purchase expense in the TY 2009 Results of Operations ($809,058 in 17 

thousands) and divided by the TY 2009 Net Generation (4,708.0 mWh).  The 18 

calculation of the Projected Fuel Savings is presented in HECO- 2218, page 3. 19 

Q. What are the foreseeable changes to NEM in the future? 20 

A. HECO filed a NEM Pilot Program in Docket No. 2006-0084, on April 28, 2008, 21 

to evaluate the effects of increasing NEM unit size and system capacity limits 22 

beyond 100 kW and 1% system peak, respectively.  This filed Pilot Program is 23 

still pending a decision.  No other foreseeable changes are predicted for NEM in 24 

test year 2009.  25 

IMPLEMENTATION OF INTERIM RATE INCREASES 26 
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Q. Is HECO requesting interim rate relief in this case? 1 

A. Yes.  As described by Mr. Alm in HECO T-1, HECO requests interim rate relief 2 

for two steps, the Interim Increase and the Campbell Industrial Park (“CIP”) 3 

Combustion Turbine Unit 1 (“CT-1”) Step Increase.   4 

Q. How does HECO propose to implement interim rate increase awards for the 5 

Interim Increase and the CIP CT-1 Step Increase? 6 

A. HECO proposes to implement any interim rate increase awards as a surcharge to 7 

each of the HECO rate classes on a cents per kilowatt-hour basis. 8 

Q. How does HECO propose to calculate the surcharge to rate classes? 9 

A. HECO proposes to calculate two sets of surcharges, one for the Interim Increase 10 

and one for the CIP CT-1 Step Increase.  Each set of surcharges would include a 11 

separate cent per kWh rate for each rate class.  Each set of surcharges would be 12 

calculated in the same manner.  The amount of the interim award would be 13 

compared to the estimate of total revenues at current effective rates to determine 14 

the percentage increase for the interim award.  That percentage increase would 15 

then be applied to the estimate of revenues at current effective rates for each rate 16 

class to determine the interim award dollars to be allocated to each rate class.  The 17 

interim award dollars assigned to a rate class are then divided by the test year 18 

estimate of kWh sales for the class to determine the surcharge in cents per kWh 19 

for each rate class.  The cents per kWh surcharge for each rate class would be 20 

designed to recover the dollar amount of the interim award assigned to that rate 21 

class.   22 

Q. Why is the Company proposing to implement the Interim Increase and the CIP 23 

CT-1 step increase on a cent per kilowatt-hour basis? 24 

A. The Company proposes to implement the Interim Increase and the CIP CT-1 step 25 

increase on a cent per kilowatt-hour basis because of the simplicity of the rate 26 
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design, ease and efficiency of rate administration, and the clarity provided to 1 

customer bills.  As described above, the simplicity of the rate design is that a 2 

single percentage is applied to the filed estimate of revenues and divided by the 3 

filed test year sales, so the interim surcharge for each rate class is a simple 4 

calculation once the award amount is determined.  In terms of rate administration, 5 

the set-up of a per kWh charge simplifies customer billing, facilitates any billing 6 

pro-rations, makes it easier to track amounts collected by customer rate class, and 7 

simplifies any adjustments to interim awards prior to final.  From the customer’s 8 

perspective,  a per kWh charge allows customers to easily confirm that they are  9 

charged the correct amount for the Interim Increase and for the CIP CT-1 step 10 

increase, and customers can more readily forecast their expected electricity cost 11 

for these interim items.    12 

SUMMARY 13 

Q. Please summarize your testimony. 14 

A. My testimony presented the Company’s embedded and marginal energy cost-of-15 

service studies, the basis and determination of the proposed rates, and the 16 

proposed changes to the Company’s tariffs.  In addition to the proposed changes 17 

to the current rate schedules, the Company is also proposing four new rate 18 

schedules – Schedule TOU-G, Schedule TOU-J, Schedule P, Schedule DS, and 19 

one rule change to increase the Returned Payment Charge.  The testimony also 20 

presents the results of the power factor study and responds to the Commission’s 21 

request to evaluate the economic effects of NEM. 22 

Q. Does this complete your testimony? 23 

A. Yes. 24 









































































































HECO T-23 
DOCKET NO. 2008-0083 

 
TESTIMONY OF 

WILLIAM A. BONNET 
 
 

VICE PRESIDENT 
GOVERNMENT AND COMMUNITY AFFAIRS 

HAWAIIAN ELECTRIC COMPANY, INC. 
 
 
 
 

Subject: Results of Operations, including Revenue Requirements,  
Rate Increase Implementation, Alternative Ratemaking 
Structures, and Summary 

 
 



HECO T-23 
DOCKET NO. 2008-0083 

 
 

TABLE OF CONTENTS 
 

INTRODUCTION .......................................................................................................................... 1 

RESULTS OF OPERATIONS ....................................................................................................... 1 

RATE INCREASE IMPLEMENTATION..................................................................................... 6 

ALTERNATIVE RATEMAKING STRUCTURES ...................................................................... 8 

Renewable Portfolio Standards ................................................................................................... 8 

Renewable Energy Infrastructure Program ................................................................................. 9 

Performance Based Ratemaking................................................................................................ 10 

Decoupling................................................................................................................................. 12 

Automatic Adjustment Clauses ................................................................................................. 20 

Interim Rate Increases ............................................................................................................... 22 

Tracking Mechanisms................................................................................................................ 24 

Status of Alternative Ratemaking Structures............................................................................. 25 

SUMMARY.................................................................................................................................. 26 

 

 



HECO T-23 
DOCKET NO. 2008-0083 
PAGE 1 OF 27 
 
 
 

INTRODUCTION 1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

Q. Please state your name and business address. 

A. My name is William A. Bonnet and my business address is 900 Richards Street, 

Honolulu, Hawaii. 

Q. By whom are you employed and in what capacity? 

A. I am Vice President of Government and Community Affairs for Hawaiian Electric 

Company, Inc. (“HECO” or “Company”).  My educational background and 

professional experience are provided in HECO-2300.  

Q. What testimony will you give in HECO T-23? 

A. My testimony in HECO T-23 addresses HECO’s Results of Operations, including 

revenue requirements for test year 2009, proposed implementation of the 

requested increase, and alternative ratemaking structures.  

RESULTS OF OPERATIONS 13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

Q. What revenue requirements are reflected in HECO’s test year 2009 Results of 

Operations? 

A. HECO’s test year 2009 Results of Operations, with the full cost of CIP CT-1 

included, indicate a revenue requirement of $1,964,401,000 (based on April 2008 

fuel oil and purchased energy prices) to produce an 8.81% return on HECO’s test 

year 2009 rate base of $1,407,979,000 at proposed rates, as shown in HECO-

2301.  At “current effective rates”, HECO’s test year 2009 Results of Operations, 

with the full cost of CIP CT-1 included, reflect total operating revenues of 

$1,867,390,000 (based on April 2008 fuel oil and purchased energy prices) for test 

year 2009, or $97,011,000 less than the test year 2009 revenue requirements 

proposed by HECO, as shown in HECO-2301.   
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23 

Q. What does “current effective rates” mean? 

A. “Current effective rates” includes the base rates resulting from HECO’s 2005 test 

year rate case, plus the interim surcharge from HECO’s test year 2007 rate case 

that is currently in effect.   

  On October 22, 2007, the Hawaii Public Utilities Commission 

(“Commission”) issued Interim Decision and Order No. 23749 in Docket No. 

2006-0386, HECO’s test year 2007 rate case, authorizing an interim rate increase 

of $69,997,000 to produce annual revenues of $1,480,454,000.  On June 20, 2008, 

the Commission approved HECO’s request to modify the amount of the interim 

rate increase to $77,867,000 to produce annual revenue requirements of 

$1,480,538,000, and to reflect the lower revenue requirements approved 

concurrently by the Commission for HECO’s test year 2005 rate case.  See, Order 

Granting Hawaiian Electric, Inc.’s Motion to Adjust Interim Increase Filed on 

May 21, 2008, dated June 20, 2008, in Docket No. 2006-0386; and Order 

Approving Hawaiian Electric Company, Inc.’s Revised Tariff Sheets and Rate 

Schedules, Filed on May 21, 2008, dated June 20, 2008, in Docket No. 04-0113.  

 The $84,000 difference in the revenue requirement for the revised test year 

2007 interim increase relative to the revenue requirement for the original test year 

2007 interim increase results from implementation of the Commission’s decision 

to adopt interest synchronization.  The test year 2007 interim rate increase will be 

collected as a percentage of bill surcharge during the interim period from 

October 22, 2007, until the final decision and order is issued in Docket 

No. 2006-0386, HECO’s test year 2007 rate case. 
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Q. What revenue requirements does HECO propose for the Interim Increase? 

A. Revenue requirements of $1,940,454,000 (based on April 2008 fuel oil and 

purchased energy prices), which do not include any 2009 plant additions, O&M 

expenses, or related revenue requirement adjustments for the CIP CT-1 generating 

unit, are proposed to be the basis for the Interim Increase, if the CIP CT-1 Step 

Increase is approved, as shown in HECO-2302. 

Q. What revenue requirements does HECO propose for the Interim Increase, if the 

CIP CT-1 Step Increase is not approved? 

A. Revenue requirements of $1,952,579,000 (based on April 2008 fuel oil and 

purchased energy prices), which includes half of the 2009 plant additions for the 

CIP CT-1 generating unit, O&M expenses, and related revenue requirement 

adjustments for the CIP CT-1 generating unit for the last five months of test year 

2009, are proposed for the Interim Increase, if the CIP CT-1 Step Increase is not 

approved, as shown in HECO-2303. 

Q. What is the proposed rate increase relative to the 2009 test year revenues at 

“present rates”? 

A. The proposed revenue increase over “present rates” is $174,348,000, as shown in 

HECO0-2304.  The test year 2009 revenues at “present rates”, which do not 

include the test year 2007 rate case interim surcharge, are $1,790,053,000 (based 

on April 2008 fuel oil and purchased energy prices), as shown in HECO-2304.  

The difference of $77,337,000 in revenues between “present rates” of 

$1,790,053,000 reflected in HECO-2304 and “current effective rates” of 

1,867,390,000 reflected in HECO-2301, is directly attributable to the test year 

2007 rate case interim surcharge revenues.  Without the test year 2007 rate case 
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interim surcharge revenues, the Company would require an additional 

$174,348,000 to earn the proposed 8.81% return on rate base. 

Q. How much is proposed for the Interim Increase, relative to revenues at present 

rates? 

A. The proposed Interim Increase will be $150,401,000, relative to revenues at 

present rates of $1,790,053,000, if the CIP CT-1 Step Increase is approved, as 

shown in HECO-2305.  If the CIP CT-1 Step Increase is not approved, the Interim 

Increase is proposed to be $162,526,000 relative to revenues at present rates of 

$1,790,053,000, as shown in HECO-2306. 

Q. Are Demand-Side Management (“DSM”) costs included in the Company’s test 

year revenue requirements? 

A. Only DSM costs that are currently being recovered in base rates are included in 

the Company’s test year revenue requirements.  Incremental DSM program costs 

have been removed from the test year.  For the purposes of this proceeding, the 

Company is using the method of cost recovery that is currently in place by which 

DSM program costs currently being recovered in base rates continue to be 

recovered in base rates and incremental DSM program costs currently recovered 

through the DSM surcharge continue to be recovered through that surcharge.  

Mr. Hee provides a detailed discussion of the treatment of DSM program costs in 

the test year in HECO T-10.  

Q. What would HECO’s test year 2009 return on rate base be for ratemaking 

purposes without rate relief? 

A. Without rate relief, HECO’s normalized test year 2009 Results of Operation, with 

the full cost of CIP CT-1 included, indicate a rate of return on rate base of 4.97% 
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based on revenues at current effective rates, and 1.92% based on revenues at 1 

present rates, as shown in HECO-2301 and HECO-2304, respectively. 2 

Q. What rate relief is being sought in this docket? 3 

A. HECO is requesting that the Commission approve rates and charges that are 4 

designed to produce an additional $97,011,000 over total operating revenues of 5 

$1,867,390,000 at current effective rates, an increase of 5.2%, as shown on 6 

HECO-2301.  HECO’s proposed rates and charges are included in HECO-106, 7 

which is attached to Mr. Alm’s testimony, HECO T-1.  HECO’s proposed rate 8 

increases by rate classes for the normalized 2009 test year are shown in 9 

HECO-112.  This exhibit shows revenues at current effective rates, and the total 10 

increase requested in terms of dollars and by percentage.   11 

Q. How much additional operating income will HECO’s proposed rates and charges 12 

produce? 13 

A. The proposed revenue increase over current effective rates will increase HECO’s 14 

estimated test year 2009 operating income by $97,011,000 to produce an 8.81% 15 

return on the test year 2009 rate base of $1,407,979,000 at proposed rates.  16 

HECO’s supporting testimonies, exhibits and workpapers provide justification for 17 

this 8.81% fair return on HECO’s property that is used or useful for public utility 18 

purposes.   19 

Q. How much of the required additional revenues will go towards paying increased 20 

taxes?  21 

A. Approximately 44% of the requested increase in revenues ($42,980,000 of the 22 

proposed $97,011,000 increase over current effective rates) will be used to pay 23 

increased county, state and federal taxes. 24 
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Q. How does HECO propose to implement its proposed rate increase? 

A. HECO proposes to implement the proposed rate increase in three steps:  

1) Interim Increase,  

2) CIP CT-1 Step Increase, and 

3) Final Increase. 

Q. When does HECO request that the proposed Interim Increase be made effective? 

A. HECO requests that it be allowed to implement its proposed Interim Increase as 

soon as practicable.  Based on the process followed in recent rate cases, HECO is 

targeting completion of settlement negotiations in the first quarter of 2009, with 

the evidentiary hearing, if necessary, in the second quarter of 2009.   

Q. What is the statutory requirement for an interim decision? 

A. The statutory requirement for an interim decision, pursuant to section 269-16(c), 

Hawaii Revised Statutes, provides for an interim decision not later than ten 

months after the completed application is filed, if the evidentiary hearing has been 

completed and a final decision has not been issued.  If the evidentiary hearing has 

not been completed at the end of the nine month period since the application was 

filed, and a final decision has not been issued, the interim decision may be 

postponed by thirty days.    

Q. Why does HECO need an interim increase as soon as practicable? 

A. HECO’s test year 2009 Results of Operations show that HECO has a need for a 

rate increase at the beginning of 2009.  Without rate relief, HECO’s will earn a 

4.97% return on its rate base, as shown in HECO-2301.  Therefore, HECO 

requires the requested increase as near to the beginning of the 2009 test year as 

practicable to provide the Company an opportunity to earn the rate of return on 
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rate base authorized by the Commission in this proceeding.  HECO will determine 

the amount that it is requesting in the interim increase when it submits a 

settlement agreement, at the close of the evidentiary hearing, or at the end of the 

ten month plus 30-day period after the completed application was filed, whichever 

occurs first, based on the evidence before the Commission.  If the proposed CIP 

CT-1 Step Increase is approved, HECO proposes to exclude CIP CT-1 generating 

unit 2009 plant additions from the rate base, O&M expenses, and related revenue 

requirement adjustments associated with the CIP CT-1 generating unit, in 

determining the amount of the Interim Increase.  If the proposed CIP CT-1 Step 

Increase is not approved, HECO proposes to include the average rate base for test 

year 2009, which includes half of the CIP CT-1 2009 plant additions, related 

O&M expenses, and related revenue requirement adjustments in determining the 

amount of the Interim Increase.  

Q. When does HECO propose to make the CIP CT-1 Step Increase effective? 

A. The CIP CT-1 Step Increase is proposed to go into effect when the CIP CT-1 

generating unit goes into service, and is thus used or useful for electric utility 

purposes.  The current in service date is expected to be July 31, 2009. 

Q. When does HECO propose to make the Final Increase effective? 

A. The Final Increase would become effective when the final decision and order in 

this docket is issued by the Commission.  For purposes of the application for rate 

relief, the revenue requirements for the Final Increase is $1,964,401,000, as shown 

in HECO-2301.  The amount of the Final Increase will provide for the amount of 

the total requested revenue increase authorized but not included in the Interim 

Increase and the CIP CT-1 Step Increase.   
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Q. What rate design mechanisms does HECO propose to use to implement the 

Interim Increase, the CIP CT-1 Step Increase, and the Final Increase? 

A. HECO proposes that the Interim Increase and the CIP CT-1 Step Increase be 

implemented as surcharges for the various classes based on a per kilowatt-hour 

basis.  HECO requests that the rate design proposed in the application, and 

explained by Mr. Young in HECO T-22, be implemented when the Final Increase 

is authorized.   

ALTERNATIVE RATEMAKING STRUCTURES 8 

9 

10 

11 
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19 

Q. What other regulatory or ratemaking structures besides traditional ratemaking 

could be used to determine rates? 

A. Alternative ratemaking, or incentive ratemaking, includes concepts that may, in 

some form, be viable options to traditional regulation and cost of service 

ratemaking. In Act 95, S.L.H. 2004, as modified by Act 162, S.L.H. 2005, the 

Renewable Portfolio Standards (“RPS”) law directs the Commission, by 

December 31, 2007, to “develop and implement a utility ratemaking structure, 

which may include performance-based ratemaking, to provide incentives that 

encourage Hawaii's electric utility companies to use cost-effective renewable 

energy resources found in Hawaii to meet the renewable portfolio standards 

established in section 269-92 ….”  Section 269-95(1), Hawaii Revised Statutes. 

Renewable Portfolio Standards 20 

21 

22 

23 

24 

Q. What is the status of the Commission’s Renewable Portfolio Standards effort? 

A. In 2004 and 2005, the PUC held workshops to discuss electric utility rate design 

and proposals to implement renewable portfolio standards.  In 2007, the 

Commission opened a proceeding to examine Hawaii’s renewable portfolio 
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standards law, by Order No. 23191, dated January 11, 2007, in Docket 

No. 2007-0008 (“RPS Docket”). 

Q. What was the outcome of the Commission’s RPS Docket? 

A. The Commission issued Decision and Order No. 23912 on December 20, 2007, in 

Docket No. 2007-0008, that adopted a Framework for Renewable Portfolio 

Standards.  The Framework for Renewable Portfolio Standards includes penalty 

provisions, but does not include incentive provisions.  Instead, the Commission 

opened a separate docket to examine the proposed Renewable Energy 

Infrastructure Program. 

Renewable Energy Infrastructure Program 10 
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Q. What is the status of the Commission’s proceeding to examine the Renewable 

Energy Infrastructure Program proposed by HECO, Hawaii Electric Light 

Company, and Maui Electric Company (“the Companies”)? 

A. The Commission opened its proceeding to examine the Renewable Energy 

Infrastructure Program on December 20, 2007, by Order No. 23913, in Docket 

No. 2007-0416, and the proceeding is currently in progress.  Public hearings were 

held by the Commission in May 2008, and simultaneous direct testimony by the 

parties is scheduled to be filed on July 29, 2008.   

Q. What alternative ratemaking structure is proposed as part of the Renewable 

Energy Infrastructure Program? 

A. A surcharge is proposed to recover approved costs that are incurred as part of the 

Renewable Energy Infrastructure Program between rate cases. 
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Q. Why is performance based ratemaking (“PBR”) that is specifically referred to in 

Act 162, S.L.H. 2006, considered to be an alternative ratemaking structure or 

incentive ratemaking? 

A. PBR is an alternative ratemaking structure that includes incentive ratemaking 

features.  The key feature distinguishing incentive regulation from traditional 

cost-of-service regulation is the relationship between the utility's costs and its 

rates.  Traditional regulation places limits on profits as a substitute for the 

downward pressure on prices that exists in competitive markets.  Thus, utility 

rates reflect the cost-of-service plus an allowed return on equity.  Lower costs 

translate into lower rates, although possibly with a lag. 

  Incentive regulation places limitations on price rather than profit, with the 

expectation that utilities will aggressively cut costs in order to maximize their 

return.  This is accomplished by relaxing the tie between a utility's costs and its 

rates.  Lower costs do not automatically translate into dollar-for-dollar reductions 

in rates.  Incentive regulation allows utilities to retain a portion of cost savings as 

an inducement for further cost reductions.  Consumers benefit by sharing in the 

cost savings through lower rates than would otherwise exist under traditional 

regulation. 

  Extending the time frame between rate reviews is another feature of 

incentive regulation.  A longer interval between rate reviews gives the utility 

added incentives to minimize costs and operate more efficiently. 

Q. What is the Companies’ position with respect to PBR? 

A.  The Companies’ Statement of Position in the 1996 Competition Docket, Docket 

No. 96-0493, identified PBR as one of three areas which have the potential to 
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provide many of the benefits of competition, while working within the existing 

regulatory system.  The Companies’ Statement of Position noted that PBR can 

promote economic efficiency by providing incentives to utilities to reduce costs, 

while maintaining or improving the quality of service.  Price increases to 

customers who do not have competitive alternatives (such as residential 

customers) are limited by the price cap mechanism.  At the same time, the utility 

is given the flexibility to charge prices close to marginal costs to customers who 

have competitive alternatives, which also promotes economic efficiency.  

Q. How did the Companies’ pursue its interest in PBR? 

A. On December 31, 1999, the Companies’ submitted an application in Docket 

No. 99-0396 for approval to implement PBR in their respective rate cases 

following the Commission’s final decision in the docket. 

Q. What was the result of the Companies’ PBR proposal? 

A. The Commission rejected the PBR proposal in Order No. 18353, issued 

February 1, 2001, finding that “At this time, the commission declines to change its 

current COS/RR methodology for determining their (Hawaiian Electric 

Company’s) rates. However, this does not preclude Applicant from filing a PBR 

proposal in the future. Accordingly, the commission will dismiss the application 

without prejudice.” 

Q.  What is HECO’s current position with respect to PBR?  

A.  HECO is not proposing to resubmit or revise its PBR application at this time.  

HECO will continue to be an active participant in collaborative workshops 

organized and conducted by the Commission, and look for further Commission 

guidance on the appropriateness of PBR.  
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Q.  What other forms of alternative ratemaking besides PBR have been implemented 

by electric companies in Hawaii and other jurisdictions on the Mainland? 

A.  Decoupling, automatic adjustment clauses, interim rate increases, and tracking 

mechanisms are alternative ratemaking mechanisms that have been implemented 

by electric companies in Hawaii and other jurisdictions on the Mainland.  

Decoupling 6 
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Q.  What is decoupling? 

A.  Decoupling, also called revenue decoupling, refers to separating (decoupling) 

electric revenues from the volume of electricity sales. 

Q.  Have the Companies addressed decoupling in another regulatory proceeding? 

A.  Yes, in the Energy Efficiency Docket, Docket No. 05-0069, the Companies 

summarized its position on decoupling as an alternative to lost margin recovery.  

The Companies agreed with the EPA report1 that the policy decision to separate 

energy sales from revenues requires a more comprehensive examination, and took 

the position that is was not practical for that examination to occur within the 

current scope of the Energy Efficiency Docket.  As noted by the EPA Report, 

decoupling revenue from sales necessarily involves recoupling revenues to 

another factor (presumably one that is related to costs), and the establishment of a 

mechanism to adjust rates for the difference.  While the concept of decoupling is 

relatively straightforward, the mechanics of recoupling revenues to another factor, 

and the implications for customers and the utility, are much more complex.  The 

Companies are open to reviewing some of these considerations in another forum, 

 
1  EPA Review of HECO Interim Demand-Side Management Proposals (Docket No. 05-0069) (“EPA 

Interim Report”), March 3, 2006.  EPA’s Comments on Docket No. 05-0069, issued by the 
Commission, July 26, 2006. 
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and/or in a collaborative working group, but the consideration and implementation 

of a specific decoupling mechanism should be considered by the Commission in a 

future proceeding. 

Q. What is the status of HECO’s consideration of decoupling? 

A. In 2008, HECO has been participating in the Hawaii Clean Energy Initiative 

jointly sponsored by the Hawaii Department of Planning, Economic Development 

& Tourism and the U.S. Department of Energy.  In particular, HECO staff 

attended the workshops to discuss Utility Incentives & Disincentives, sponsored 

by the Commission and the U.S. Department of Energy, which was held in April 

2008.  It is anticipated that the Commission will hold a workshop to discuss 

decoupling, and open a proceeding to consider decoupling. 

Q. What has been the experience with decoupling implemented by electric companies 

in other jurisdictions? 

A. Between 1981 and 1996, California electric companies were very successful in 

implementing revenue decoupling mechanisms using Electric Revenue 

Adjustment Mechanisms (“ERAM”).  See, California Public Utilities Commission 

(“CPUC”) Decision No. 93887, dated December 30, 1981; and CPUC Decision 

No. 82-12-055, dated December 13, 1982; 50 PUR4th 317 (California, 1982).  

The CPUC adopted the ERAM decoupling mechanism because “the establishment 

of a revenue adjustment mechanism is especially important to eliminate any 

disincentives for a utility to promote conservation and to pursue the policies 

enunciated by this Commission on achieving all cost-effective conservation.”  

See, CPUC Decision No. 93887, at page 47.  In addition, the CPUC adopted an 

Attrition Rate Adjustment Mechanism, because “an effective attrition mechanism 

is necessary to enable PG&E to have an opportunity to earn its authorized rate of 
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return in the attrition year.”  See, CPUC Decision No. 93887, at page 48.  The 

ERAM decoupling mechanisms were discontinued in 1996 with California’s 

transition to electric industry restructuring.   

  In the early 1990’s Central Maine Power and Puget Sound Power 

implemented somewhat unsuccessful revenue per customer decoupling 

mechanisms that were both terminated earlier than planned.  See, Maine Public 

Utilities Commission Order dated February 5, 1993, in Docket Nos. 90-085-A, 

90-085-B, 92-174, and 92-346; 141 PUR4th 412 (Maine, 1993); and Washington 

Utilities and Transportation Commission Third Supplemental Order, dated 

September 21, 1995, Docket No. UE-950618; 163 PUR4th 604 (Washington, 

1995).  In approving and adopting a stipulation providing for the termination of an 

electric rate decoupling and resource cost adjustment mechanism known as the 

periodic rate adjustment mechanism (“PRAM”), the Washington Utilities and 

Transportation Commission found that “while the PRAM may have produced 

some positive results for conservation acquisition, it is not demonstrated to have 

been, on balance, an improvement over traditional ratemaking.”  See, 163 PUR4th 

604, at 609. 

Q. What decoupling plans have been implemented more recently? 

A. Decoupling mechanisms have been adopted more recently in California, 

Connecticut, Idaho, Maryland, and New York.  In Vermont, an Alternative 

Regulatory Plan similar to decoupling was approved in 2007.   

Q.   What decoupling mechanisms have been adopted more recently in California? 

A. In California, Pacific Gas & Electric, Pacific Power & Light, Southern California 

Edison, and San Diego Gas & Electric were authorized to implement decoupling 

beginning in the early 2000’s following the end of electric industry restructuring 
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in California.  The recoupling mechanisms for the California electric companies 

are referred to as “post test year ratemaking mechanisms”, and include separate 

annual adjustments for O&M expenses and plant additions for the years between 

rate cases.  Traditionally, the California post test year ratemaking mechanism 

includes an inflation adjustment based on the consumer price index for O&M 

expenses, true ups for recorded capital additions, and a three year rate case cycle.  

See, Southern California Edison test year 2006 general rate case decision, CPUC 

Decision 06-05-016, dated May 11, 2006.  The CPUC found that “Rates for post-

test year 2007 and 2008 could be determined in the same manner as for test year 

2006.  Estimates of sales, revenues, operating expenses, capital additions, and 

capital related revenue requirement can be determined for each of the post-test 

years 2007 and 2008 similar to what is done for test year 2006.  However, this 

would be time consuming and complicated in that it would expand the scope and 

analysis of many aspects of the general rate case by a factor of three (three test 

years versus one test year).  Rather than subjecting post–test years to the same 

scrutiny as test years, the Commission has adopted “attrition” and subsequently 

“post-test year” (PTY) methodologies as substitute measures for determining rates 

for the time period between test years.”  See, CPUC Decision 06-05-016, at page 

300. 

  In Pacific Gas & Electric’s (“PG&E”) test year 2007 general rate case, post 

test year ratemaking adjustments of fixed dollar amounts, with a four year rate 

case cycle were adopted.  See, Pacific Gas & Electric test year 2007 general rate 

case decision, CPUC Decision 07-03-044, dated March 15, 2007.  The CPUC 

described the post test year ratemaking adjustment approved for PG&E as “an 

attrition adjustment (ARA) is an element of the Rate Case Plan that adjusts the 
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utility’s revenues in the second and third years of the typical three-year general 

rate case cycle for the purpose of sustaining the utility’s earnings at an adequate 

level.”  See, CPUC Decision 07-03-044, at page 240.  The CPUC, in approving 

the attrition adjustment included in the Settlement Agreement, stated that “our 

main concern with PG&E’s attrition proposal is that it used an overly complex 

methodology that relied on more than a dozen indices and forecasted capital 

expenditures for hundreds of projects.  As such, PG&E’s proposal was contrary to 

the Commission’s long-standing policy that attrition adjustments should be simple 

and non-controversial.  The Settlement Agreement, by adopting a fixed-amount 

attrition increases, complies with the Commission’s policy.”  See, CPUC Decision 

07-03-044, at page 246. 

  Similarly, in San Diego Gas & Electric’s test year 2008 general rate case, 

the proposed decision provides for post test year ratemaking adjustments of fixed 

dollar amounts, with no true up for recorded capital additions, and a four year rate 

case cycle.  See,  Proposed Decision of ALJ Long, dated June 10, 2008, for San 

Diego Gas & Electric’s test year 2008 general rate case.  The proposed decision 

finds that “When a traditional attrition adjustment is used we make the assumption 

that the underlying expenditures for capital additions and expenses will continue 

on a particular trajectory and we can adjust for an inflation forecast and a rate of 

growth.  We do not delve into the same level of detail that occurs in the test year.  

Adopting a fixed amount for attrition provides more latitude or discretion to the 

companies on how to reasonably use the revenue to provide safe and reliable 

service.”  See, Proposed Decision of ALJ Long, at page 35. 

  In addition to decoupling revenues from sales, and implementing post test 

year ratemaking adjustments, Southern California Edison, PG&E, and San Diego 
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Gas & Electric were authorized to make their respective revenue requirements 

effective at the beginning, or near the beginning, of their respective test years 

through “memorandum accounts”, as is discussed in greater detail below in the 

section relating to tracking mechanisms.  See, CPUC Decision 06-01-020, dated 

January 12, 2006, for Southern California Edison;  CPUC Decision 06-10-033, 

dated October 19, 2006, for PG&E; and CPUC Decision 07-12-053, dated 

December 20, 2007, for San Diego Gas & Electric.  

Q.  What decoupling mechanism has been recently adopted in Connecticut? 

A. In 2006, the Connecticut Department of Public Utility Control (“CDPUC”) 

rejected decoupling and concluded that current practices, which included the 

potential for incentive payments and recovery of lost revenues through a 

conservation and load management adjustment clause, were sufficient to promote 

conservation.  The CDPUC was required by state statute to examine decoupling as 

a means to remove disincentives to the promotion and administration of 

conservation programs by energy distribution utilities.  See, DCPUC Decision 

dated January 18, 2006, Docket No. 05-09-09; 247 PUR4th 387 (Connecticut, 

2006).   

  In its January 18, 2006 decision, the CDPUC referred to several points from 

a  study authored by Christensen Associates Energy Consulting and an Order from 

the Oregon PUC:  

 The Oregon PUC staff raised concerns about any utility’s incentive to 

manage its supply and demand side resources at the least cost while they 

were subject to decoupling mechanisms. 
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 The Oregon PUC  staff noted that conservation activities for two other 

utilities actually decreased while they were subject to decoupling 

mechanisms.  See 247 PUR4th 387, at 399-400. 

  Also, in its 2006 decision, the CDPUC also referred to a Maine PUC report 

regarding Central Maine Power’s experience with decoupling.  The Maine Report 

noted that the consensus was that only a very small portion of the sales decline 

was due to the utility’s conservation efforts; most of it was from lower use by 

ratepayers due to the economic recession.  The Maine Report concluded that “a 

primary question is whether the current regulatory framework is subverting efforts 

to promote conservation and the efficient use of electricity.  The Commission’s 

view is that the current framework does not have this effect.”  See, 247 PUR 4th 

387, at 400. 

  In 2007, the Connecticut legislature enacted a statute that requires the 

CDPUC to implement decoupling of distribution revenues from the volume of 

electricity sales.  See, Connecticut Public Act 07-242.  In its final decision for 

Connecticut Light and Power Company’s test year 2008 rate case, the CDPUC 

rejected the utility’s revenue per customer decoupling proposal, and adopted “rate 

design” decoupling, an option that is included in the Connecticut statute.  The 

statute allows the CDPUC to utilize fixed cost recovery to implement decoupling.  

The CDPUC found it appropriate to continue the movement toward increased 

fixed distribution cost recovery that was begun in 2006.  See, CDPUC Decision 

dated January 28, 2008, Docket No. 07-07-01. 

Q. What decoupling mechanism has been recently adopted in Idaho? 

A. In Idaho, Idaho Power Company implemented a three year decoupling pilot 

program in 2007, using a  Fixed Cost Adjustment mechanism for Residential 
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Service and Small General Service customers for recoupling.  See, Idaho Public 

Utilities Commission Order No. 30267, dated March 12, 2007, in Case 

No. IPC-E-04-15.   

Q. What decoupling mechanisms have been recently adopted in Maryland? 

A. In Maryland, Delmarva Power & Light Company, and Potomac Electric Power 

Company have recently implemented revenue per customer decoupling 

mechanisms as part of their respective Bill Stabilization Adjustments.  The Bill 

Stabilization Adjustments were implemented to mitigate otherwise large rate 

increases which would have resulted due to the end of a ten year price freeze 

instituted as part of electric industry restructuring.  See, Maryland Public Service 

Commission Order No. 81517, dated July 19, 2007, in Case No. 9092, for 

Potomac Electric Power Company; and Order No. 81518, dated July 19, 2007, in 

Case No. 9093, for Delmarva Power and Light Company. 

Q. What decoupling mechanism was recently adopted in New York? 

A. In 2007, the New York Public Service Commission (“NY PSC”) promulgated an 

administrative rule that requires every electric utility in New York to submit a 

decoupling proposal with its rate case application.  See, NY PSC Order Requiring 

Proposals for Revenue Decoupling Mechanisms, dated April 20, 2007, 

Cases 03-E-0640 and 06-G-0746.   

  On March 25, 2008, the NY PSC issued its final decision in Consolidated 

Edison of New York’s (“Con Ed”) rate case that rejected Con Ed’s revenue per 

customer decoupling proposal, and adopted instead, a total class revenue 

approach.  See, NY PSC Order Establishing Rates for Electric Service, dated 

March 25, 2008, Case 07-E-0523; 264 PUR4th 34 (New York, 2008).  In its 

decision, the NY PSC found that “The claim that the Company’s revenue-per-



HECO T-23 
DOCKET NO. 2008-0083 
PAGE 20 OF 27 
 
 
 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

customer approach will over-compensate it, along with the judges’ finding that the 

Company did not identify any economic programs that it would not pursue, lead 

us to reject the revenue-per-customer approach.  In the final analysis, we are not 

persuaded that theoretic economic development arguments overcome the need to 

eliminate or at least mitigate the deleterious effects of gaming and of approving a 

potentially inflated level of revenues per customer.  Accordingly, we are 

approving a total class revenue approach.”   264 PUR4th 34, at 54 (New York, 

2008). 

Q. What was adopted recently in Vermont? 

A. The Vermont Public Service Board adopted the alternative regulation plan 

proposed by Green Mountain Power Company, and rejected the Conservation 

Law Foundation proposal for a full decoupling of sales and earnings.  The Green 

Mountain Power alternative regulation plan has many of the attributes of a 

revenue decoupling mechanism.  The initial step would be a traditional rate case, 

with annual base rate adjustments, quarterly power adjustments, and annual 

earnings reconciliations, over the three year term of the alternative regulatory 

plan.  See, Vermont PSC Order dated December 22, 2006, Docket Nos. 7175 and 

7176.   

Automatic Adjustment Clauses 19 

20 

21 

22 

23 

24 

Q.  Why are automatic adjustment clauses considered to be alternative ratemaking 

mechanisms? 

A.  Although automatic adjustment clauses to recover fuel expenses have been part of 

HECO’s rates for large power customers since as early as 1925, and could 

therefore be considered to be part of traditional ratemaking, automatic adjustment 
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clauses have been used more recently to recover other expenses between rate 

cases, and are therefore considered to be an alternative ratemaking mechanism. 

Q.  What are automatic adjustment clauses? 

A.   Automatic adjustment clauses are mechanisms to recover costs between rate cases 

which are large, often volatile, not easy to forecast, largely beyond the control of 

the utility, and expose the utility to adverse consequences if not accurately 

recovered. 

Q. What statutory authorization is there in Hawaii for automatic adjustment clauses? 

A. Automatic adjustment clauses that are approved by the Commission are expressly 

authorized in Section 269-16(b), Hawaii Revised Statutes. 

Q. What role do automatic adjustment clauses have with decoupling? 

A. To implement decoupling of revenues from sales, an automatic adjustment clause 

is used to reconcile recorded revenues with the utility’s authorized revenue 

requirement between rate cases.  In addition, the recoupling mechanism that is an 

integral part of decoupling is also implemented through an automatic adjustment 

clause to modify rates between rate cases. 

Q. What automatic adjustment clauses are currently included in HECO’s tariff or 

available to HECO? 

A. HECO’s tariff currently includes two automatic adjustment clauses: 

  1)  Energy Cost Adjustment Clause 

  2)  Integrated Resource Plan Cost Recovery Provision 

Q. What other potential automatic adjustment clause mechanism has HECO 

proposed? 

A. HECO, Hawaii Electric Light Company, and Maui Electric Company, have 

proposed a Renewable Energy Infrastructure Surcharge as part of the proposed 
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Renewable Energy Infrastructure Program.  The Renewable Energy Infrastructure 

Program proposal was initially made in the RPS Docket, Docket No. 2007-0008.  

The Commission subsequently opened a new docket to consider the Renewable 

Energy Infrastructure Program proposal, Docket No. 2007-0416, which is 

currently in progress.   

Interim Rate Increases 6 
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Q. What are interim rate increases? 

A. Interim rate increases are rate increases that are authorized prior to the issuance of 

a final decision and order in a rate case.  The purpose of interim rate increases is 

to give the utility a reasonable opportunity to earn its authorized rate of return.  

The interim rate increase is preliminary in nature, and is subject to revision by the 

final decision and order, with any over-collection of revenues subject to refund 

with interest. 

Q. What interim rate increases are authorized by Hawaii public utility law? 

A. In Hawaii, there are two statutory provisions that authorize interim rate increases. 

Q. Section 269-16(d), Hawaii Revised Statutes, provides for interim rate increases 

during the ratemaking process, after the utility has filed its completed application. 

A. An interim rate increase is also expressly authorized pursuant to Section 

269-27.2(d), Hawaii Revised Statutes, subject to Commission approval, if HECO 

enters into a power purchase agreement with a non-fossil fuel producer that 

includes firm capacity payments.  The interim rate increase is implemented by a 

Firm Capacity Surcharge. 

Q. What other jurisdictions on the Mainland use interim rate increases in their rate 

case process? 
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A. The California PUC authorized Southern California Edison, PG&E, and San 

Diego Gas & Electric to make their respective revenue requirements effective at 

the beginning, or near the beginning, of their respective test years through 

“memorandum accounts”.  See, CPUC Decision 06-01-020, dated January 12, 

2006, for Southern California Edison; CPUC Decision 06-10-033, dated October 

19, 2006, for PG&E; and CPUC Decision 07-12-053, dated December 20, 2007, 

for San Diego Gas & Electric.  Although memorandum accounts do not operate 

exactly the same as an interim rate increase, the result of its operation is similar.  

The purpose of the memorandum account is to track the revenue requirement that 

the utility has requested in its general rate case application during the period 

between the effective date of the order authorizing the memorandum account 

(usually the beginning of the test year) and the date a final decision is adopted for 

the general rate case.  The memorandum account balance is transferred to the Base 

Revenue Requirement Balancing Account, and subsequently recovered through 

increased rates.  See Southern California Edison tariff, GRC Revenue 

Requirement Memorandum Account, Cal. PUC Sheet No. 39713-E, effective 

January 12, 2006.  In its order approving a memorandum account for Southern 

California Edison, the CPUC stated that “the Commission objectives (are) to leave 

both ratepayers and shareholders essentially indifferent to the precise date of the 

final decision, to remove incentives for any party to seek or promote delay, and to 

allow sufficient time for review and critical analysis of the record.”  See, CPUC 

Decision 06-01-020, at page 7.  

  In Pacific Gas & Electric’s test year 2007 general rate case, the CPUC 

issued Interim Opinion Authorizing Pacific Gas and Electric Company to Recover 

Its General Rate Case Revenue Requirement Effective on January 1, 2007, 
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Decision 06-10-033, dated October 19, 2006, which finds that “the time consumed 

by the parties’ good faith settlement efforts has made it unlikely that a decision 

that determines PG&E’s 2007 test year GRC revenue requirement can be issued in 

time to implement the adopted revenue requirement on January 1, 2007, as 

requested by PG&E in (its application) and contemplated by the assigned 

Commissioner’s Ruling and Scoping Memo.  Given these circumstances, we 

conclude that it is reasonable to grant PG&E’s unopposed motion to make its 

2007 test year GRC revenue requirement ultimately adopted by the Commission 

effective on January 1, 2007, in the event the Commission issues a final decision 

adopting the revenue requirement after that date.  The revenue requirement 

ultimately adopted by the Commission should include interest, as necessary, to 

keep PG&E, its ratepayers, and other affected parties indifferent to the timing of 

the Commission’s final decision.”  See, CPUC Decision 06-10-033, at pages 3-4.   

Tracking Mechanisms 14 
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Q. What are tracking mechanisms? 

A. Tracking mechanisms are alternative ratemaking structures that authorize the 

utility to keep track of increases and decreases in certain costs/expenses, and to 

include the net amount in revenue requirements in a future rate case. 

Q. What tracking mechanism has been adopted in Hawaii? 

A. In HECO’s test year 2005 rate case, Docket No. 04-0113, the Commission 

approved a pension tracking mechanism.  In Hawaii Electric Light Company’s test 

year 2006 rate case, Docket No. 05-0315, the Commission approved pension and 

OPEB tracking mechanisms.  In HECO’s test year 2007 rate case, Docket No. 

2006-0386, pension and OPEB tracking mechanisms were also approved. 
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Q. What other Mainland jurisdictions use tracking mechanisms in their ratemaking 

process? 

A. The California PUC authorizes utilities to establish “balancing accounts” to track 

certain costs and expenses, and to recover the costs through subsequent rate 

increases.  For example, the purpose of (Southern California Edison’s) Base 

Revenue Requirement Balancing Account, which decouples revenues from sales, 

“ is to record:  1) the difference between SCE’s authorized distribution and 

generation base revenue requirements and recorded revenues from authorized 

distribution and generation rates; and 2) record other authorized and recorded 

costs authorized by the Commission.”  The rate level changes to implement 

recovery of the balancing account revenues is implemented as part of the August 

Energy Resource Recovery Account application.  See, Southern California Edison 

tariff, Cal. PUC Sheet No. 43150-E, effective January 1, 2008; and Cal. PUC 

Sheet No. 40738-E, effective May 22, 2006. 

Status of Alternative Ratemaking Structures 15 
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Q. Please summarize the status of alternative ratemaking structures at HECO, with 

particular attention to this case? 

A. As stated earlier, HECO already employs alternative ratemaking structures in the 

form of automatic adjustment clauses for fuel and purchase power expenses, IRP 

and DSM program expenses; interim rate increases for ratemaking and firm 

capacity payments to nonfossil fuel producers; as well as tracking mechanisms for 

pension and OPEB expenses.  Whether automatic adjustment clauses are to be 

expanded to renewable energy infrastructure costs, or even more broadly to 

incorporate a decoupling mechanism to true up sales revenue to authorized 

revenue requirements, is a matter which the Company must explore in greater 
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depth.  For example, the California Public Utilities Commission utilizes revenue 

decoupling, automatic adjustments clauses, interim rate increases/memorandum 

accounts, and tracking mechanisms/balancing accounts in their ratemaking 

process.  The Company has an urgent need for rate relief.  Thus, policy issues on 

the introduction of broader alternative ratemaking mechanisms in Hawaii should 

be addressed in separate proceedings.  

SUMMARY 7 
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Q. Mr. Bonnet, do you have any concluding remarks? 

A. Yes.  HECO has presented substantial evidence in its 23 written testimonies (with 

exhibits and workpapers) sponsored by 22 different witnesses to support HECO’s 

requested rate increase.  HECO’s Results of Operations, with the full cost of CIP 

CT-1 included, for test year 2009 indicates that a rate increase of $97,011,000 

over revenues at current effective rates is necessary to provide HECO with an 

opportunity to earn a rate of return of 8.81% on its rate base of $1,407,979,000 at 

proposed rates.  

  Adequate and timely rate relief will allow HECO to maintain its financial 

integrity and ability to attract capital for its capital expenditures.  Thus, it is 

essential that the proceeding in this docket progress as expeditiously as possible.  

HECO respectfully requests that the Commission grant: 

 1)  An Interim Increase as soon as practicable, pursuant to Section 269-16(d), 

Hawaii Revised Statutes,  

 2)  A CIP CT-1 Step Increase, when the CIP CT-1 generating unit goes into 

service and becomes used or useful for electric utility purposes, which would 

incorporate the Interim Increase, such that the combined impact of the Interim 
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Increase and the CIP CT-1 Step Increase will yield the requested increase of 

$97,011,000 over current effective rates for test year 2009, and 

 3)  A Final Increase of $97,011,000 over current effective rates for test year 2009, 

as well as approval of the proposed revisions to HECO’s rate schedules and rules 

as submitted by Mr. Young in HECO T-22.  

Q. Does this conclude your testimony? 

A. Yes, it does.  
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Hawaiian Electric Company, Inc.
CIP1 Generating Unit (Full Cost) at Current Effective Rates

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Current Return on
Effective Additional Average
Rates Amount Rate Base

  Electric Sales Revenue 1,862,288 96,891 1,959,179
  Other Operating Revenue 4,487 120 4,607
  Gain on Sale of Land 615 615

TOTAL OPERATING REVENUES 1,867,390 97,011 1,964,401

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 81,500 81,500
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,339 70 1,409
  Customer Service 7,007 7,007
  Administration & General 76,849 76,849

    Operation and Maintenance 1,520,816 70 1,520,886

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 173,011 8,611 181,622
  Interest on Customer Deposits 471 471
  Income Taxes 21,290 34,369 55,659

TOTAL OPERATING EXPENSES 1,797,309 43,050 1,840,359

OPERATING INCOME 70,081 53,961 124,042

AVERAGE RATE BASE 1,408,851 (872) 1,407,979

RATE OF RETURN ON AVERAGE
   RATE BASE 4.97% 8.81%

    HECO-WP-2301 PBase-CT1 Step-curr eff rates.xls  Results 7/1/2008  2:33 PM
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Hawaiian Electric Company, Inc.
Interim Increase (w/o CIP1 Generating Unit) at Curr Effective Rates

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Current Return on
Effective Additional Average
Rates Amount Rate Base

   

  Electric Sales Revenue 1,862,288 72,966 1,935,254
  Other Operating Revenue 4,487 98 4,585
  Gain on Sale of Land 615 615

   

TOTAL OPERATING REVENUES 1,867,390 73,064 1,940,454

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 78,902 78,902
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,339 52 1,391
  Customer Service 7,007 7,007
  Administration & General 76,583 76,583

   

    Operation and Maintenance 1,517,952 52 1,518,004

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 172,924 6,485 179,409
  Interest on Customer Deposits 471 471
  Income Taxes 24,103 25,885 49,988

   

TOTAL OPERATING EXPENSES 1,797,171 32,422 1,829,593

OPERATING INCOME 70,219 40,642 110,861
   

AVERAGE RATE BASE 1,259,012 (657) 1,258,355
   

RATE OF RETURN ON AVERAGE
   RATE BASE 5.58% 8.81%

    HECO-WP-2302 PBase-Interim Step wo CT1- curr eff rates.xls  Results
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Hawaiian Electric Company, Inc.
Base Case at Current Effective Rates

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Current Return on
Effective Additional Average
Rates Amount Rate Base

   

  Electric Sales Revenue 1,862,288 85,080 1,947,368
  Other Operating Revenue 4,487 109 4,596
  Gain on Sale of Land 615 615

   

TOTAL OPERATING REVENUES 1,867,390 85,189 1,952,579

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 80,391 80,391
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,339 61 1,400
  Customer Service 7,007 7,007
  Administration & General 76,708 76,708

   

    Operation and Maintenance 1,519,566 61 1,519,627

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 172,965 7,561 180,526
  Interest on Customer Deposits 471 471
  Income Taxes 22,648 30,181 52,829

   

TOTAL OPERATING EXPENSES 1,797,371 37,803 1,835,174

OPERATING INCOME 70,019 47,386 117,405
   

AVERAGE RATE BASE 1,333,401 (766) 1,332,635
   

RATE OF RETURN ON AVERAGE
   RATE BASE 5.25% 8.81%

    HECO-WP-2303 PBase-curr eff rates.xls  Results 7/1/2008  5:42 PM
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Hawaiian Electric Company, Inc.
CIP1 Generating Unit (Full Cost)

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Return on

Present Additional Average
Rates Amount Rate Base

   

  Electric Sales Revenue 1,785,019 174,160 1,959,179
  Other Operating Revenue 4,419 188 4,607
  Gain on Sale of Land 615 615

   

TOTAL OPERATING REVENUES 1,790,053 174,348 1,964,401

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 81,500 81,500
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,283 125 1,408
  Customer Service 7,007 7,007
  Administration & General 76,849 76,849

   

    Operation and Maintenance 1,520,760 125 1,520,885

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 166,146 15,475 181,621
  Interest on Customer Deposits 471 471
  Income Taxes (6,109) 61,768 55,659

   

TOTAL OPERATING EXPENSES 1,762,989 77,368 1,840,357

OPERATING INCOME 27,064 96,980 124,044
   

AVERAGE RATE BASE 1,409,547 (1,568) 1,407,979
   

RATE OF RETURN ON AVERAGE
   RATE BASE 1.92% 8.81%

    HECO-WP-2304 PBase-CT1 Step.xls  Results 7/1/2008  5:52 PM
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Hawaiian Electric Company, Inc.
Interim Increase (w/o CIP1 Generating Unit)

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Return on

Present Additional Average
Rates Amount Rate Base

   

  Electric Sales Revenue 1,785,019 150,235 1,935,254
  Other Operating Revenue 4,419 166 4,585
  Gain on Sale of Land 615 615

   

TOTAL OPERATING REVENUES 1,790,053 150,401 1,940,454

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 78,902 78,902
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,283 108 1,391
  Customer Service 7,007 7,007
  Administration & General 76,583 76,583

   

    Operation and Maintenance 1,517,896 108 1,518,004

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 166,059 13,349 179,408
  Interest on Customer Deposits 471 471
  Income Taxes (3,296) 53,284 49,988

   

TOTAL OPERATING EXPENSES 1,762,851 66,741 1,829,592

OPERATING INCOME 27,202 83,660 110,862
   

AVERAGE RATE BASE 1,259,708 (1,353) 1,258,355
   

RATE OF RETURN ON AVERAGE
   RATE BASE 2.16% 8.81%

    HECO-WP-2305 PBase-Interim Step wo CT1.xls  Results 7/1/2008  5:54 PM
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Hawaiian Electric Company, Inc.
Base Case

Results of Operations
            2009 Revenue

            ($ Thousands) Requirements
to Produce

   8.81%
Return on

Present Additional Average
Rates Amount Rate Base

   

  Electric Sales Revenue 1,785,019 162,349 1,947,368
  Other Operating Revenue 4,419 177 4,596
  Gain on Sale of Land 615 615

   

TOTAL OPERATING REVENUES 1,790,053 162,526 1,952,579

  Fuel 816,654 816,654
  Purchased Power 477,055 477,055
  Production 80,391 80,391
  Transmission 13,967 13,967
  Distribution 30,491 30,491
  Customer Accounts 15,954 15,954
  Allowance for Uncoll. Accounts 1,283 117 1,400
  Customer Service 7,007 7,007
  Administration & General 76,708 76,708

   

    Operation and Maintenance 1,519,510 117 1,519,627

  Depreciation & Amortization 83,183 83,183
  Amortization of State ITC (1,462) (1,462)
  Taxes Other Than Income 166,100 14,426 180,526
  Interest on Customer Deposits 471 471
  Income Taxes (4,751) 57,580 52,829

   

TOTAL OPERATING EXPENSES 1,763,051 72,123 1,835,174

OPERATING INCOME 27,002 90,403 117,405
   

AVERAGE RATE BASE 1,334,097 (1,461) 1,332,636
   

RATE OF RETURN ON AVERAGE
   RATE BASE 2.02% 8.81%

    HECO-WP-2306 PBase.xls  Results 7/1/2008  5:57 PM
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